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Disclaimer

This book contains numerous recommendations and services. Neither Loyd W. Jones, CWT Consultants, Inc.,
references to specific methods and materials which are nor Qil & Gas Consultants, Inc., its officers and em-
advisory only. Mention of specific trade names, copy- ployees accept any responsibility for the use of the meth-
righted or patented products and services are made as ods and materials discussed herein. Use of the infor-
examples and should not be construed as recommenda- mation is solely at the risk of the user.
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Preface

About This Book

Much of the information presented herein was written
in the form of class manuals for OGCI petroleum train-
ing courses on Corrosion Control and Oilfield Water
Technology. These materials have been revised, updated
and combined to produce this new edition.

Numerous explanations and practical guidelines based
on first hand field and laboratory experience are inciuded
that are not readily available elsewhere. The result is pri-
marily a digest of essential information for a special au-
dience—-oil and gas production personnel. The primary
goal is to provide a basic level of understanding of cor-
rosion and water problems as they exist in production
operations and of the major control procedures that have
evolved within the industry. An impertant side benefit
should be improved ability of the reader to communicate
with suppliers and consultants and to evaluate their rec-
ommendations. It is not an academic scientific treatise
of corrosion and water chemistry,

These goals and objectives developed from extensive

exposure to the special needs of field operations. and en-
gineering personnel. As a group, they generally have lit-
tle time or inclination to study the voluminous and grow-
ing technical literature on corrosion and water. Yet, no
one can argue the fact that more knowledge is needed
by field production personnel. This is especially true since
corrosion and water related problems together are at the
top of the list of vital but generally non-profitable ex-
penditures in petroleum production operations.

The two subjects, corrosion and water technology, are
treated together for two reasons. First, essentially all
corrosion of production equipment occurs in the pres-
ence of liquid water. Therefore, some knowledge of water
properties and reactions is necessary for understanding
how and where corrosion occurs. Although water dis-

posal and injection systems have other difficulties in ad-
dition to corrosion, the same personnel that are respon-
sible for field corrosion control programs must generally
deal with water handling problems aiso. This book is
dedicated to these hard working individuals.

The text is intentionally written in an easy to read style
to encourage the reader to start at the beginning and to
read through to the finish. This approach will provide
answers to the questions most often asked by those new
to the subjects and will help clarify points of confusion
that often persist after some prior training. A compre-
hensive index is provided and cross references are placed
in each section to show the inter-relationship of the var-
ious topics.

To those who may be approaching the study with some
apprehension due to lack of scientific training, the author
would simply offer you encouragement to proceed. The
basic concepts are explained in easy to understand lan-
guage and the practical insights you glean should prove
helpful to you. ‘

It must be pointed out, however, that the methods of
studying and teaching corrosion processes have under-
gone drastic changes, particularly during the last twenty
years. New techniques and instrumentation for electro-
chemical testing have become common place both in the
field and laboratory. Technical articles appearing in so-
called practical jounals and books often contain data that
are derived from test electrode polarization behavior, for
example. While this book is not designed to train cor-
rosion specialists, it does provide a working background
in the electrochemical aspects of corrosion control pro-
cedures. Topics dealing with water and scale chemistry
and microbiclogy are presented in the most practical terms
possible while retaining a reasonable level of scientific
accuracy.
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About the INustrations

Most of the illustrations were designed simply to aug-
ment the written discussion and to help the reader vis-
ualize the concept or the device being described, Details
are purposely limited because ample technical informa-
tion on such things as cathodic protection instruments,
metals, coatings, inhibitors and water treating equipment
are readily available from manufacturers, suppliers and
service companies.

Several of the data plots, such as Figures 1.1-8 and
1.1-10, were created from a file of incidental data ac-
cumulated by the author during research studies for
broader objectives. Additional point values computed from
scattered literature sources were added and best fit curves
were drawn to generate the printed figures. Although the
results are believed to be valid and useful, they should
be considered as practical illustrations rather than rig-
orously derived scientific data. Methods for approximate
calculations of mineral scaling tendencies not otherwise
referenced in Section 2 have similar origins.
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Corrosion Mechanisms
and Influencing Factors

Introduction

The most widely accepted definition of corrosion de-
scribes it as “the deterioration of a material, usually a
metal, by reaction with its environment.” This sounds
simple enough. What is being described is an action, or
more properly, a reaction between at least two things,
for example, a piece of metal and whatever the metal is
exposed to. In this study we will deal primarily with steel
exposed to water. Liquid water is present in all corrosive
situations normally encountered in petroleum production
(see Section 2, Chapter 1 for information on water prop-
erties).

The end result of corrosion may be a hole in the wall
of a flowline or tank, a rough pitted pump plunger, a
cracked drill collar, etc. Many field people tend to think
of corrosion as being the final condition of the failed
item of equipment. The corrosion scientist or engineer
thinks of corrosion as the reactions that cause the failure.
If the reactions can be understood, ways and means to
prevent future failures can be analyzed.

In this first chapter, we will explore the basic mech-
anisms and reactions that take place during the corrosion
process. The discussion is designed to provide a foun-
dation of understanding for all the corrosion control pro-
cedures covered in subsequent chapters. Technical terms
are defined and explained as they are used,

1.01 Corrosion Requires Energy

It is obvious that a length of pipe is simply a piece of
metal with a hole through it. If, after the pipe has been
used awhile, it has two holes through it, then we have
a corrosion situation. How and why did the unwanted
hole get there? To drill a hole through the pipe wall, one
would have had to apply energy from some source. Cor-
rosion also involves energy transfer to create the un-
wanted hole. Where does the energy come from? The

answer is suggested in the definition given previously:
“reaction (of a metal) with its environment.” Both the
metal and the environment can supply energy to promote
the reaction.

1.02 High Energy State of Refined Metals

Corrosion can be considered a natural result of the en-
ergy stored in the metal when it was refined and fabri-
cated. This is illustrated by Figure 1.1-1.

Iron and similar metals exist in nature in the combined
form such as oxides, carbonates or sulfides. The ores are
quite stable and are practically insoluble in ordinary water.
To change the ore form to purer and more useful refined
metals requires energy addition. Therefore, refined met-
als are at a higher energy level or an unnatural state as
compared to native ores. Thus, there is a normal ten-
dency for refined metal to revert back to its combined
form as it occurred in nature. This occurs through re-
action with moisture, carbon dioxide, hydrogen sulfide,
oxygen and other components commonly found in the
atmosphere, soil, water, and process streams.

The various metals have inherently different tenden-
cies to revert to their stable, combined forms. These dif-
ferences are used both in predicting corrosion and in
controlling it. Later we will take a closer look at the
chemical reactivity of various metals and learn to or-
ganize the differences in a useful way.

1.03 Energy Transfer During Aqueous Corrosion

To understand how energy is transferred between a
metal and its environment during the corrosion process,
one needs to be able to visualize the form of the energy.
For the present, the basic unit of energy can be consid-
ered as the electrical charge on the smallest particle of
matter, which is called the electron.

3
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4 Corrosion and Water Technology for Petroleum Producers

PRODUCTS

SMELTING-

FABR{CATION
(ENERGY ADDITION)

STEEL
EQUIPMENT
IRON ORE /&% BE—
374 ENERGY (HIGH
Fe,C03  STATE) ENERGY
CORROSION W\FeSy STATE)

CORROSION
(ENERGY RELEASE)

Figure 1.1-1. Energy cycle of iron.

Electrons are negatively-charged particles that form a
part of all atoms that make up natural elements. Elec-
trons generally do not exist alone and have essentially
no mass. An electron is designated by the letter *e.”
Movement of electrons occurs quite easily through met-
als and this movement is called electricity.

Atoms are the smallest particles of each element and
are made up of a dense positively-charged nucleus sur-
rounded by electrons. When an atom of metal loses one
or more electrons, the residue is called an ion and has
a net positive charge (since some of its negative charges
are missing).

Fe® ~—2e— Fe'™*
(iron atom) (ferrous ion)
Fe® —3e— Fe'*"
(iron atom) (ferric ion)

Positively-charged ions are called cations.

Ngn-metal elements form negatively-charged ions (an-
ions), usually by dissociation of salts or acids in solu-
tion. For example:

H,S —- H" + HS
(hydrogen (hydrogen (suifide ion

sulfide— ion—a —an anion)
an acid) cation)
COZ + Hzo —_— H+ + HCOg_
(carbon  (water) (bicarbonate
dioxide— ion)
an acid)
H,S0, — 2H" + SO,”
(sulfuric (sulfate
acid) ion)
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Corrosion Mechanisms and Influencing Factors

H,O0 > H"+ OH"
(water) (hydroxyl
ion)

NaCl — Na" + CI°
{sodium (sodium (chloride
chloride) ion) ton)

The existence of charged ions in solution in water al-
lows the water to become electrically conductive. The
solution is known as an electrolyte.

Corrosion in a water environment involves energy
transfer by way of (1) electron flow within the metal and
(2) an equal flow of electrical charges by movement of
ions in the electrolyte. For this reason, corrosion is called
an electrochemical process (see also Appendix 1A).

1.04 Characteristics of the Basic Corrosion Cell

The nature of electrochemical corrosion reactions can
be more easily explained with a sketch of a typical cor-
rosion “cell” such as that in Figure .1-2.

Electrochemists refer to the charge transfer between
the metal surface and the electrolyte as half-cell reac-
tions. Being electrical in nature, the half-cell reactions
are governed by the fundamental laws of electricity. These
will be treated in more detail later.

Figure 1.1-2 shows the surface of a piece of steel in
contact with water (electrolyte) containing charged ions.
Metal loss from the surface is occurring at a localized
area called the anode. At the anode, electrically neutral
atoms of iron, Fe°, are going into solution and forming
ferrous ions, Fe™". This happens initially because the
relatively pure iron is at a high energy level and has a
measurable solution potential or tendency to dissolve.

1.05 Anodic Half-Cell Reactions

As cach Fe*™ ion is formed, two negatively-charged
electrons, 2e, are left behind in the metal thus giving it
a small negative charge. The half-cell reaction is:

(a) Fe’— Fe*t + 2e.

The iron atom that gives up its electrons is said to be
oxidized even though oxygen may not be involved.

Continuation of the anodic oxidation (electron loss)
reaction tends to cause accumulation of soluble Fe*™ ions
near the anode surface. If nothing happens to remove the
Fe*™, the anode reaction starts to slow down. Further,
the excess electrons must also be removed from the vi-
cinity of the anode to keep the process going.

In oil producing operations it is common for certain
substances to be present in the water that form insoluble
precipitates with iron, thus removing it from solution.
The most common of these are oxygen, hydrogen sulfide
and carbon dioxide. In solution these gases react with
iron, as indicated on the left side of Figure 1.1-2, to
form hydrated iron oxides or rust (Fe,O, - H;0,), iron
sulfides (FeS,) or iron carbonate (Fe;COs). Soluble iron
ions are thus removed and the anodic reaction continues.

Release of excess electrons in the vicinity of the anode
develops an electrical pressure or porential. This is called
the anodic half-cell potential when it is measured relative
to some other hatf-cell or reference electrode.

1.06 Cathodic Half-Cell Reactions

Due to the developed potential, the excess electrons
flow away from the anode through the metal to a point
where their charge can be neutralized or taken up. The
consumption or gain of electrons in a chemical or elec-
trochemical reaction is called reducrion and the sub-

ELECTRON
FLOW

Fe,03- Hy0y *
Fe Sy | 1/2 09 )
FeCO4y Fe** Fet? Hy 20H
ELECTROLYTE
2" METAL SURFACE
CATHODE

Figure 1.1-2. Representation of the basic corrosion cell.
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6 Corrosion and Water Technology for Petroleum Producers

stance accepting the electrons is said to be reduced. The
site on a metal surface where reduction occurs is called
the cathode and the process involved is the cathodic half-
cell reaction.

Two common cathodic reduction (electron consum-
ing) reactions are depicted in Figure 1.1-2. Dissolved
oxygen is reduced at the cathode to form hydroxyl ions:

b HO0 + '/,0, + 2 — 20H
(water) (oxygen) (electrons) (hydroxyl
ions)

If oxygen is not present but an acid such as H,S or
CQO; is, the dominant cathode reaction is reduction of
hydrogen ions to molecular hydrogen:

(c) 2H" +2— H,.
(hydrogen (hydrogen
ion) gas)

Accumulation of molecular hydrogen gas at the cath-
ode slows down the cathodic process.

1.07 Oxidation—Reduction (Redox) Reactions

It is extremely important that the nature of anodic ox-
idation and cathodic reduction reactions be understood.
The half-cell reactions at the anode are called oxidation
reactions because something is losing or giving up elec-
trons, In reaction (a) of Item 1.03, iron (Fe®) atoms lose
2 electrons to form ferrous ions (Fe* ™). Therefore, the
iron atoms are said to be oxidized. The Fe** ions formed
by oxidation of iron atoms can easily be oxidized still
further. For examPIe, if dissolved oxygen (O, from air)
is present, the Fe™” jons are oxidized to Fe*** jons by
giving up electrons to the oxygen to form iron oxide or
Tust;

(d) 2Fe** + 1Y%, 0, > Fe,0,.
(insoluble
rust)

In Figure 1.1-2, the rust is represented as Fe,Q, - H,O,
which means there is a variable (x) amount of H,Q com-
bined with rust formed in the presence of water. In both
equations (a) and (d) oxidation of iron is occurring be-
cause the iron is giving up electrons.

The rusting of iron is often referred to as oxidation or
oxidation corrosion to distinguish it from other forms of
corrosion that take place when elemental oxygen is nor
present. For example, in air-free water that contains H,S,
the overall corrosion reaction can be represented as:

(e) Fe® + H,S — FeS + H,.

In this example, the iron is oxidized even though O,
is absent. The oxidation step is that of iron going into
solution as Fe*™ ions, which then rapidly combine with
H.S to form inseluble iron (ferrous) sulfide, FeS. Notice

that in this case, the second oxidation step of Fe** con-
verting to Fe* ™ does not occur as it did when O, was
present.

If the electrical oxidation potential (tendency to give
up electrons) is sufficiently high, other oxidation (elec-
tron loss) reactions can occur at anode surfaces. For ex-
ample, two oxygen atoms in water (2H,0) may be ox-
idized at an anode to molecular O, gas by being forced
to give up one electron each. Chloride (C17) ions in salt
water can be similarly oxidized to Cl, gas.

As explained previously, the electrons released by the
anodic oxidation reactions migrate away through the metal
conductor to other locations where they are taken up or
consumed. In equation (b) of Item 1.06 the electrons are
consumed by reaction with elemental oxygen in water to
form hydroxyl ions. In equation (c), electrons are con-
sumed by reaction with hydrogen ions to form hydrogen
gas. Both of these are reduction reactions since electrons
are consumed. Other reduction reactions can occur but
these two are most prevalent in corrosion of oilfield
equipment.

Given all this information, two important definitions
can be established:

1. An anode is the site or electrode where oxidation
(electron loss) reactions occur.

If metal is the substance giving up electrons by dis-
solving and forming ions, corrosion is occurring.

2. A cathode is the site or electrode where reduction
(electron consuming) reactions occur.

Metal is not lost as long as the reduction reactions
predominate.

1.08 Electrical Properties of Corrosion Cells

A corrosion cell consists of two half-cell electrodes
(anode and cathode) immersed in an electrolyte and con-
nected by a metallic path, as depicted schematically in
Figure 1.1-3. The anode and cathode areas (electrodes)
may be on a single piece of metal or they may be two
separate metal items that are electrically connected (cou-
pled) by a conductor. '

Metal ions leave the anode by way of the electrolyte,
and electrons travel from the anode to the cathode by
way of the metallic path. The anode suffers corrosion
artack but the cathode is protected. Very noble (least
reactive) metals such as platinum and some non-metals
such as carbon may function as anodes (sustain oxidation
reactions) without corroding.

The electron current flows as a result of a potential
difference (AE) between the anode and cathode. This po-
tential difference (also called the voltage or electromo-
tive force) resuits from (1) a difference in the electrodes,
(2) a difference in the environments around the elec-
trodes or (3) both.

The amount of current flow in a corrosion cell (and
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thus the amount of corrosion at the anode) depends on
the magnitude of the driving voitage and the total effec-
tive resistance or retardation of current flow in the cell.
The relationship of these units in a simple electrical cir-
cuit composed of metal conductors is expressed by Ohm’s
Law:

E
I=—0orE=1IR
R

in which:
I = current in amperes
E = potential or electromotive force (emf) in volts
R = resistance in ohms.

Note in Figure 1.1-3 that four circuit resistances are rep-
resented. The boundary resistances R; and R, are ac-
tually apparent or effective resistances to current flow
caused by both surface films and retardation of the elec-
trochemical anode and cathode reactions previously dis-
cussed (see Appendix 1A, Item 1A.7). In practical cor-
rosion control procedures, total cell resistance is taken
as the sum of all resistances:

R=R,+R,+ Ry + R,

where: R, = metallic path resistance
(Note: This is usually low and is often ne-
glected)
= electrolyte path resistance
R; = apparent or effective boundary resistance
at the anode
apparent or effective boundary resistance
at the cathode

]
|

R,

fl

1.09 Electrode Potentials and Direction of Current
Flow

The electrode potential difference, AE, between the
anode and cathode is a measure of the driving voltage
available to cause current flow and thus corrosion. Each
of the electrodes exhibit half-cell potentials that are con-
sidered opposite in polarity with respect to each other;
that is, one is positive (+) and the other is negative (—).
By modem convention, the anode in a corrosion cell is
considered to be negative (—) to the cathode (+).

Most practical corrosion literature discusses electrical
current flow from anode to cathode through the electro-
Iyte, This is depicted as “conventional current flow” in
Figure 1.1-3 and the direction is opposite that of the
electron flow in the metal. According to the conven-
tional current flow concept, corrosion occurs where
“current” leaves a metal structure. Where the “current”
re-enters, corrosion is prevented. When reading books
and articles about corrosion, conventional current flow
direction (not electron flow) should be assumed unless
otherwise indicated. ‘

It is most important to remember, however, that the

7

voltage signs (+ or —) of the anodes and cathodes are
purely arbitrary and have meaning only in relation to some
reference voltage. Potentials of both electrodes or half-
cells may be negative (—) to a reference standard. The
one with the lowest negative potential is considered to
be positive in relation to the other. It is the difference
(AE) between the electrode (half cell) potentials that is
most important in corrosion work.

1.10 Polarization of Electrodes

The AE between anode and cathode is not a fixed value
and can change easily. For example, referring again to
Figure 1.1-3, the boundary resistances R, and R, can be
increased by the chemical changes that are taking place
at the surfaces of the anode and cathode electrodes while
corrosion occurs. It was stated earlier (Items 1.05 and
1.06) that accumulation of Fe™* ions near the anode and
H, gas molecules near the cathode tends to reduce cor-
rosion rate. The reduction is related to changes in half-
cell voltages whereby the anode becomes less negative,
the cathode becomes less positive and the difference be-

_ tween the two is reduced. This change in half-cell volt-

age is called polarization. As corrosion progresses, both
the anode and cathode tend to polarize, but not equally.
Due to polarization effects, the voltage difference and
the amount of current flow is diminished. How the po-
larization effect can be forced to reduce corrosion and is

ELECTROLYTE PATH FCR
IONIC CURRENT FLOW

7z

CONVENTIONAL
CURRENT FLOW

ANODE CATHODE
(-} (]
AE
- AMMA—
e —» R " —

METALLIC PATH FOR
ELECTRON CURRINT FLOW

Figure 1.1-3. Schematic representation of a corrosion celf
as an electrical circuit,
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8 Corrosion and Water Technology for Petroleumn Producers

utilized in electronic instruments for measuring corro-
sion rates will be discussed later.

1.11 Corrosion Cells Created by Differences in
Electrodes

In Item 1.08 it was pointed out that the driving force
or voltage in a corrosion cell results from (1) differences
in the anode and cathode electrodes, (2) differences in
their environments, or (3) both conditions simulta-
neously. Condition (1), differences in electrodes, may
be considered the fundamental or initiating cause of metal
corrosion in almost all cases. This results from the fact
that industrial metals are inherently heterogenecus and
variable in composition and physical properties.

On a microscopic scale, ordinary steel is observed to
consist of crystals or grains of relatively pure iron, Fe,
intermixed with iron carbide, Fe;C. Other metais and
metal compounds are also present in various amounts
depending on the grade of steel. Within the steel matrix
there are a variety of small and relatively large inclusicons
of metal oxides and sulfides. The surfaces are usually
coated with miilscale (Fe4O,) or other corrosion prod-
ucts. These differences in compesition create local an-
ode /cathode cells.

The thermal (heat treatment) and mechanical history
of a given piece or area of steel also causes it to be dif-
ferent than other pieces. For example, the body of a joint
of tubing is usually different than that of the collars. High
strength steels show differences in grain structure, chem-
ical composition and physical properties in comparison
with low strength steels. All these factors influence
whether or not a particular piece of steel, or even a given
spot on a piece of steel, becomes anodic and corrodes
in a particular environment.

The underlying reason why a particular metal or some
part of it starts to correde is that its solution potential is
higher than that of something else with which it is in
electrical contact. A grain of pure Fe has a higher so-
lution potential than that of an adjacent particle of Fe,C.
It becomes the anode in a tiny corrosion cell, if both are
immersed in an electrolyte. Similarly, a joint of clean,
new pipe placed in a string of older pipe covered with
corrosion products becomes the anode in a much larger
corrosion cell. A steel coupling placed in a copper line
immediately becomes anodic and indeed will corrode at
a higher than normal rate because it is coupled with the
more cathodic copper.

All of the previous are examples of corrosion induced
by electrode dissimilarities. The name “galvanic corro-
sion” is used to describe this type of attack.

1.12 Tabulations of Relative EMF’s or Solution
" Potentials of Metals

In scientific literature and textbooks dealing with
chemistry, there are tables or listings of various metals

arranged in order of their chemical reactivity or tendency
to corrode. These lists can be used beneficially to help
explain the corrosion process and to help predict which
metals will be more likely to corrode in a given envi-
ronment. However, they can be quite confusing to the
non-specialist and must be used carefully.

Table 1.1-1 was developed especially for this discus-
sion to illustrate the principle of electrode potentials. The
potential values (voltage numbers) are examples using
four different reference electrodes.

The standard solution or oxidation potentials, E,, in
Table 1.1-1 were measured with individual metals in
contact with a standard solution containing ions of the
same metal and under precisely -controlled conditions.
These potential values change with the type, concentra-
tion, and temperature of the solutions to which the met-
als are exposed. For example, the potential of zinc can
move down to below iron in the series when the zinc
and its solution are heated to about $0°C (176°F). Chro-
mium, in the passive state, exhibits a potential that is
less negative or more noble than that of iron.

In general, the reactivity or tendency of metals to cor-
rode decreases down the series. Metals at the top of the
table go into solution relatively easily. Sodium metal,
for example, will combine spontaneously and rapidly with

Table 1.1-1
Relative Single Electrode Potential Values

Approximate Potential in Volts
vs. Various Reference Electrodes

Metal fon EN SCE® Cu/CuS0.™ Ag/AgCr

Sedium Na*® -2.71
Magnesium  Mg** ~2.37 —1.62 —-1.6 -1.1
Magnesium

Alloy (6% Al) -1.6 -1.2
Aluminum AlT+ -1.66 —-09 -0.8 -0.7
Aluminum

Alloy (5% Zn) 1.1 -1.0 ~0.9
Zing Zn** -0.76 —-1.0 -1.0 -09
Chromium Crre+ -0.74
lron Fe** —-0.44 -0.7 -0.6 -0.5
Mild Steel

{rusted) —-021t0 -04 0toc -0.3
Nickel Ni+* -0.25 -0.3
Tin Sn** -0.14
Lead Po* -0.13 ~0.2
Hydrogen H* 0.0
Carbon

(non-metal) +0.3 +0.3
Copper Cu** +0.34 +0.5
Silver Ag* +0.80
Platinum Pt +1.2 +02
Gold Autt +1.5

(1) Standard Oxidation or Solution
Potentials vs. Standard Hydrogen Electrode (SHE)
(2) Saturated Calomel Electrode in Sea Water
(3) Copper/Copper Sulfate Electrode
(4) Siver/Silver Chloride Electrode
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water. In other words, sodium metal corrodes at an ex-
tremely rapid rate compared with iron and other metals
that are lower in the list.

At the bottom of the list, we find platinum and gold.
These metals will not dissolve (that is, will not corrode)
even in most strong acids. The metals at the bottom of
the list are the so-called “noble metals” and are found
in their pure metallic state in nature.

When two different types of metal serve as electrodes
in a corrosion cell, the metal higher in the electromotive
series will generally be anodic and will corrode. The other
metal, the cathode, usually is not harmed. Also, the far-
ther the metals are apart in the series, the greater will
be the voltage of the cell and the greater will be the cor-
rosion tendency when the two metals are electrically
coupled.

A metal high in the series can displace one with a
lower E, from solution. For example, a piece of iron or
nickel placed in a water solution of copper sulfate will
go into the solution in place of the copper, and the cop-
per will precipitate onto the nickel or iron as a metallic
coating. Zinc placed in even a dilute water solution of
a mineral acid will rapidly displace hydrogen (as H, mol-
ecules) from the solution. Note that metals above hy-
drogen in the series have negative E, values while those
below have positive E, values. The standard hydrogen
electrode (SHE) is the reference (see Appendix 1A).

As previously mentioned, the numerical value and po-
larity (+ or — sign) of the electrode potentials given in
Table 1.1-1 only have significance in relation to some
reference standard. For example, in a corrosion cell con-
sisting of an iron electrode and a copper electrode im-
mersed in an electrolyte and connected by a metallic
conductor, the iron is negative (anodic) to the copper and
the initial potential difference (AE) is about 0.78 volts,
calculated as follows:

-0.44 — (+0.34)
(Iron E;) (Copper E;)

= (.78 volts
(AE)

As corrosion progresses the potential difference, AE,
diminishes due to polarization effects.

1.13 Dissimilar Metal Couples

If any two of the metals in the series are electrically
coupled in the same solution, the metal higher in the
series will usually corrode at a higher rate than if it had
been uncoupled. At the same time, the more noble (least
reactive) metal corrodes less rapidly and sometimes not
at all. This is called the galvanic or dissimilar metal ef-
fect. The greater the difference in solution potentials of
the two metals, the more pronounced are these effects.
For this reason metals widely spaced in the series should
not be connected unless it is intended to purposely sac-
rifice one of the active metals such as aluminum, zinc
or magnesium to protect important pieces of equipment.
This sacrificing process is called cathodic protection. It
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is the reason for galvanizing steel and bonding magne-
sium to buried pipe. These practices are discussed in more
detail in Chapter 4 of Section 1.

When dealing with combinations of different metals
(dissimilar metal couples), it is important to know the
effect of electrode size. An iron bolt in a sheet of copper
will corrode very rapidly since all current is concentrated
on the relatively small anode; viz., the current density
is high. When the electrode sizes are reversed (large iron,
small copper), the galvanic effect is spread over the large
anode and the damage is less concentrated.

The data of Figure 1.1-4 illustrates the cathode to an-
ode area effect in an iron/copper couple exposed to aer-
ated 3% NaCl solution. Iron plate exposed alone to the
aerated salt water corroded at about 500 milligrams/square
decimeter/day (mdd). Coupled to a sheet of copper 20
times larger in size, the iron plate corroded at 6000 mdd.
(See Chapter 10, Table 1.10-2, for comparison of cor-
rosion rate expressions.)

Table 1.1-2 was specially prepared for this text as a
practical guide to the corrosion consequences of cou-
pling equipment made of different metals. When con-
sidering combinations of metals, the combinations listed
as NG in Table 1.1-2 should generally not be made. Those
listed as “questionable” can be made where one or the
other metal parts is expendable, viz., can be replaced at
low cost and without hazardous consequences. Combi-
nations listed as “OK” can generally be used satisfac-
torily but the OK listings should not be interpreted as
infallible. The data of Table 1.1-2 are presented only as
a guide and the user must assume all risk of use.

Some of the most common places to find combina-
tions of dissimilar metals in oilfield equipment is in
downhole pumps, wellheads and brine pumps (see Sec-
tion 1, Chapter 7, Item 7.10). In the latter, aluminum
bronze or Ni-Resist pump heads are often mounted on
carbon steel pump bodies. The combination is OK (gal-
vanically) according to Table 1.1-2 if the relative area
of carbon steel (anode) is large. When galvanic (dissim-

7000
6000
- 5000
4000
3000
2000

CORROSION RATE OF IRON, mdd.

1 1 1 1 1 ] 1 ] 1
02 46 8101214 16 1320
RATIO OF AREA OF COPPER TO AREA OF iRON

© Figure 1.1-4. Cathode to anode area effect in ironjcopper
couple exposed to aerated 3% NaCl solution.
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Table 1.1-2

Corrosion and Water Technology for Petroleumn Producers

Dissimilar Metal Corrosion Guide (Probabie effect of coupling two metals in seawater at 25°C)

Secondary Metal
Rel. Al Ni-Resist | Brass or | Copper |80/10 | 70/30 Carbon
Primary Metal | Area™ | Afloys | Cadmium | 1 &2 | Bronze Cu | Cu-Ni | Cu-Ni | 410 SS | 304 SS | 316 SS | Mone! | Steel
Al Alloy S —_ NG NG NG NG NG NG NG NG NG NG NG
E — NG NG NG NG NG NG NG NG NG NG NG
L — ? ? NG NG NG NG NG 7 ? NG ?
Carbon Steel S ? OK NG NG NG NG NG NG NG NG NG —
E NG NG ? NG NG NG NG NG NG NG NG —
L NG OK OK OK OK OK OK OK OK OK OK —
90/10 Cu-Ni S NG NG OK ? ? — NG NG NG NG NG OK
E NG NG NG ? ? — OK NG NG ? ? NG
L NG . NG NG NG NG — OK NG NG OK OK NG
70/30 Cu-Ni S NG NG OK ? ? OK — NG NG NG NG OK
E NG NG NG ? ? OK - NG NG ? ? NG
L NG NG NG NG NG NG - NG NG OK OK NG
Ni-Resist 1 S ? OK — NG NG NG NG NG NG NG NG OK
and 2 E NG NG — NG NG NG NG NG ? OK OK ?
L NG NG _— OK OK OK OK NG OK OK OK NG
Copper 5 NG NG OK 7 — NG NG NG NG NG NG OK
E NG NG NG ? —_ ? ? NG NG NG ? NG
L NG NG NG NG — ? ? NG NG NG OK NG
Brass or s NG NG OK — NG NG NG NG NG NG NG OK
Bronze E NG NG NG — ? ? ? NG NG NG NG NG
L NG NG NG — ? ? ? NG NG NG OK NG
304 SS S ? NG OK NG NG NG NG ? — ? NG OK
E NG NG NG NG NG NG NG NG — NG ? NG
L NG NG NG NG NG NG NG NG — NG ? NG
316 S5 S ? NG oK ? NG OK OK NG ? — NG OK
E NG NG OK ? NG ? ? NG NG — ? NG
L NG NG NG NG NG NG NG NG NG — ? NG
Monel S NG NG oK OK OK OK QK NG ? OK e OK
E NG NG OK NG ? ? ? NG NG ? — NG
L NG NG NG NG NG NG NG NG NG ? — NG

'Relative Area of Primary Metal to Secondary Metai
S = Smail E = About Equal L = Large
Sympol Legend: NG = One metal in couple will corrode
? = Questionable

OK = Neither metal Is likely to corrode because of coupling. However, failure may occur due to other causes.

ilar metal) couples exist and only one part of the equip-
ment is coated, it should be the cathodic metal. Never
coat the anode since current density will be very high at
coating pin holes and concentrated pitting will occur.

Figure 1.1-5 shows severe galvanic corrosion of the
aluminum core of a lightweight free piston used to un-
load salt water in a low pressure gas producing well. The
sharp edge and body of the outer steel casing is not cor-
roded because the steel was the protected cathode in the
dissimilar metal couple.

1.14 Physical Conditions of Metals That Promote
Corrosion

Table 1.1-1 illustrates the large voltage differences that
can exist between two chemically different types of met-

als. However, two pieces of steel with the same chem-
ical composition may form a galvanic corrosion cell if
the physical condition of one is different from the other.
Following are some examples:

1. Metals with different microstructure

Welding causes metal microstructure (grain size)
changes near the weld bead. Unless properly post-
weld heat treated, the heat affected zone (HAZ)
alongside the weld will become anodic either to the
weld itself or to the metal that remained cool. In some
cases, the weld bead corrodes preferentially because
its microstructure differs from the surrounding steel.
Forging and other fabrication or shaping processes
can change the metal grain size. The transition zone
between large and small grain steel usually corrodes
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at a higher than normal rate. For example, the upset
ends of J-55 well tubing often corrodes where the up-
set joins the body. This is prevented by full length
normalizing (heat treatment) after upsetting. More on
heat treatment in Chapter 7 of Section 1.

2. Scratches and abrasions

Scratches or rough abraded areas are anodic to smooth
surfaces. This effect is often seen on sucker rods and
drill pipe. Special handling techniques are used to
minimize this problem.

3. Differential strain

A strained area such as a hammer dent or an inden-
tion left by a pipe wrench will corrode because it is
anodic to surrounding unstrained areas. Again, spe-
cial care should be taken when rminning tubing or sucker
rods.

1.15 Surface Oxide Films and Hydrogen
Overvoltage Effects

Before the study of metal characteristics that affect
corrosion is completed, two other properties that have
great influence should be considered. Fortunately, both
tend to reduce corrosion under proper conditions.

First is passivating surface films. Under oxidizing
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conditions, some metals generate surface films that make
them “passive” or less reactive in the particular envi-
ronment. For example, it can be seen by examining Ta-
ble 1.1-1 that aluminum has a high solution potential and
indeed will corrode sacrifically when coupled with a metal
lower in the electromotive series. However, an uncou-
pled piece of aluminum piaced in neutral aerated water
or soil generally withstands corrosion quite well. Alu-
minum is so reactive, in fact, that it quickly forms a
tenacious protective layer of aluminum oxide on its sur-
face. Some salts such as CaCl; in seawater tend to de-
stroy the film but special aluminum alloys are available
for such service. ‘

The corrosion resistance of steel tubes in boilers is en-
hanced by dense iron oxide films formed at high tem-
perature by reaction of iron with the salt-free water.
Similar resistance to oxidizing acids is achieved by forced
anodic polarization (see Appendix 1A).

Iron alloyed with 13% or more chromium forms the
relatively passive stainless steels. Ternary (three com-
ponent) alloys of iron, chromium (18%) and nickel (8%)
are even more corrosion resistant in oxidizing environ-
ments. When air or other oxidizing: agents are absent,
especially where salts are present, stainless steel may be-

" come active and corrode at a high rate due to loss of

protective films. For example:

Figure 1.1-5. Selective galvanic corrosion of aluminum encased in steel.
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12 Corrosion and Water Technology for Petroleum Producers

Corrosion Rates of 18-8 Stainless steel in 5% H,SO, Acid
at 30°C

Air Free

300 mdd

Air Saturated
2 mdd

The solution potential of 18-8 stainless steel vs. a sat-
urated calome] reference electrode (SCE) in open flow-
ing seawater is near —0.05 volts. Active stainless steel
in poorly aerated water, such as under sludge deposits,
exhibits much more anodic potentials in the order of —0.5
volts and will pit.

Second, it was mentioned previously that metals above
hydrogen in the electromotive series will corrode and
displace hydrogen from solution. For example:

Fc++ + HQS — FeS + H2
Zn+-+ + 2HCI —» ZDC12 + Hz

When a metal corrodes with evolution of hydrogcn
gas on the cathodic surfaces, there is a definite minimum
voltage that must develop in order to plate out the hy-
drogen. If there is not sufficient voltage to plate out the
hydrogen, the corrosion reaction is greatly reduced. Some
metal surfaces require an additional voltage to make the
hydrogen deposit on them. This additional voltage has
been termed overvoltage. The overvoltage of hydrogen
is different for each metal. On platinum it is very low,
0.09 volt; on mercury, it is high, 1.04 volt; overvoltage
on iron is 0.40 volt. These voltage values are measured
at very low current densities (amperes/unit area).

The fact that iron corrodes at a very slow rate in neu-
tral water with no dissolved oxygen, is attributed to the
overvoltage of hydrogen. The effective voltage of the
local cells is so low that hydrogen is generated at only
a slow rate and corrosion is mimimal. Rapid corrosion
and pitting of iron in air-free water can result from other
factors such as growth of sulfide producing bacteria (see
Section 2, Chapter 3).

Overvoltage increases with current density. The ov-
ervoltage of hydrogen on iron changes from 0.40 volt at
a current of 1/1000 amp/cm® to 0.77 volt at | amp/
cm’. Therefore, if the cathodic area is small compared
to the anodic area, current density on it will be relatively
large, causing a high overvoltage of the hydrogen on the
cathodic area. The result may be that the cell will not
have enough voltage to force the hydrogen to platc out
on the cathode. When this is the case, the corrosion re-
action at the anode is also stifled. This effect is part of
the reason why relative size is important in dissimilar
metal couples as indicated in Table 1.1-2. For example,
a small piece of copper (cathode) coupled to a large piece
of iron (anode) will not accelerate corrosion of the iron
very much.

In the case of corrosion of iron or steel in strong acid
solution, overvoltage is of little help. The driving force
(voltage) of the local anode/cathode couples in an acid
environment is high enough that even the hydrogen ov-
ervoltage will not hold back the current. Hydrogen is

evolved steadily and corrosion at the anodic areas pro-
ceeds without interruption. If, however, sodium arsenite
corrosion inhibitor is added to the acid, a layer of me-
tallic arsenic is plated out on the steel surface. Arsenic
has a very high hydrogen overvoltage. Consequently, the
thin film of arsenic metal on the steel surface inhibits
evolution of hydrogen and thus the corrosion. Arsenic
compounds are no longer widely used to inhibit acids
used for oil well stimulation since arsenic poisons the
platinum catalysts used in refineries and is toxic.

1.16 Corrosion Cells Created by Differences in
Electrode Environments

Under Item 1.11 some of the more important aspects
of corrosion initiated by differences in metals were dis-
cussed. The nature and concentration of substances dis-
solved or suspended in the electrolyte are equally im-
portant in understanding and controlling corrosion
processes.

While metal differences often determine the location
of anodes, components of the clectrolyte generally de-
termine thc rate or intensity of the corrosion attack. This
is especially true when a single type of metal such as
steel is exposed to water. Even if the steel is uniform
and homogcneous differences in the electrolyte sur-
rounding various parts of the steel can cause potential
gradients and thus areas of localized corrosion. Follow-
ing are three common cases:

1. Differential Oxygen Concentration

When water containing dissolved oxygen flows through
a steel pipe or the aerated water is held in a steel tank,
OXygen concentration at all parts of the steel surface
is not the same. Any kind of deposit such as sludge
or rust can shield part of the metal and reduce avail-
ability of oxygen to that area. The portion of steel
exposed to water with a Jow oxygen concentration
becomes anodic and corrodes at a faster rate than
connecting portions that have more oxygen available
to them. Corrosion under a rust layer (tubercle) as
depicted in Figure 1.1-6, serves to illustrate the ef-
fect, .

HARD RUST NODULE
OR TUBERCLE

AERATED
WATER

STEEL SURFACE

Figure 1.1-6. Rust tubercle causing a differential oxygen cell.
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Initially a spot on the steel surface starts to corrode
with iron jons going into solution. The Fe** ions move
out into the aerated water and are precipitated as rust.
As the rust deposit accumulates, the area of steel un-
der it is shielded and becomes oxygen deficient or
anaerobic. Corrosion of the spot continues and is ac-
celerated as a result of the electrical potential gradient
between the steel where the pit is developing and the
surrounding unshielded area. The pitting steel is an-
odic while the aerated steel around it is cathodic.
Availability of ample oxygen favors, by mass action,
the cathodic reaction:

H,0 + 5,0, + 2e = 20H" (reduction)
while at the anode:
Fe® — Fe™™ + 2e (electrochemical oxidation)
and
Fe*™ + 20H™ — Fe(OH),

2Fe(OH), + '4,0, — Fe;04 (H,0), rust
. (chemical oxidation)

(Note that hydroxide, OH™, formed at the cathode
can assist in precipitating rust at adjacent anodes).

The latter reactions (precipitation of rust) occur a short
distance away from the metal surface where Fe** ions
contact OH™ ions and oxygen. Migration of the iron
ions away from the vicinity of the pit minimizes an-
odic polarization and thus promotes continued pit
growth. Other types of deposits such as dirt, sand,
bacterial slime or mineral scales can set up similar
differential oxygen cells.

A much larger but similar differential oxygen or aer-
ation cell is illustrated in Figure 1.1-7. The portion
of the pipe exposed to dense clay with little or no
oxygen becomes anodic to other pipe surfaces ex-
posed to loose, aerated soil. In this case, the anodic
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area is relatively small and the cathodic areas are large.
The small anodic area is called an electrical “hot spot”
(see Section 1, Chapter 4, Itemn 4.08).

2. Differential Concentration of Electrolytes
When two portions of metal are immersed in salt so-
lutions of different strength, the one exposed to the
more concentrated solution will generally be the
anode. This effect is particularly important in pro-
moting localization of corrosion in differential aeration
cells in soils.

3. Temperature Differential
A region of higher temperature is anodic to a cooler
region if a more powerful influence is not present.

1.17 Corrosive Agents in the Environment

In oil producing operations, the environmental factors
or agents that promote most of the corrosion are the three
gases:

1. Oxygen O, ;
2. Hydrogen Sulfide H,S ;
3. Carbon Dioxide CO, .

These substances are so important that their mode of
action will be discussed individually. The discussion will
be confined to the case of carbon steel exposed to salt
water that is in equilibrium with gas containing one or
more of the three corrosive gases.

1. Oxygen
Corrosion by oxygen generally occurs in surface
equipment such as water injection systems handling
aerated water or where air contamination of produced
water has been permitted. The latter condition is
prevalent and can cause rapid equipment loss if the
produced water is also sour (contains H,S). For this
reason, air should be totally excluded from water sys-

B e na e o s DM HURCE O R

USANDY SOIL

02 DEFICIENT

DENSE CLAY

'SANDY SOIL

HIGH 02

CORRODED
AREA

Figure 1.1-7. Corrosion on a pipeline due to differential aeration.
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14 Corrosion and Water Technology for Petroleum Producers

tems handling sour water (see Chapter 6 of Section
1.

Oxygen promotes corrosion in two ways. First, it is
a powerful cathode depolarizer, viz., retards cathodic
pelarization. When an acid substance such as H,S or
CO, is present but O, is not, hydrogen gas tends to
form on the cathode, viz.:

Ionization of H,S
(a) H,S — H' + SH™

Cathodic reduction . ‘
M2H" +2 —2H° —» H,

Step 1 Step 2
(atomic (molecular
hydrogen)  hydrogen)

Accumulation of gaseous H, tends to film over and
polarize the cathode. However, if ample O, is pres-
ent, the second step of equation (b) does not occur
and instead:

(c) 2H® + 4,0, = H,0.

Thus, the cathodic reaction and attendant corrosion
is promoted because polarization by H, is minimized
when oxygen is present.

Secondly, the oxygen removes iron by precipitation
of iron oxides at the anode and thus prevents anodic
polarization by Fe™™ jons.

2. Hydrogen Sulfide

H,S is a weak acid but is abundant in oil producing
operations. The acidity, or ability of H,S to generate
H" ions, is indicated by its first jonization constant:

_ HISHT] _
58]

5.7 x 1075,

1

Under standard conditions, each mol of H,S in so-
lution produces only 5.7 X 107% mols of H* ion.
However, as the H* is removed by the cathodic re-
duction reaction (see Item 1.06), more is formed and
hydrogen gas readily appears on steel exposed to air-
Jree water containing H,S in equation (b) previously
given.

The anion, SH™ dissociates further to S~ and H*. The
S~ ion reacts with iron to form the black FeS cor-
rosion product so commonly found.

3. Carbon Dioxide

CO, is a stronger acid than H,S. It combines with
water to form carbonic acid:

COZ + Hzo —r H2C03

which ionizes first to:
H,CO, — H* + HCO;~
the icnization constant for which is:
K, =431 x 107"

The major contribution of CO, in corrosion of pro-
duction equipment is the increase in acidity by H*
ion generation. Its corrosion product, FeCO, (sider-
ite), is often found on the tubing of gas wells. (See
also Chapter 9, Item 9.01).

Photos of corrosion pitting caused by H,S and CO,
appear in Section 1, Item 8.11 and Item 10.06.

1.18 Relative Corrosiveness of O,, CO, and H,S

Figure 1.1-8 shows a comparison of O,, CO, and H,S
with respect to relative corrosiveness under specific con-
ditions. Corrosiveness is defined here as a measure of
corrosion damage at specific concentrations of the cor-
rosive agent in water. The data of Figure 1.1-8 are based
on corrosion rates measured by exposing carbon steel
test specimens to water solutions containing various con-
centrations (parts per million) of each separate gas. Note
that 1 ppm of O; is as corrosive as 100 ppm of H,S or
50 ppm of CO; under the test conditions. At 8 ppm, O,
is roughly 5 times more corrosive than 800 ppm of H,S.
Note also that corrosion rates are directly proportional
to O, concentration, viz., corrosion rate increases or de-
creases in proportion to O, content of the water when
O, is the only corrosive agent present.

This information is given to provide a general idea of
the comparative corrosiveness of the three important gases
on clean steel surfaces at Jow temperature. The data for
0O, correlates reasonably well with overail corrosion rates
measured in the field on steel exposed at low tempera-
tures to neutral aerated salt waters. Corrosion rates at
pits (see Figure 1.1-6) can be several times greater. For
H,S, the laboratory to field data correlation is also fairly
good. The corrosiveness of CO; at low temperature is
quite variable and can fall above or below that of H,S,
depending to a large extent on the bicarbonate (HCO,)
alkafinity of the water (see Section 2, Chapter 1). The
data for CO, shown here is for waters having low (less
than 50 mg/liter) of bicarbonate alkalinity. When al-
kalinity is a few hundred mg/liter, the corrosivity of CO,
at low temperatures is usually lower than that shown here.
In hot high pressure wells producing water and gas rich
in CO,, corrosion can be intense. This will be discussed
in greater detail in Chapters 8 and 9.

It should also be pointed out that combinations of O,
with either H;S or CO, can cause rapid corrosion, even
at low temperatures. Even a trace amount of O, (less
than 0.1 ppm} acts as a cathodic depolarizer as discussed
previously and keeps the corrosion reactions going at a
high rate.

www.iran—-mavad.com

Slgo wigo yele @250




Corrosion Mechanisms and influencing Factors

15

c0,

HzS

I3 1 1

o

(=]

(74}

2 B

=]

oo

o

2 al

[F

o

=

Exbr

gi

@

Q 10}

[+

=]

[ ]

=3 5

=

]

>

o i L L
02 1 2 3
HyS 100 20 300
€0, 50 100 150

DISSOLVED GAS CONCENTRATION IN WATER PHASE, ppm

5 % T8
500 600 700 800
B0 0 B0 400

Figure 1.1-8. Comparative corrosiveness of three common gases in water solutions (25°C, 5-7 day exposure, 2—5 g/liter
NaCl, HCO, alkalinity <50 mg/L—computed from several data sources),

1.19 The Contribution of Dissolved Salts

Salt water is usually considered to be more corrosive
than low salinity or fresh water. However, neutral dis-
solved salts such as sodium chloride (NaCl) or calcium
chloride (CaCl,) are not the primary corroding agents.

They do promote or accelerate corrosion if one or more
of the three corrosive gases (0,, H,S or CO;) are pres-
ent. The effect of the salts is primarily that of reducing
the electrical resistance of the electrolyte (R, of Figure
1.1-3). By lowering total cell resistance, more current
flows at a given potential gradient between anode and
cathode, viz.:

If E is constant, then I is inversely proportional to R
and T (salt water) > I (fresh water).

In low resistivity soils or water, not only is current
flow greater but more distant anodic and cathodic areas
can affect each other and total corrosion is accelerated.

Dissolved salts also have other effects that can be either
good or bad. While they increase the electrical conduc-
tivity of the electrolyte, the salts reduce solubility of dis-
solved gases such as O, as indicated in Figure 1.1-9.

Figure 1.1-10 shows corrosion rates observed on low-
alloy carbon steel test specimens exposed 16 days to ox-
ygen saturated water solutions of neutral (non-acidic) salts.
Maximum corrosion occurred at about three to four weight
percent of salts, which is typically the range of dissolved
salts in seawater,

Chloride salts tend to destroy the passivity of some
stainless steels and can cause them to fail by rapid crack-
ing under tensile stress at temperatures higher than about
80°C (176°F). This effect is called chloride stress crack-
ing (CSC) and will be discussed in more detail in Chap-
ter 7 of this Section.

Chromium steels with less than 22% Cr generally be-
come less resistant to corrosion by H,S and CO, at in-
creasing sodium chloride concentrations.

1.20 Effects of Microorganisms

Accumulations of bacterial slimes, fungi and molds
contribute to corrosion of steel equipment. In oil pro-
ducing operations, the major bacteria-related corrosion
problem is attack by hydrogen sulfide that is generated
by metabolic processes of certain organisms. The most
commeonly found sulfide producers are the Desulfovibrio
species such as Desulfovibrie desulfuricans (see Chapter
3, Section 2). These are referred to as sulfate reducers
because they utilize SO,~ jons from salty waters and form
H,S. To a limited extent, suifide corrosion results from
the H,S generated by species of the genus Clostridia from
organic sulfur compounds. These are theromophilic (fa-
vor elevated temperature) and can be found in the bottom
sludge of heater treaters operating at up to about 75°C
(167°F).

More indirectly, bacterial accumulations or heavy slime
deposits can promote corrosion by creating differential
oxygen cells on steel in aerated waters (see ftem 1.16).
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0, mg/1000 g H,0 AT 5°¢C
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SODIUM CHLORIDE IN EQUILIBRIUM WITH AIR

Figure 1.1-9. Solubility of O, in water solutions of sodium chloride in equilibrium with air.

1.21 Stray and Induced Electrical Currents

In the galvanic or spontaneous corrosion cells that have
been discussed previously, electrical energy flows be-
tween anodes and cathodes through ‘both the metal (by
way of electrons) and the electrolyte (by way of soluble
ions). The electrical current is generated in place when
the corroding metal atoms undergo a chemical change
from electrically neutral atoms to electron deficient ions
(see Item 1.05). Current flow within the cell is propor-
tional to the rate of metal loss. The opposite can also be
stated; that is, corrosion rate is proportional to current
flow.

Corrosion of metal equipment can also be caused by
electrical currents originating from an outside source.
Three common sources of extraneous electrical currents
are:

1. Grounding of electrical equipment such as the motor
of a pumping unit that is grounded to the well casing.

2. Current induced on a pipeline where it passes close
to or under high voltage power transmission lines.

3. Current flow induced between an unprotected struc-
ture such as a pipeline or casing and nearby equip-
ment that is under cathodic protection. This effect is
catled cathodic protection interference and will be
discussed in more detail later (see Chapter 4, Section

1).

When the electrical current originates from an outside

. source the corrosion is called electrolytic attack. Cor-

rosion rate or rate of metal loss is again dependent on
the amount of current flowing. However, a number of
other chemical reactions take place at the anode in ad-
dition to the metal going into solution. This is especially
tru¢ where current density (amperes per unit of anode
area) is very high.

The anodic electrochemical reactions (oxidation) that
take place during electrolytic corrosion are quite com-
plex but electron flow, away from the anode and back

www.iran—-mavad.com

Slgo wigo yele @250




Corrosion Mechanisms and Influencing Factors

mdd mpy
38 T

328 60}

219 40

OVERALL CORROSION RATE

109 20 -

! I ] 1 I
2 4 6 8 10

DISSOLVED SALT CONCENTRATION
% BY WT,

Figure 1.1-10. Corrasion rates of carbon steel in aerated
sait waters. (NaCl 80%, CaCl, 20%, pH 6.5-7.0, 22-25°C).

through the metal, still occurs just as in spontaneous cor-
rosion cells. Conventional electrical current is consid-
ered to be flowing in a direction opposite to that of elec-
tron flow as explained previously (see Figure 1.1-3 and
Item 1.08). Therefore, the mechanism of electrolytic
corrosion can be more easily grasped if the anodic chem-
ical reactions are neglected and the corrosion is ex-
plained by the conventional current flow concept. Sim-
ply stated, corrosion occurs where conventional electrical
current leaves the metal and enters the earth or an elec-
trolyte such as salt water.

The so-called stray currents may be entering the metal
from a grounding bond or may be induced currents as
mentioned previously. Corrosion by stray currents take
place only where the conventional current leaves the
structure to enter the earth or electrolyte, However, local
cell action may be taking place anywhere along the metal
'surface and this damage is in addition to the stray current
effect.
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One ampere of direct (dc) current flowing for one year
from either a large or small area can cause loss of up to
9.1 kilograms (20.1 Ib) of steel.

Metal loss due to alternating (ac) current discharge is
generally only about 1% of this amount. However, the
damage can be serious if the area of ac current discharge
is small. '

Stray current corrosion is usually evidenced by deep
isolated pits with smooth sides resembling dimples in the
metal. The pits are often aligned in a row along the un-
derside of storage tanks or other vessels resting on the
ground. Similar row patterns are occasionally seen along
one side of the exterior of well casing where current
flowing down the well leaves to reenter the earth. Ad-
ditional information on casing corrosion will be given in
Section 1, Chapter 8.

1.22 Concluding Comments

The preceding portions of this chapter provide the ba-
sic knowledge necessary to understand both the electri-
cal and chemical nature of corrosion. From here on, the
text will concentrate on practical control methods and
will demonstrate how each is based on the fundamental
principles just covered.

It should be understood that a large body of scientific
information has been omitted and that which is given is
purposely simplified for clarity and brevity. The science
of corrosion is relatively young and growing rapidly.
Modem theory recognizes that corroding systems are not
at equilibrium and relatively simple instrumentation has
been developed to monitor half-cell potential changes
(polarization) during corrosion under variable condi-
tions,

A condensed outline of some of the more important
elements of corrosion theory is presented in Appendix
1A.. Reading of this section is recommended for those
desiring further insight on corrosion mechanisms and es-
pecially for persons attempting to keep abreast of current
technical literature.

www.iran—-mavad.com

Slgo wigo yele @250




www.iran—-mavad.com

Slgo wigo yele @250




Fundamentals of

Corrosion Prevention
Methods

Introduction

In this section the general nature of the most popular
techniques applied to slow down the COITOSION Process
will be examined. The term “slow down” is used here
because in practice it is almost impossible and usually
not necessary to totally stop corrosion attack. The prin-
cipal objective of corrosion engineering is simply to pro-
tect equipment during its useful life and to do this in the
most economical way possible.

Following is a list of the most practical and time-proven
methods used to combat corrosion in the oil industry:

Corrosion Inhibitors

Plastic and Cement Liners

External Pipe Coatings

Cathodic Protection

All Plastic Tubulars and Tanks

Special Alloys

Special Chemical Treatments and Solids Removal
Removal of Corrosive Gases

Reduction in Temperature and Velocity
Dehydration

Each of these methods will be dealt with in detail as
the discussion progresses. At this point, the functional
nature and how control techniques relate to corrosion
processes will briefly be considered.

2.01 Surface Barriers

The metal surface reactions that occur during corro-
sion can be diminished if the metal is coated with some-
thing that: (a) increases the electrical resistance at the
metal-electrolyte interface, (b} increases either anodic or
cathodic polarization, or both (c) increases hydrogen ov-
ervoltage or (d) reduces diffusion of ions from the elec-
trolyte to the metal.

Two basic types of metal surface barriers are used.
These are:

1. Chemical inhibitors that coat the surface by adsorp-
tion from solution or dispersion in a liquid carrier.
2. Mechanically applied protective coatings.

The barriers on the metal can be visualized as follows:

ADSORBED
(Eﬁﬂﬁﬁé‘s“ ( INALBITOR FILMS

g LA AL ESELEELLLLL

METAL SURFACE

METAL SURFACE

While there are similarities in the ways by which pro-
tective coatings and inhibitor films interfere with and slow
corrosion, there are many differences in them, The coat-
ings are typically organic polymers or metal films and
are much thicker than the inhibitor films. Both generally
separate the metal from the electrolyte and reduce elec-
trical current flow. In general, they primarily affect the
metal surface and do little or nothing to alter or change
the water environment contacting the metal. Water al-
tering chemicals are discussed under Item 2.03.

- 2.02 Removal of Corrosive Agents and

Temperature-Velocity Reduction

It has been pointed out that most of the corrosion in
the oil industry can be traced to the presence of O,, H,S
or CO,. If steps are taken to remove these gases, the
corrosion they cause can be prevented. Methods for re-
moving dissolved gases are covered in Section 1, Chap-
ter 6.
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20 Corrosion and Water Technology for Petroleurn Producers

The corrosivity of these gases in water solution is due
to their chemical and electrochemical reactions with the
metal. Like essentially all chemical reactions, the rate of
reaction is increased by heat. Temperature reduction is,
therefore, a viable means to slow corrosion.

The rate at which the corrosive gases in solution arrive
at the metal surface also governs their ultimate rate of
reaction. Thus, the velocity of the electrolyte relative to
the metal is an important factor and can sometimes be
employed for corrosion control. However, the effect is
not simple since velocity at the surface where the re-
actions occur is not the same as the mass velocity.

In addition to affecting the rate of transport of cor-
rosive agents to metal, velocity becomes important where
solid particles are present. Impingement of solids in a
moving stream scours the metal surface making it more
reactive and may literally abrade away particles of metal.

2.03 Special Chemical Treatments and Solids
Removal

Under this category are treatments to prevent bacterial
growth, use of neutralizers to reduce acidity, scale in-
hibitors and processes to prevent or remove deposits of
suspended solids. All of these are environment altering
techniques.

Biocides retard growth and accumulation of microbial
colonies that promote metal attack by differential aera-
tion cells and generation of H,S.

Sedimentation and filtration of water are beneficial in
corrosion control programs to prevent deposits that pro-
mote local cell action.

Chemicals that inhibit deposition of scale solids can
also help to keep surfaces clean and less susceptable to
localized pitting.

Pigging or scraping of pipelines is a mechanical means
to clean the metal and is often practiced in combination
with the previously listed methods for control of bacte-
ria, scale and solids deposits.

In some situations, neutralizing chemicals such as am-
monia or soda ash can be employed to prevent corrosion
by CO; (carbonic acid) or by spent acids from well stim-
ulation operations.

2.04 Cathodic Protection

Cathodic protection is, as the name implies, a method
by which metal equipment is protected by converting all
of it into a cathode. In effect, cathodic protection makes
steel behave more like a noble metal. This is accom-
plished by reversing or canceling the corrosion current
by imposing a more powerful current from an outside

source, More detail is given on this in Chapter 4 of Sec-
tion 1.

2.05 Special Alloys

Steel is alloyed with other metals such as chromium
and nickel to make it more noble or less susceptable to
attack in specific environments. A protective film, prob-
ably a complex oxide layer, spontaneously forms on these
alloys when oxygen is present.

Electrochemical measurements made under controlled
laboratory conditions demonstrate the electrical proper-
ties (such as half-cell potentials vs. reference electrodes)
of corrosion-resistant alloys exposed to acids or other
agressive media. These polarization diagrams resemble
in many respects the potential shift of ordinary steel un-
der influence of anodic protection (see Appendix 1A).
The comparison is made here simply to convey the con-
cept that in both cases something is being done to alter
the electrochemical properties of metal so that its ten-
dency to corrode is reduced.

2.06 Non-Metallic Materials

Low pressure flowlines and tanks are often con-
structed entirely of plastic materials. Fiberglass rein-
forced polyesters are a popular type. PVC (polyvinyl
chioride) plastic with clay or glass filler is widely used
for low temperature water service as is ABS (acryloni-
trile-butadiene-styrene). While these materials do not
corrode electrochemically as steel does, they do deteri-
orate. The polyesters and epoxy plastics are degraded by
ultraviolet light and should be protected from long ex-
posure to suniight for best service. Heat (temperatures
above approximately 80°C or 170°F) is generally dele-
terious but more heat resistant plastics and laminates are
being developed.

Ceramics and ceramic or glass coatings on steel are
used in specific applications. Ceramic plungers are em-
ployed in pumps handling corrosive waters. More use of
ceramics is anticipated in very corrosive and high-tem-
perature environments.

-

2.07 Dehydration

Gas transported by pipelines is often dehydrated to
prevent condensation of liquid water onto the metal sur-
faces. When no liquid water phase is present, dry H,S,
CO, or 0O, do not corrode steel at temperatures below
about 200°C (390°F). Dehydration is the major defense
against corrosion of gas transmission lines in CQ, injec-
tion operations for enhanced oil recovery (EOR). (See
Section 1, Item 9.01.)
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Chemical Inhibitors

Introduction

Chemical inhibitors have been called the first line of
defense against corrosion in the oil industry. Anyone
working with corrosion control in oil producing opera-
tions should have a good understanding of the chemi-
cals, how they are applied and what can be expected of
them. Specific treating procedures for oilfield inhibitors
are given in Section 1, Item 8.11. Additional chemical
information and a reference list of several inhibitor
chemicals are given in Appendix 2A.

The following discussion is provided to familiarize the
reader with inhibitors in general, with emphasis on the
types most used in production operations.

3.01 The Nature of Corrosion Inhibitors

A great deal of scientific study has been devoted to
inhibitors. However, most of what is known has grown
from trial and error experiments, both in the laboratories
and field, No set of rules, equations, or theories has been
developed to completely guide inhibitor development or
use. The technology of corrosion inhibition is, therefore,
largely an art.

" Only a few generalizations can be made about the ma-

terials and how they work. However, these general con-

cepts which follow, are helpful in dispelling some of their
mystery and to aid an understanding of them.

1. Inhibitors are chemicals that, directly or indirectly,
coat or film a metal surface to protect it from its en-
vironment.

2. Most inhibitors are adsorbed by the metal surface from
a solution or dispersion but some are applied directly
as a coating.

3. Inhibitors are generally cither:

a. reactive (chemically react with the metal or en-
vironment), or
b. adsorptive film formers.

4. The protective films slow the corrosion process by:

a. increasing either anodic or cathodic polarization,
or both;

b. reducing diffusion of ions to the metal surface;

¢. increasing electrical resistance at the metal-elec-
trolyte interface;

d. increasing hydrogen overvoltage (see Section 1,
Item 1.15).

In theoretical discussions of inhibitor behavior, the
compounds are often classified as “anodic” inhibitors or
“cathodic” inhibitors. This distinction is based on lab-
oratory tests that measure anode and cathode polariza-
tion effects under carefully controlled conditions (see
Appendix, Item 1A.8).

The anodic and cathodic inhibitor designations will not
be used here. Instead, they will be discussed in terms of
their composition and behavior as this is more meaning-
ful in field operations.

3.02 Inhibitor Classifications

To learn about the nature and functional behavior of
inhibitor chemicals, it is helpful to group them as:

1. Inorganic,
2. Organic,
-3. Anionic,
4. Cationic.

Inorganic compounds are derived from mineral sources
and usually do not contain carbon in their structures. Or-
ganic inhibitors contain carbon to carbon (~C-C-)
groups in their molecules and are usually derived from
vegetable or animal sources.

1. Imorganic inhibitors are usually crystalline salts such
as sodium chromate, sodium silicate, sodium phosphate
or sodium molybdate. In water solution, these salts sep-
arate to form the positively charged sodium cations (Na™)
and negatively charged anions, viz., chromate (CrQ,"),
silicate (8i0,7), phosphate (PO,”), and molybdate
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22 Corrosion and Water Technology for Petroleum Producers

(MoQ,™). Only the negative anions of these compounds
are involved in reducing metal corrosion. Therefore, these
products are classed as inorganic anionic inhibitors.,

When zinc is used instead of sodium, the zinc cation
(Zn* ") is beneficial and the compounds may be called
inorganic mixed-charge inhibitors. The primary appli-
cation for inorganic anionic and mixed-charge inhibitors
is in cooling waters.

2. Organic anionic inhibitors such as sodium sulfo-
nates and sodium MBT are used in cooling water and
antifreeze solutions. Sodium phosphonates fall into this
class and are useful in cooling water inhibitor prepara-
tions to aid in both corrosion control and prevention of
mineral scale precipitation.

3. Organic cationic inhibitor compounds in their
concentrated forms, are typically oily liquids or wax-like
solids. Their active portions are generally large carbon-
hydrogen (hydrocarbon) chains or rings with positively
charged amine nitrogen groups on one end. The amine
structures can be represented as follows:

R-NH; R,-NH Ri-N [R,N]*
Primary Secondary Tertiary Quaternary

where R represents the hydrocarbon portions of the mol-
ecules. In water or acids the terminal primary, secondary
and tertiary amine groups take on an additional hydrogen
(H") that gives them a net positive or cationic charge.
Quite commonly there are two amine nitrogens present,
one primary and one secondary, located at the end of the

long R Group:
+
+

Pclar amine
groups

Qily hydrocarbon
chain (R}

The molecules are unbalanced or dissymetrical with

one portion being oil soluble or hydrophobic and the other-

being polar or hydrophilic (water loving). Since only part
of the inhibitor molecules are hydrophilic they are said
to be “semi-polar”.

The polar amine groups adsorb to metal and the hy-
drocarbon portion forms an oily water repellant surface
film. Because of their molecular shape (dissymetry), these
materials act as surfactants and can stabilize ¢mulsions
of oil and water.

The long chain amines just described are the active
constituent in most oil field inhibitor compositions (that
will be discussed later in this chapter). “Inhibitors” are
the multi-component mixtures supplied by the chemical
service companies in ready to use form.

3.03 Effect of Ionic Character on Inhibiting Ability

With the information just given on the chemical nature
of inhibitors, some additional generalizations may be
drawn:

1. Most inhibitors used for control of corrosion caused
by dissolved oxygen (O,) are anionic (negatively
charged) ions, either organic or inorganic. They are
relatively ineffective against H,S and CO,.

2. Most products that are effective for controlling cor-
rosion by hydrogen sulfide (H,S) and carbon dioxide
(CO,) are cationic (positively charged) organic sub-
stances, typically long chain amines.

The amine groups adsorb strongly onto iron sulfide
coated metal surfaces and amine inhibitors actually work
best where H,S is present and O, is absent. Amines, es-
pecially the volatile types, chemically react with H,S and
the complex that is formed helps to build the protective
film.

3.04 Characteristics of Oily Amine Inhibitor Films

Most of the non-volatile amine-base oilfield inhibitors
are preferentially oil soluble, viz., they partition be-
tween oil and water phases, typically about 9 to 1. This
is true even if they are water dispersible. Their oily por-
tions are solvated by oil molecules and some of the oil
stays with the amines even after adsorption onto steel.
Thus, the films they form have an oily, water-repellent
character.

Classic adsorption theory dictates that the amines ad-
sorb, or blanket, metal surfaces initially as a film that is
only one molecule thick. This is only about 1 % 1077
mm. However, the films with occluded oil build to such
thicknesses that they become visible and easily detected.

The inhibitor films are so tough and oily that they lu-
bricate rubbing metal parts such as sucker rods sliding
on tubing walls.

Loss or dissipation of the adsorbed film is primarily
a function of time, temperature and the concentration of
inhibitos in fluids contacting the metal surface. When
concentration in the produced fluids declines between in-
termittent applications, the film tends to desorb and go
back into solution. Time required for film loss can be as
short as a few hours at 160°C (320°F) or higher to as
long as one or two weeks at 50°C (120°F) in producing
oil wells. Film life in gas wells can be six months or
longer where liquid production is low.

A general misconception exists in the industry as to
the effects of fluid velocity on film life of oily amine
inhibitors. It is generally known that untreared corrosion
rates, without inhibitor, tend to increase with in-
creasing mass flow velocity through tubulars. Conse-
quently it is commonly assumed that when some “critical”
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velocity is exceeded, the inhibitor film will be swept away.
However, research has shown that in flowing gas streams
with entrained water, inhibitor films are not disrupted at
mass velocities up to 100 ft (30 m)/sec. Curve “A” of
Figure 1.3-1 illustrates the increase in untreated corro-
sion rates at high velocity in a wet sour gas. No loss of
inhibitor film occurred in these tests at flow velocities
up to 60 ft (18.3 m)/sec.

It should be noted, however, that abrasion by high ve-
locity solid particles can tear away the films. This is often
evidenced by corrosion-erosion on tube turns or elbows
where solid particles impinge (Section 1, Item 7.12).

Concerning temperature effects, it has been demon-
strated that the imidazoline compounds are generally more
thermally stable than the mixed charge amine-acid salts
and perform better at high (>125°C or 260°F) temper-
atures (see Appendix 2A).

3.05 Water Soluble and Volatile Amine Inhibitors

Low molecular weight alkyl (straight chain)} and some
cyclic amines are used as inhibitors in the absence of
oxygen. Their volatility makes themn usefui for treatment
of gas streams and vapor spaces in well casings. The
films they form are not so tenacious as that of the oily,
high molecular weight amines discussed previously.
Consequently they must be replenished more often or
even continuously.

In general, the lower alkyl amines such as diethylam-
ine, (C,H;),NH, are more effective than the volatile cyclic
amines for control of H,S corrosion. The alkyl amines
are alkaline, but due to complexing with H,S and film
formation, the amount of amine required for inhibition

IIAII

CORROSION RATE

[N (_ ugn

1] 1 I ] ] ]
0 10 2 30 40 50 &0

GAS VELOCITY FT/SEC.

Figure 1.3-1. Corrosion of carbon steel in a flowing sour gas
(10 vol % H,S/CO,) stream with entrained water. Temper-
ature: 107°C, pressure: 1500 psig. Curve A: No inhibitor.
Curve B: Metal filmed prior to each 24 test with 10% oil
solution of imidazoline inhibitor.
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i$ Jess than that required to neutralize all the acid gases
(H,S and CO,) present.

Volatile cyclic amines such as morpholine and cy-
clohexylamine are used to inhibit CO, corrosion in steam
condensate systems. They perform primarily as acid
neutralizers. High molecular weight filming amines are
also used for this service.

Certain non-volatile water soluble amines are true film
formers (by adsorption). Most of these are the quater-
nary ammonium chlorides:

[R.NJ™ - [C1]".

Due to their water solubility, these chemicals gener-
ally have short film life. They are often used as biocides.
Some high molecular weight water soluble quaternaries
are applied by continuous treatment for corrosion control
in high temperature wells (Section 1, Item 8.11d).

3.06 Formulations of Qil Field Inhibitors

As stated, most of the inhibitor compositions prepared
for the oil producing industry are based on the high mo-
lecular weight amines, typically the imidazolines or
amine/acid salts (Appendix 2A).

To prepare field strength formulations, the amine base
is commonly diluted with an aromatic solvent and al-
cohol is added to the lower pour point. The active amine
base content is usually 20 to 40% by weight. The final
mixture is usually oil soluble.

By adding emulsifiers, the oil soluble mixture is also
given the ability to disperse temporarily into water. This
helps to distribute the inhibitor into both the oil and water
phases of producing wells.

In addition to emulsifiers added for water dispersibil-
ity, demulsifier compounds are used to help prevent sta-
ble emulsion formation. The additives for preventing
creation of stable curdy emulsions are important for in-
hibitor effectiveness and also to avoid production upsets.

Many inhibitor blenders go a step further and prepare
three phase treating compositions by blending (1) the oil-
soluble amine base, (2) emulsifiers for water dispersi-
bility and (3) a volatile low molecular weight amine for
gas phase treatment (these are called dual phase inhibi-
tors).

Water-soluble inhibitors such as the quaternary am-
monium chlorides are generally supplied in an alcohol-
water solution. These are often sold as combination cor-
rosion infribitors and biocides. The water-soluble qua-
ternaries generally do not stablize emulsions and do not
require demulsifier additives.

Combinations of corrosion and mineral scale inhibi-
tors have been formulated for oil production use where
both problems coexist. These are generally not highly
effective and it is usually best to apply separate treat-
ments where corrosion and scaling problems are severe,
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24 Corrosion and Water Technology for Petroleum Producers

3.07 General Principles of Inhibitor Application

The following general concepts and guidelines are
helpful in planning all types of inhibitor treatments, (See
Section 1, Item 8.11 for details on oilfield inhibitor ap-
plications.}

1. Determine the chemical nature and solubility char-
acteristics of the inhibitors being considered. Do not
think of the products only in terms of their trade names
or numbers. Each inhibitor supplier should be re-
quired to provide data showing that his product is
suitable for the systems to be treated.

2. The inhibitor must be able to contact the metal to be
protected to be effective. This means the product must
be soluble or dispersible in the fluid contacting the
metal and must be applied in such a way that it can
reach all the surfaces.

3. The concentration must be correct for the use con-
ditions. This is determined most accurately by field
trials.

4. Always initiate treatment with a high starting con-
centration that conditions the metal surfaces and then
reduce to the required continuous treating level or
frequency of batch application. This general practice
is recommended for all inhibitors, whether water or
oil soluble,

Intermittent or batch-type treatment with filming amine
inhibitors is made possible by the persistency of the ad-
sorbed films. An important point here is that the long
lasting films must be laid down initially from a solution
or dispersion that contains a high concentration of in-
hibitor.. Some literature -sources indicate that about 1000
ppm (or mg/L) of inhibitor is adequate for good film
deposition. However, 3000 to 5000 ppm (0.3 to 0.5 vol-
ume percent) is recommended as the minimum batch
treatment concentration. No increase in film life is ob-
tained by using batch concentrations greater than about
10,000 ppm (1 vol %).

Once formed, the adsorbed film remains protective for
a period of time depending on conditions, as discussed
under Item 3.04. The film can be kept intact and pro-
tective if the fluids passing over it contains a small con-
tinuous concentration of inhibitor. Typically, 5 to 30 ppm
continuous inhibitor concentration is all that is required
for film maintenance. However, the initial film forma-
tion will not be achieved if only the low (5 to 30 ppm)
concentrations are used without benefit of the initial slug
or batch treatment. Several frequent batch treatments ini-
tially can provide even better establishment of the film
and this should be done whenever economics permit.

Figure 1.3-2 illustrates the effectiveness of consistent
intermittant batch treatments in a rod-pumped sour oil
well. The upper rod was used for only three months
without treatment. The lower rod was used for the same

Figure 1.3-2. Sucker rods after 3 months use in freated and uninhibited sour oif wells. Upper: untreated. Lower: treated once

each week with filming amine inhibitor.
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period of time in a nearby well being treated once each
week with 7.5 liters (2 gal) of a water dispersible amine
base inhibitor.

3.08 Acid Inhibitors

The products used by service companies to inhibit
stimulation and well cleanout acids are complex mix-
tures. Typically they contain high boiling pyridines and
other amines together with acetylenic alcohols such as
propargyl alcohol and hexynol. The latter are character-
ized by presence of the acetylenic linkage, —C=C—. The
acetylenic alcohol constituents apparently polymerize on
metal surfaces to form a temporary protective film.

At well temperatures up to about 80°C (175°F) the acid
inhibitors generally provide adequate protection for ex-
posure times of 12 to 24 hours. At higher temperatures
the maximum allowable exposure time to avoid serious

25

damage drops rapidly and may be as short as four hours
at 150°C (300°F).

Acid treatments should be carefully planned in co-
operation with the service company supplying the inhib-
ited acid. The acid should be thoroughly mixed just prior
to injection to insure that the inhibitor is uniformly blended
and has not separated. Some producers take samples for
visual comparison at the start, middle and end of the
batch injection.

Service companies generally recommend the amount
of inhibitor to use (typically 0.5 to 3 volume percent)
and the length of time the acid may be safely left in the
well. Every reasonable effort should be made to unload
the acid within the specified time and to produce the well
long enough to flush out the spent acid. So-called spent
acid is extremely corrosive. Serious corrosion of down-
hole equipment results when the acid-treated well is shut
in before the pH of the produced water returns to near
normal (pH 5 or higher).
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Cathodic Protection

4.01 Theory and Principles

The fundamental and simple basis of cathodic protec-
tion can be readily explained by referring back to Figure
1.1-3. The metal receiving electrons is the non-corrod-

ing cathode in a corrosion cell. By providing an outside

source of electrical energy that constantly supplies an
adequate flow of electrons, a whole metal structure can
be made into a cathode and is thus cathodically pro-
tected.

The quantity of electron flow or the amount of electric
current required to maintain a structure {such as a buried
pipeline or immersed portions of a marine platform) in
the protected cathodic condition depends primarily on its
environment. The current demand is a function of the
rate of cathodic depolarization that, in turn, is governed
by the kinetics of the electrochemical reactions occurring
at the cathode-electrolyte interface (see item 1.06, Ca-
thodic Reactions, Section 1).

In oil-producing operations, some common environ-
mental conditions where corrosion is controlled by cath-
odic protection (abbreviated c.p.) are:

1. external exposure to soils with varying amounts of
moisture, salts and dissolved oxygen,

2. external exposure to flowing, aerated seawater, and

3. interior of tanks exposed to water containing dis-
solved salts and O,, H;S and CO,.

In all these situations, hydrogen ions (H*) are avail-
able for the cathodic reduction reaction. Where oxygen
is available to react with and remove the atomic hydro-
gen (H") formed at the cathode surface, the current de-
mand is proportional to the oxygen supply. If the hy-
drogen ion concentration is high due to acid conditions,
the electron flow required to maintain cathodic polari-
zation will be high.

Ideally, cathodic protection eliminates current flow

between parts of a structure by eliminating the potential
differences that previously existed between the parts.

4.02 Current Requirements

The unit of measure of the current demand is the cur-
rent density or amperes (A) per unit area of metal, i.e.,
amperes /square foot or per square meter of surface. To-
tal current requirement is roughly equivalent to the sum
of all the anode to cathode currents originally flowing in
the metal.

Since corrosion currents are generally relatively low,
the c.p. current density is usually expressed as milliam-
peres (mA)/ft* or m”. Typical current density require-
ments for bare steel in various environments are listed
in Table 1.4-1. ,

Variations in current density requirements between soft
and hard waters and the influence of water velocity as
indicated in Table 1.4-1 are effects that have to do with
metal surface films. In low-velocity hard waters con-
taining soluble calcium, c.p. causes a scale film to form

.on the protected metal. This is due primarily to precip-

itation of calcium by the hydroxide formed by the ca-
thodic reaction:

- (@ HO + 140, + 2¢ —» 20H",
followed by: '
(b) Ca** + HCO;™ + OH™ — CaCO, + H,0.

These reactions are important in the practical appli-
cation of cathodic protection since the calcareous (cal-
cium containing) scale coats over and effectively reduces
the area of bare metal and thus the current required. When
water velocity is high, the protective scale is not easily
formed.

Another effect of high water velocity is rapid transport
of dissolved oxygen to the metal. In gently flowing sea-

27
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28 Corrosion and Water Technology for Petroleum Producers

Table 1.4-1
Typical Current Density Requirements
Environment mA/I#? mAJm?

Moist sail 2-3 2133
Soft Fresh Water'”

@ < 1 m/sec velocity 4-6 43-65
Hard Fresh Water®

@ < 1 m/sec velocity 2--4 22--43
Hard Fresh Water

@ > 5 m/sec velocity 10-12 107-129
Seawater or Brines

@ < 1 m/sec velocity B-10 86-107
Seawater or Brines

@ > 5 m/sec velocity 15-80 161--B60

e 40 mg/liter Ca**
®> 40 mg/liter Ca**

water in locations such as the Gulf of Mexico, offshore
structures can generall;r be protected with 8 to 12 mA/
ft* (86 to 129 mA/m*). In the swifter currents of the
Notth Sea, current densities of about 15 mA/ft> (160
mA /m®) or more are necessary for complete protéction.’

These values are based on experience with actual sys-
tems and represent the overall current densities that have
been applied. On complex structures such as drilling-
production platforms in deep seawater, minimum current
required for protection can vary at different locations on
the structure and with time, Welded brace junctures near
the water surface actually need more current than straight
sections of bracing at lower depths. This results from the
higher oxygen content of the upper water and the greater
tendency of the welded joints to corrode.

The time factor mentioned is largely a function of the
rate at which the calcareous scale accumulates. If initial
current density is too low, the scale may never form and
the structure may not “polarize”. Application of very high
currents, viz., 100 mA /ft* (1100 mA /m?) for a few days
causes rapid scale buildup, which may be maintained by
1/3 the current density that is traditionally applied to
bare steel.

These variables emphasize the complexity of practical
application of the basically simple scheme of cathodic
protection. Others will become apparent as we progress
through the technology.

4,03 Current Sources and Concepts of Current
Flow

Referring again to Figure 1.1-3, note that in a natural
or spontaneous corrosion cell, electrons flow from anode
to cathode through the metal circuit. Conventional elec-
tric current is designated as flowing in the opposite di-
rection from anode to cathode through the connecting
electrolyte or soil. Only the conventional electric current
flow path is considered in practical c.p. work, and the
surface chemical reactions involving electrons are ne-
glected.

In a natural corrosion cell, electrons are released as
the anode metal dissolves and forms positively-charged
(electron deficient) ions. The metal atoms that go into
solution and lose electrons are said to be electrochemi-
cally oxidized. Therefore, the anode is designated as the
site where electrochemical oxidation (electron-loss) re-
actions predominate. At the cathode surfaces exposed to
the electrolyte, electrochemical reduction (electron-con-
suming) reactions occur. Equation (a) (Item 4.02) is a
common cathodic reaction where dissolved oxygen is
electrochemically reduced to form hydroxyl (—OH) ions.
Generation of molecular hydrogen, H, from hydrogen
ions, H™, is another cathodic reduction reaction.

The same concepts of electron and electric current flow
are valid for cathodic protection systems whereby a whole
structure is converted to a large cathode by virtue of being
connected to one or more separate anodes through a metal
conductor. Regardless of the source of electrical energy
used to apply c.p., electrochemical oxidation (electron-
releasing) reactions occur at the anode surfaces and elec-
trochemical reduction (electron-consuming) reactions
occur at the cathode surfaces. Again, electric current is
considered to be flowing from anode to cathode through
the electrolyte (or soil} path. Therefore, a continuous
electrolyte path must always connect between anode
and cathode for c.p. to work. This means that c.p.
applied to the outside of a pipe or tank will not protect
the inside surfaces, and vice versa.

Two sources of c.p. current are used:

1. Sacrificial or galvanic anodes made of zinc, mag-
nesium or aluminum, and

2. Electric generators—usually alternating (a.c.) power
converted to direct (d.c,) ciurent by means of recti-
fiers.

When sacrificial anodes are connected through a con-
ductor wire to steel immersed in a connecting electro-
lyte, the steel spontancously becomes the cathode in the
dissimilar metal couple (Section 1, Item 1.11). The com-
monly used galvanic anode metals (zinc, magnesium or
aluminum) naturally have higher solution potentials than
iron or gfeel (see Table 1.1-1). For example, the stan-
dard oxidation potential of magnesium in the electro-
motive series is —2.37 volts vs. —~0.44 volts for iron.
When first coupled, there is an effective driving force,
AE, between magnesium and steel of about 1.5 volts vs.
a copper/copper sulfate reference to move current (de-
pending on anode composition, temperature, etc.).

Figure 1.4-1 illustrates a sacrificial anode installed on
a pipeline. By the conventional concept of current flow,
current leaves the anode and travels through the soil
electrolyte to the pipe, thus protecting it.

Another concept is that the point of current discharge
to the electrolyte (soil) is transferred from the pipe sur-
face to the anode surface. Current is thought of as being
drained from the pipe through the connecting wire to the
anode where it is discharged to the earth. Thus, c.p. an-
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Figure 1.4-1. Sacrificial anode on a buried pipeline.

ode instdllations are sometimes referred to as currem:
drainage systems.,

When electrical generators or rectifiers are used, the
c.p. installation is called an impressed current system.
In this case, anodic oxidation reactions that supply elec-
trons are forced to take place at the anode surfaces. For
example, certain ions in the electrolyte that contain ox-
ygen in their structure undergo electron loss (oxidation)
and molecular oxygen (0O,) is generated at the anode sur-
faces. Several other ionic species can be oxidized de-
pending on the water (electrolyte} composition and the
operating voltage. However, in contrast to sacrificial an-
odes, the material of the impressed current anodes may
not be corroded. In fact, the anodes in impressed current
systems are specially selected for long life.

Common impressed current anode materials for use in
soil are graphite (carbon) or cast iron with a high silicon
content. Metal anodes that are externally coated with a
thin layer of platinum are used in either soil or salt water.
All these are capable of discharging large amounts of
electrical current with little loss of anode material itself.
As explained previously, the primary source of electrons
is from electrochemical oxidation of ions in the sur-
rounding electrolyte.

4.04 Sacrificial or Galvanic Anodes

The amount of ¢.p. current that can be supplied to (or
drained from) a structure by sacrificial anodes is limited
by:

1. low driving voltages,

2. electrical resistance of soil or electrolyte, and

3. current wasted by local cell corrosion on the anodes
due to impurities.

Due to local cell corrosion, magnesium anodes are only
about 50% efficient. That is, about 50% of the current
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generated by solution of the magnesium goes to support
corrosion on the anode itself.

Special alloys and anode-casting techniques are used
to increase efficiency of commercial magnesium and
aluminum anodes. Iron and copper impurities are kept
as low as possible. Zinc and mercury or indium (In) are
alloyed with aluminum for increased efficiency. Alu-
minum anodes do not function well in soils and their
primary use is in flowing seawater.

Typical current output capabilities follow for anode
metals under loadings of 200-700 mA /ft* (based on an-
ode area).

Effective Ampere/Hours

Anode Metal Compasition per Ib per kg
Al-Zn-Hg alloy 1270 2800
Mg(H-1 allay) 500 1100
Zinc 370 820

Aluminum (Zn—Hg or Zn—~In alloy) anodes are com-
monly used on offshore marine structures due to high
current ouput per unit weight. The Al-Zn—In alloy is
growing in popularity.

Proper anode distribution is critical so that all portions
of the structure receive adequate current. The number
and sizes (total weight) of anodes are selected for a given
life span (10-20 years) based on design current density
and exposed metal area. (See Section 1, Item 8.17).

Magnesium anodes are most often used for pipeline
protection due to their higher driving potential (~1.55 volts
vs, Cu/CuSQO, compared to —1.1 volts for zinc and alu-
minum}). Installations are usually designed for a five to
ten year life on coated pipe. Anode sizes vary from 8 to
23 kg (17 to 50 1b} each. Single or multiple anodes are
placed at anodic areas located by line potential surveys
and in low resistivity soils. Special mixtures of gypsum
and clay are used as backfill around galvanic anodes to
reduce resistance to current discharge. Prepackaged sin-
gle anodes in sacks of backfill material are available,

Full length protection on well coated pipelines is
achieved by groups of magnesium anodes spaced along
the line for proper current distribution. Alternately, uni-
form current distribution is obtained with a magnesium
ribbon anode that is laid parallel with the pipe and con-
nected at intervals. The ribbon type anode is suitable only
for near perfectly coated pipelines where total current
requirement is low.

Zinc is generally effective only in salt waters and soils
of no more than about 1000 ohm-centimeter resistivity
(see Item 4.14, this chapter). Zinc bracelet anodes are
used for long life on submerged marine lines that are
coated with cement-asphalt mastics or other thick coat-
ings.

4.05 Impressed Current Systems

Figure 1.4-2 illustrates a rectifier-driven anode bed
supplying c.p. current to a section of a buried pipeline.
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Figure 1.4-2. Impressed current c.p. system on a pipeline.

The individual anodes for soil service are typically cy-
lindrical rods made of graphite or high silicon cast iron
and are usually mounted vertically in groups (preferably
in a straight row) alongside the pipeline. The bore holes
for vertical rods are three to four times larger than the
rod diameter and the annular space is filled with uni-
formly packed coke breeze or graphite powder to min-
imize anode to soil resistance. Cast iron anodes can be
used without backfill in low resistivity soils.

If underlying rock prevents vertical burial, the rods
can be laid horizontally at the depth of the pipe. In con-
gested areas, single impressed current anode rods may
be distributed along the structure to be protected instead
of in bed clusters. Single deep vertical bore holes ac-
comodating one or more impressed current anodes may
also be used.’

A wide selection of rectifiers is available, including
air-cooled and oil-immersion types. The range of voltage
and current (amperage) output is nearly unlimited for
various size installations. Automatic rectifiers are avail-
able that vary the current output as required to maintain
a preset potential on the protected structure.

The circuitry of a single phase, full-wave bridge rec-
tifier is shown schematically in Figure 1.4-3. Note that

the positive (+) terminal of the d.c. cutput connects to
the anodes and the negative {—) terminal connects to the
structure to be protected. The + and — designa-
tions on the output terminals are for electrical reference
only and should not be confused with positive and neg-
ative signs for electrochemical half-cell reactions. Spe-
cial care must be taken to insure that the electrical po-
larity is correct (as illustrated in Fig. 1.4-2), otherwise
corrosion of the structure will be accelerated.

In addition to rectified utility power, other direct cur-
rent power sources may be used in remote locations. These
include:

1. engine driven generators—cither d.c. or a.c. with a
rectifier,

2. thermoelectric generators using fuel-heated thermo-
couples to create electric current,
3. solar panel electric generators, and

4. wind generators with storage batteries.

The thermoelectric type is particularly convenient and
effective for long gas transmission lines where the fuel
is taken from the line being protected. A 10 volt, 10
ampere thermogenerator feeding to a ground bed with
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1.0 ohm resistance will use 3000 to 3500 m® (106,000
to 123,600 ft’) of natural gas/year.

Solar or photovoltaic power is being used for cathodic
protection of remote pipelines and also for well casings.’
Automatic types that track the sun are available.

Impressed current c.p. systems are used on some off-
shore drilling/production platforms, especially where
current requirements are very high and the total weight
of galvanic (aluminum) anodes is detrimental. Direct
current is supplied by electric generators. Anodes are
usually mounted on the platform legs and cross members
at positions designed for good current distribution, es-
pecially to brace junctions where stress is highest. Plat-
inum-coated titanium and lead with 6% silver are widely
used anode materials for marine service.

4,00 Effect of Anode Bed Distance from Structure

Buried impressed current anode beds on pipelines or
other large structures are usually located at an electri-
cally remote distance away from the structure to facili-
tate current distribution. In Figure 1.4-2, the circles
around the anode bed represent voltage or potential gra-
dients in the soil. The anode-to-soil potential is highest
close to the bed and diminishes with each increment of
distance away. The potential change is inversely pro-
portional to the volume of earth through which the cur-
rent discharge must flow. For example, if the anode-to-
soil potential is measured with a voltmeter and reference
cell at a series of short intervals moving away from the
bed, it will be found that the difference in potential read-
ings between each interval becomes increasingly smaller
with each measurement. Ultimately, a point is reached
where the potential readings remain practically constant
and show no further significant change. The protected
structure also has a zone of potential gradients around it
out to a constant potential point. The anode bed is con-
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sidered electrically remote if it is far enough away that
the zones of potential gradients around it and around the
structure do not overlap.

The radius of the potential gradients is determined by
the amount of current flowing and the resistivity of the
soil. Single anodes discharge less current than groups of
anodes and can therefore be placed closer to the structure
and still remain electrically remote. Close positioning of
distributed impressed current anodes is sometimes used
in congested areas to avoid the problem of interference

~on adjacent unprotected structures (to be discussed later).

Close anodes protect less total structure area per anode
because the cumrent does not have sufficient distance
through which to spread and provide coverage. Con-
versely, close-in anodes provide higher current density
(amperes per unit area) with lower driving voltage since
the electrolyte path is shorter and offers lower resistance.

On coated pipelines, close impressed current anode beds
can cause excessively high potentials and coating dis-
bondment on portions of the pipe that are nearest the
anodes (see Section 1, Item 5.08).

Development of excessively high potentials does not
occur when close galvanic anodes are used to protect
bare uncoated steel. On offshore platforms, galvanic an-
odes (generally aluminum alloy) are fastened directly to
the legs and cross braces with usually no more than 30
cm (12 in.) separation. The anodes are strategically po-
sitioned around the structure for uniform current distri-
bution.

4.07 Electrical Potentials and Protection Criteria

‘Engineering design of c.p. installations requires
knowledge of the current density required to achieve the
desired state of protection. As previously indicated, the
protected state is reached when potential differences (and
thus current flow) between original anodic and cathodic

CIRCUIT [COARSE
BR% - DIODES + TERMINAL TO
A.C. INPUT T A b, * ANODE BED
, | OUTPUT | _ - TERMINAL TO
FINE STRUCTURE
TRANSFORMER

Figure 1.4-3. Circuitry of a rectifier,
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sites are eliminated. Therefore, structure potential is nor-
mally used as the preferred standard or criterion of pro-
tection rather than relying on the calculated current den-
sity being applied. The problem has been and still is a
matter of determining just what level of potential is ac-
ceptable for most environments. The basis for the three
most widely used potential criteria is provided in the fol-
lowing discussion.

Anodic corroding areas on steel buried in moist soil
or immersed in aerated water exhibit measured potentials
of about —0.80 volts vs. a copper/copper sulfate (Cu/
CuS0,) reference electrode and about —0.73 volts vs.
silver/silver chloride (Ag/AgCl). The cathodic areas have
less negative (more positive) potentials. The AE between
anodes and cathodes is most often controlled by the rate
of oxygen arrival at the cathodic areas, viz., rate of ca-
thodic depolarization (see Section 1, Items 1.06 and 1.16).

When a buried or immersed steel structure is con-
nected to an external anode with a higher negative po-
tential than that of the structure anodes or to a source of
negative current (such as the negative pole of a rectifier),
the cathodic areas on the steel tend to polarize to the
potential of the anode sites. This requires sufficient cur-
rent, supplied from the external source, to accomodate
the cathodic surface reactions (see Section 1, Item 1.06)
and no additional current is drawn from local anodes.
The previously existing anode /cathode potential differ-
ences are now erased and the structure is protected. The
whole structure is now at a relatively uniform potential
but this potential is always less negative (or more pos-
itive) than that of the external anode supplying the cur-
rent.

In practice, the protected structure potential is taken
as —0.85 volts vs. Cu/CuSO, or —0.80 volts vs. Ag/
AgCl to allow for error in the readings. These are the
minimum measured potentials to assure adequate total
protection and may be higher at some points. Truly uni-
form potentials are not usually obtained but the previous
stated potentials are the most widely used standard cri-
teria for determining protection.*

Alternate criteria for cathodic protection (in lieu of the
previous) are acceptable.*’ One is a minimum negative
(cathodic) voltage shift of 0.3 volts (300 millivolts) at
all points on the structure after application of current.
Another is measured by temporarily interrupting the pro-
tective current (rectifier turned off) and testing the struc-
ture potential over the next few minutes. When c.p. cur-
rent is stopped the structure potential at the test point
will immediately drop (become less negative) and then
slowly drift down toward the initial unprotected poten-
tial. If the off potential (measured after the first rapid
drop) is 100 mV more negative than the original unpro-
tected potential at each test point, the structure is con-
sidered to be protected with the current on. This does
not require that all potentials be above ~0.85 vs. Cu/
CuSQ, with the current on. Recent studies® indicate the
100 mV polarization (off potential) criterion is probably
the most generally valid indicator of protection in a va-

riety of soils as commonly encountered by long pipe-
lines. Programable automatic current interrupters are
available for conducting “off potential” or “instant off”
tests, and for interference testing of the cathodic pro-
tection system.

4.08 Measurement of Structure Potentials

Relative potential values around and along buried or
immersed structures must be measured to determine:

1. if protection is needed,

2. where the anodes should be placed,

3. how much current must be supplied, and

4. whether or not protection has been achieved.

Potentials at various points are measured in compar-
ison to a reference electrode which is simply a stable
haif-cell. The best reference electrodes for field use are
physically sturdy and resist polarization (changes in po-
tential) and are thus suitable as standards.

The copper/copper sulfate (Cu/CuSO,) electrode or
half-celi is most popular in c.p. work in soils, but the
silver/silver chloride (Ag/AgCl) is most often used in
seawater. Measured potential values must always state
the reference such as X volts vs. Cu/CuSO,, Ag/AgCl,
saturated calomel, etc.

A Cu/CuSO, half-cell is simply a bright copper rod
or tube immersed in a saturated solution of copper sul-
fate. The metal and solution are usually contained in a
plastic housing that has a wire lead connection on top
and a porous plug (for ion conduction) on the bottom.

Figure 1.4-4 depicts a set up for measuring potential
at a point on a pipeline with a Cu/CuSO, reference elec-
trode pressed into the soil directly above the line. Such
values are referred to as pipe-to-soil (P/S) potentials.
Differences in the potential readings at various points
along the line are referred to as IR drops. This is ac-
ceptable since in Ohms Law:

E = 1 X R
(potential, volts) (current, amperes) (resistance, ohms).
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Figure 1.4-4. Measurement of pipe-to-soil potential on a
Pipeline.
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Figure 1.4-5. Potential profile along a pipeline.

The reference electrode is always connected to the
positive (+) terminal of a millivoltmeter (50k ohm or
greater input resistance) or a potentiometer. The mea-
sured pipe potential (mv) is recorded as a negative (—)
value.

A plot of several P/S values taken over a distance
along an unprotected bare pipeline may look similar to
Figure 1.4-5. The line connecting the data points is called
a potential profile. Note that the areas of most negative
potential are the anodes or “hot spots”. Usually, these
occur in zones of lowest soil resistivity such as poorly
aerated wet clays. For better resolution, repeat readings
closer than the 30 m (100 ft) spacings shown in Figure
1.4-5 should be made through the areas indicated to be
hot spots. .

As a general rule, corrosion is occurring at the anodic
hot spots indicated by the points of highest negative po-
tential. An exception to this general rule can occur when
an unprotected line or structure is being corroded (gen-
erally in a limited area) by:

1. interference from an adjacent structure which is un-
der cathedic protection, or

2. discharge of induced (stray) current from high volt-
age power lines or from a strong electrical grounding
system.

When interference, stray or grounding currents are
present, a valley of unusally low (less negative) poten-
tials will generally show on the profile plot and indicate
current discharge (corrosion) at that point. Any unusual
dips in the profile should be investigated to determine
cause and corrective action required. Fluctuating or un-
steady P/S readings should also be investigated since
these indicate presence of variable induced stray cur-
rents.
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When steady but unusually low potentials are found
over a short distance of pipe, additional tests should be
run by moving the Cu/CuSQ, reference half-cell lat-
erally (perpendicular) away from the pipe at that loca-
tion. If the lateral readings taken about 8 to 10 m (or 25
to 30 ft) away are even less negative (more positive) than
those taken directly over the pipe, an anodic hot spot
exists and is probably due to interference effects,

4,09 Interference—Mechanism and Correction

At this point it is advisable to discuss interference in
more detail since it is a growing problem in oil and gas
production and pipeline operations.

A practical explanation of the interference effect be-
tween pipelines can be visualized in Figure 1.4-2. A
pipeline being cathodically protected by a rectifier and
anode groundbed installation is shown, Assume that a
second pipeline in the vicinity passes diagonally near the
groundbed at one point (through the zone of high anode-
to-earth potentials) and near the protected pipeline some
distance away. The second pipeline is not electrically
connected to either the groundbed or the protected line.
It is electrically isolated. However, it is intersecting the
lines of ¢.p. current flow from the anodes and, being a
better conductor than the soil, some of the anode
groundbed current is picked up on it. The current is car-
ried by the second pipeline to the point where it passes
near the protected line. Here the current jumps from the
second pipeline and travels the short distance to the pro-
tected line and back to the rectifier circuit. Corrosion
occurs on the second pipeline where the current leaves
it. Pipe-to-soil potential tests on both lines at their clos-
est points may show a potential difference of a few tenths
to greater than one volt. For example, the protected line
potential may be ~0.85 vs. Cu/CuSO, while the un-
protected line (where it crosses or passes near the other)
may be —0.3 volts vs. Cu/CuSO,. As a general rule,
the measured potential of the unprotected line at the point
of interference will be 0.2 volts or more lower (less neg-
ative) than the potential readings taken on the same line
8 to 10 m (25 to 30 ft) on either side. This difference
appears and disappears when the rectifier on the pro-

. tected line is turned on and off.

In cases of interference such as just described, it is
commen practice to place a conductor wire between the
two lines at the point of interference. Instead of flowing
through the secil, the current then passes harmlessly
through the conductor bond and the potential difference
between the two lines at that point is eliminated. The
amount of current passing through the bond can be ad-
justed by a resistor to elevate the spot potential of the
unprotected line to a value just slightly higher (more
negative) than the unprotected potentials measured on
the same line 20 to 30 m (65 to 100 ft) away. This is
usually acceptable and avoids excessive current drain from
the rectifier especially where the second line is the larg-
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34 Corrosion and Water Technology for Petroleum Producers

est. Interference bonding between lines belonging to
separate companies must be approved by both parties and
any legal regulations must be satisfied.

Figure 1.4-6 shows an adjustable interference bond
across an insulating (isolating) flange connecting a buried
flowline to a cathodically protected well casing. Without
the bond, interference current on the electrically isolated
flowline would leave through the soil at point “A” caus-
ing corrosion on the flowline. To correct the problem,
the current passing through the bond is adjusted to ele-
vate the P/S potential of the flowline at point “A” to as
close to the wellhead potential as possible while staying
within the output (amperage) limit of the rectifier. The
portion of the flowline closest to the wellhead is then
under partial cathodic protection from the well casing
c.p. system. If the extra current drain on the rectifier is
greater than its allowable output (amperes) rating, the
flange is left fully insulated (no bonding across it) and
a magnesium anode is placed on the flowline at point
“A” to drain off the interference current. Installation of
the magnesium anode serves to increase the negative po-
tential of flowline at point “A” to near that of the cath-
odically protected wellhead and thus eliminates interfer-
ence corrosion on the flowline. The current output of the
galvanic anode can be reduced with a variable resistor
placed in the anode iead wire connecting to the flowline.
By this means the P/S potential at point “A” can be kept
no higher than that of the wellhead to prolong the anode
life, .

In the example of Figure 1.4-6, the insulating flange
is being used to electrically isolate the casing from sur-
face equipment and thus confine the c.p. current to the
casing. Other devices used for electrical isolation of c.p.
protected structures are plastic insulating joints, unions
or couplings.

Special grounding devices are available to maintain
the desired isolation while allowing voltage surges to bleed
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Figure 1.4-6. Interference bond on insufating flange at a
cathodically protected well casing. '

off to the earth.” Lightning strikes or induced AC current
surges can ruin ¢.p. isolation devices by burning through
the plastic gaskets and bolt sleeves. High temperature is
another cause of failure. When isolation is lost, cathodic
protection will also be lost if the c.p. current is not suf-
ficient to maintain protective potentials on all the now
electrically connected equipment. Isolating devices such
as insulating flanges should be tested periodically to guard
against shorting (electrical leakage).

Use of wellhead insulators to protect well casing from
stray current corrosion is discussed in Section 1, Item
8.05.

4.10 Ofishore Structure Potential Surveys

Potentials along the leg jackets and braces of an off-
shore platform are measured in the same general way as
that shown in Figure 1.4-4 except the reference half-cell
is lowered with a long lead wire to measured depths.
Care must be taken to position the reference half-cell the
same distance away from the structure for each reading
(usually 15-20 cm or 6-8 in.). In strong current areas,
divers are used to position the half-cell. Silver/silver
chloride reference half-cells are used and a —0.8 V (—800
mV) protection criteria is generally accepted. The 100
mV off potential criteria (see Item 4.07) is also gaining
acceptance where impressed current c.p. is employed.
Permanently mounted reference half-cells are sometimes
employed at critical points on offshore structures to per-
mit constant surveilance of structure to water potentials
at those points,

4.11 Surface Potential Surveys

The pipe-to-soil (P/S) potential survey method shown
in Figure 1.4-4 requires direct contact through a rod or
test wire between the buried pipe and the negative (—)
terminal of the high resistance voltmeter or potentiom-
eter. The pipe may also be contacted at a riser location.
To avoid having to contact the pipe for each reading,
surface soil potential surveys are run as follows:

A first or base reading is made as indicated in Figure 1.4-
4 using only one reference half-cell as shown. The initial
base P/S reading is recorded, for example ~0.65 volts
vs. Cu/CuSQ,. Direct pipe contact is then efiminated by
substituting a second half-cell for the contact bar. The two
reference half-cells, connected one to each side of the
voltmeter, are first iested by pressing their wet ends to-
gether and observing the meter needle deflection. If the
needle deflection is less than 2 mv during this test, the
two half-cells are matched and pipe testing can resume.
A matched pair of half-cells can be found by testing sev-
eral as required.

Half-cell 1 (used for the initial P/S reading during pipe
contact) is left in position 1 and half-cell 2 is pressed to
the soil directly over the pipeline at position 2.

If the planned spacing between P/S readings is 30 m (100
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ft) apart, then position 2 is 60 m (200 ft) along the pipe-
line away from the point where the direct contact with the
pipe was made. A second reading is made between the
two half-cells now in the soil over the pipe. For example,
the second reading shows a voltage difference between
the half-cells of 0.10 volts (10 mv) with half-cell 2 (for-
ward one) being positive (+). The voltage difference, AE,
between the half-cells is numerically added to the initial
P/S reading of —0.65 to obtain the second P/S reading
of —0.75. In contrast, if the forward half-cell (No. 2) is
negative {—) on the voltmeter, AE is substracted from the
initial reading for a value of —0.55 for the second P/S
S reading. Half-cell 2 is left in position 2 and half-cell 1
is moved forward 30 m (100 ft) to position 3 and AE is
read, This reading is added or subtracted from the pre-
vious P /8 value depending on the + or — polarity of the
forward half-cell as described previously.

The series of values obtained are plotted to form a po-
tential profile for the length of pipeline surveyed. Again,
the points of highest negative P/S values on the piot in-
dicate anodic hot spots if no stray or interference currents
are present. It is good practice to rerun the P/S survey
with closer spacings of 5 to 10 m (15 to 35 ft) between
the half-cells over suspicious areas to pinpoint the hot spots.

The surface potential surveys using two half-cells as
described previously are subject to cumulative error in
the readings as variations in soils are traversed. There-
fore, it is advisable to start over with a new base reading
about every 300 to 400 m (1000 to 1300 ft) by recon-
tacting the pipe. Starting over with a fresh base reading
is especially important when resurveying suspected an-
odic hot spot areas.

4.12 IR Drop Method

These tests are made by using two contact bars spaced
30 to 150 m (100 to 500 ft) apart, as depicted in Figure
1.4-7. No reference cells-are used. The voltage (IR) drop
between the contact points is measured. Conventional
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Figure 1.4-7. IR drop or current flow method for detecting
anodic areas.
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current flow (opposite of electron flow) in the pipe is
assumed to be from positive to negative. When the an-
odic area is reached and passed, a reversal in current
flow direction will be observed, indicating the location
of the anode (on the pipe) where conventional current is
discharging to the earth. Closer-spaced tests are repeated
for better anode location definition.

This procedure is rarely used on deep buried pipe due
to expense of multiple bell-holing for contact. However,
basically the same procedure is used for detecting anodic
areas on well casing by lowering a special casing poten-
tial profile tool down the hole on a wire line.® The tool
has retractable contact knives set about 7.6 m (25 ft)
apart. As the tool is moved up the hole from point to
point, voltage differences between the contact knives are
recorded from a potentiometer at the surface. The bot-
tom contact is assigned a negative (—) polarity for ref-
erence. A plot of mV values vs. depth will show current
flow reversals across the anodic zones. More discussion
of this procedure is presented in Section 1, Item 8.07.

4.13 Effect of C.P. on Structure Potentials

After application of a properly designed c.p. system
on a structure, a rerun of the potential survey will show
that the potentials at various points have been elevated
to a reasonably uniform high negative value. As men-
tioned earlier, all potentials should be —0.85 vs. Cu/
CuSO0, or higher (—0.8 or higher vs. Ag/AgCl).

All of the low values illustrated in Figure 1.4-5 will
have been increased to or above the original potential of
the original anodic areas. This is consistent with the the-
ory discussed above under Item 4.07. The important point
is that potential differences that originally existed on the
structure have been essentially removed. Since the whole
structure is now at a high uniform potential, there is little
or no tendency for current flow (and corrosion) from one
part of the structure to another. The major potential gra-
dient is now between the whole structure and anode bed.

4.14 Soil Resistivity Measurements

This is an important technique for use with P/S sur-
veys to detect anodic hot spots on a long line and for
choosing locations of anode beds. The corrosivity of soils
is nearly always inversely proportional to their resistiv-
ities, viz., low resistivity means a high probability of
corrosion. Table 1.4-2 is a general guide to classification
of soil corrosivities by measured resistivity values.

The unit of resistivity is the ohm-centimeter (ohm-cm),
which is equal to the resistance in ohms of a cube of
substance measuring 1 cm on each side. Resistivity is a
discrete property of a substance and should not be con-
fused with resistance in an electric circuit,
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Table 1.4-2
Classification of Soil Corrosivity by Reslativity
Soil Resistivity
in Ohm-Cm Corrasion Tendency
<1,500 Very carrosive
1,500-5,000 Corrasive
5,000-10,000 Moderate
10,000-25,000 Mild
Generally not corrosive
>25,000 if uniform

Their relationship is expressed in the following equa-
tion;

-
]
> || w

where p = resistivity in ohm-cm,
R = resistance in ohms,

L = length in cm,

A = area in cm?

The most commonly used method of measuring soil
resistivity utilizes an instrument having circuitry for im-
pressing a measured current between two outer pins and
measuring the change in voltage between two inner pins
as shown in Figure 1.4-8. A d.c. current circuit is il-
lustrated to demonstrate the principle, but modem in-
struments utilize a.c. current and the meter reads ohm-
cm values directly.

Figure 1.4-9 illustrates a soil resistivity profile along
a pipeline traversing both dry and marshy terrain. Points
of low resistivity and thus probable anodic hot spots are
indicated at A, B, and C. Closely spaced P/S potential
surveys often indicate peaks of high potential coinciding
with the low soil resistivity locations and confirm exis-
tence of the hot spots. For example, an anodic area would
be likely where soil resistivity is less than 5000 ohm-cm
and P/S potentials are higher than —0.6 volts vs. Cu/
CuS0Q,. Sail resistivity are often run initially, followed
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Figure 1.4-8. Four pin method for soil resistivity measure-
ment.

by pipe-to-soil surveys, at least through the zones of lowest
soil resistivity.

4.15 Field Testing for Current Requirement

Hot spot protection of bare pipelines is done by simply
attaching sacrificial anodes at the selected anodic loca-
tions and then resurveying potentials along the line. More
anodes are added as needed to obtain a fairly uniform
potential profile. ‘

A more engineered approach, which is recommended
where complete protection of a coated line is being con-
sidered, is to set up a temporary anode ground bed with
a power supply. A good quality welding machine with
variable amperage output is a convenient source of power.
The temporary groundbed may consist of one or more
pieces of clean pipe (five to ten cm or two to four inches
in diameter) standing in augered holes that are kept filled
with salt water,

The ground bed pipes are connected with a conductor
wire to the positive (+) terminal of the power source and
the negative terminal connects to the pipeline. Voltage
required by the power source is not important. The ground
bed is usually positioned 15 to 30 m (50 to 100 ft) to
one side of the pipeline and the number of pipes in the
groundbed can be varied to reduce or increase current
flow. Total current flow (amperes) from the power source
is adjusted until P/S potential on the pipeline reaches
the protected level, viz., ~0.85 vs. Cu/CuSOQ, refer-
ence.

A rule of thumb for estimating current requirement on
a coated pipeline is:

2 mA X total pipeline surface area in ft* x 0.02.

This calculation assumes that 2 percent of the pipeline
area is bare or not adequately coated.

4.16 Sacrificial vs. Impressed Current Systems

On pipelines and well casings where total current re-
quirement is more than two or three amperes and high
driving wvoltages are desired to minimize the number of
ground beds required, impressed current systems are
generally preferred over sacrificial anodes.

Conversely, magnesium anodes may be best for pro-
tecting well coated pipelines in remote areas where elec-
tric power is not available and where thermoelectric or
solar (photovoltaic) generators cannot be used. The an-
ode beds are positioned along the pipeline at anodic areas
located by the P/S potential surveys and in the lowest
resistivity soils available.

Single magnesium anodes must be spaced at least 15
m (50 ft) apart to achieve full current output. Closely
spaced multiple anodes are often grouped in beds (in low
resistivity soil) but the output of each anode is reduced
because of a mutual crowding effect. This is shown by
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Figure 1.4-9. Soif resistivity profile of a pipefing.

the data of Table 1.4-3. It can be seen that the total cur-
rent output of grouped anodes does not increase in pro-
portion to the number of anodes in the bed. Cathodic
protection service companies use more complete tables
and charts of data for designing magnesium anode beds
for a variety of soils and anode spacings. The size and
weight of the anodes are primarily guided by the desired
life of the bed before replacement is required. Access-
ability and cost of installation or replacement are also
important factors in the design decisions.

As previously indicated, special aluminum alloys are
generally used for sacrificial anode installations on off-
shore (marine) structures. This type installation has proven
adequate and economical in relatively shallow waters such
as the Gulf of Mexico. In deep water and where current
density requirements exceed about 15 ma/ft* (160 ma/

Table 1.4-3
Approximate Current Output of Magnesivm Anodes
Total Current Output? mA
Size: 17 1b 321 50 /b
No. of Anodes’ (7.7 kg) (14.5 kg) (22.7 kg)
1 100 116 130
5 ) 320 373 416
10 480 857 624

'Commercial H-1 magnesium anodes spaced 3 m (10 ft) apart.
Assumes soil resistivity in 1250 ohm-cm,

Output vatues are reduced by 50% if soil resistivity is 3000 ohm-
cm.

Output values are increased by 125% if soil resistivity is 500 ohm-
cm.

m?) impressed current c.p. systems are generally pre-
ferred for longer life.

A computer aided cathodic protection design tech-
nique for complex offshore structures has been pub-
lished.’

4.17 Protection of Tanks and Qil Treating Vessels

The bare underside of water tanks, oil storage tanks
and similar vessels resting on the ground can normally
be protected by sacrificial magnesium anodes. The total
bottom area is calculated and a sufficient number of in-
dividual anodes (prepackaged or backfilled) are placed
in the soil around the periphery of the vessel to supply
8 to 10 mA/ft* (86 to 107 mA/m?). Connection to the
vessel is made by a lead wire to each anode. Anode out-
put is usually measured and adjusted by a variable re-
sistor to prolong life. Copper coated rods for grounding
lightning strikes should not be used because they create
an unfavorable dissimilar metal couple (see Section 1,
Itern 1.13).

The interior of internally coared tanks can also be
cathodically protected by bare magnesium anodes sus-
pended in each compartment. The anode lead wires from
individual magnesium anodes in large tanks are normally
brought through but insulated from the upper tank wall
or roof deck. The output of each is usually adjusted with
an inline resistor to provide 2 to 3 mA /ft* (21 to 33 mA/
m?) of well coated wall surface.

Impressed current anodes fed by a rectifier are used
for uncoated tanks and treating vessels. All metal sur-
faces contacted by a continuous body of salt water must
be in direct line of sight of at least one anode. One or
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more anodes must be placed on each side of compart-
ment walls or baffles to avoid shielding.

Current output from distributed impressed current an-
odes in uncoated compartmented tanks and treating ves-
sels may be adjusted individually or the design may per-
mit uniform current flow from each. The applied current
density may be as much as 15 mA/ft* (160 mA /m?) if
the water in the vessel is acidic or contains H,S. Details
for ¢.p. systems in oil treating vessels such as heater
treaters are given in NACE Standard RP-05-7."
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Protective Coatings and
Plastics

Introduction

The technology of industrial plastics, protective coat-
ings and coating application methods is enormous. Oil
production personnel discover this fact rather quickly when
they are faced with selecting a coating system for a par-
ticular job. Their ultimate decision is usually based on:

1. advice and recommendations of coatings suppliers,
2. past experience with specific coating systems, and
3. comparative results from testing laboratories.

With all these sources of information, some prior
knowiedge about coatings is helpful in the decision mak-
ing process.

The purpose of this chapter is to acquaint the reader
with:

1. types of plastics and coating materials used in oil field
operations, '

2. surface preparation methods,

3. application and inspection procedures,

4. types of coatings suitable for oil production opera-
tions, and

5. comparative testing and information sources.

Except for the intangible value of appearance, the only
justification for coating equipment is to save money by
preserving the equipment. It should be stressed that it is
false economy to select a good coating system and then
“save™ money on inferior application.

The three essential steps in obtaining a good coating
job are:

1. selection of a suitable coating system,
2. proper surface preparation, and
3. proper and careful applicaticn.

Each of these steps are equally important.

5.01 Common Generic Types of Coatings and
Plastics '

For this discussion, the types of coatings and plastics
most widely used in the oil industry are grouped into six
main classes. These are the materials that will be en-
counted most frequently for protection of tubular goods,
tanks, and other vessels, and structures such as offshore
platforms.

1. Hydrocarbon Base

a. Natural
Asphalt enamels and mastics
Coal tar enamels and mastics
Greases

b. Synthetic
Polyethylene
Polypropylene
Butadiene-styrene
Acrylonitrile-butadiene-styrene (ABS)

2. Resins or Plastics

Epoxies

Acrylics
Polyurethanes
Vinyls

Phenolics
Polyesters
Chlorinated rubber
Drying Qils

0 om0 A0 TR

3. Combinations
a. Coal tar epoxy

4. Metallic

a. Powdered zinc
Inorganic binder
Organic binder

39
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40 Corrosion and Water Technology for Petroleum Producers

b. Fused, Plated or Chemically Deposited
Aluminum
Nickel
Stainless steel
Zinc (galvanized)
5. Cements and Concrete Sheathing
6. Composite Inorganics
a. Ceramics—Glass
b. Silicones

5.02 Characteristics of the Generic Types

The chemistry and compositional details of alt the broad
classes of plastics and coating materials are too broad to
be covered here. However, one can develop a familiarity
with their basic nature and properties by brief consid-
eration of each of the various groups:

1. Hydrocarbon Base—Natural
As the name implies, these materials are primarily
made up of repeating hydrocarbon chains:

~CH;~CH,~CH,~CH,~ (alkyl)

gl @i

(Benzene rings ~CgHs)

and

Asphaltic residues from petroleum distillation and coal
tars from coal are familiar to most everyone. In ad-
dition to the high molecular weight hydrocarbons, these
natural materials contain a variety of nitrogen, oxy-
gen and sulfur groups that affect their solubility,
melting point, resistance to oxidation and bacterial
decomposition.

Asphalts and coal tars have a long history of use for
protection of buried pipelines and tank bottoms, They
are usually applied in a molten state and strengthened
with wraps of fabrics, such as woven fiberglass. Some
are deposited by solvent evaporation for thin film ap-
plications.

Coal tar base enamels are generally considered su-
perior to ordinary asphalts for buried pipe coating due
to greater resistance to moisture penetration and long
term decomposition. However, asphalt has a proven
record of long term satisfactory use in water immer-
sion service including the interior of water storage
tanks and on offshore pipelines. Submerged pipelines
are typically coated with an asphalt primer and then
alternate layers of hot applicd asphalt and glass fiber

tape wrap, building to a total thickness of 7-9 mm
(275-350 mils). Concrete outer jacketing may be ap-
plied for weight, Cathodic protection on coated sea-
water lines is usually provided by zinc bracelet an-
odes.

A variety of heavy oil or grease base coatings are
offered for temporary atmospheric protection.

. Hydrocarbon Base—Synthetic

These are classed as synthetic plastics because they
are manufactured and are not obtained directly from
natural sources. Again, their major structure is that
of repeating carbon-hydrogen groups that are caused
to link together or polymerize by heat, pressure and
catalysts. The starting monomers are generally either:

H H
|
C = C Ethylene
|
H H
CH, H
||
C = C Propylene
|
H H
H H
| |
C= C Styrene
| |
H  CeHs

The double bonds between the carbons split and con-
nect to form the long hydrocarbon chains. The chains
also cross link one to another to form three-dimen-
sional networks and thus solidify.

Polyethylenes and polypropylenes (also called poly-
alkylenes or polyolefins) are often extruded into thin
sheets or strips to make tapes. These are coated on
one side with adhesive and wrapped mechanically onto
pipe, surfaces. The ease of application and conve-
nience of wrap tapes have prompted their widespread
use. However, tapes often disbond in time. Failure
is usually due to poor quality adhesive or to improper
pipe surface preparation prior to tape application.

An effective and long lasting pipe coating for tem-
peratures up to 85°C (185°F) is made by extruding
polyolefins into sleeves that are typically 0.6-0.8 mm
(24-32 mils) thick.! The sleeves are bonded to the
pipe exterior with butyl rubber mastic adhesives (8
mils or 3.2 mm minimum). An example is the Re-
public Steel X-Tru-Coat system. The pipe coating
operation must be done under carefully controlled
conditions in a coating plant from which the finished
pipe is shipped.
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Protective Coatings and Plastics

3. Resins or Complex Plastics

A wide range of organic compositions are repre-
sented by the materials of this list. The vinyls and
acrylics may be considered the most simple of this
group with respect to chemical structure. Both po-
lymerize by way of carbon to carbon double bonds,
which are analogous to the polyalkylenes. Their
properties and stability result from substituents on the
carbons. For example, two common vinyl resins are
polyvinyl chloride (PVC) and polyvinyl acetate (PVA),
which are formed from their respective monomers:

CH, = CHCl CH, = CHCO,CH,
Vinyl Chloride Vinyl Acetate

The vinyls and acryiics are usually pigmented and
make good thin film coatings for atmospheric pro-
tection. Vinyls are especially popular as top coats over
zinc-rich primers (see Metallic Coatings below). On
marine structures and bridges, vinyl topcoats over zinc-
rich primers (properly applied) commonly last five to
eight years.

Vinyl and acrylic paints are usually dried by solvent
evaporation. After drying they are odoriess, non-
toxic, nonflammable, and have good flexibility and
abrasion resistance. Vinyls are also applied as plas-
tisols to form heavy, tough coatings on instruments
and specialty equipment.

PVC plastic, containing fillers such as clays or silica,
is molded into pipe used for water service. The nor-
mal temperature limit for PVC plastic pipe is 60°C
(140°F). However, chlorinated PYC (CPVC) can be
used up to 80°C (180°F).

Phenaolics are reaction products of phenols and al-
dehydes and are usually formulated with drying oils.

Curing of non-solvent phenolics is done by poly- -

merization of the oil. The films are tough and hard.
They have poor resistance to alkalies and have poor
wetting power. Phenolics are shop applied by baking
and overcoated with epoxies for improved resistance
to alkaline materials such as drilling muds.

Polyesters are made by reaction of polybasic acids
and polyhydric alcohols. They are cured in place by
catalysts to form hard, glossy coatings with good acid
and solvent resistance. Like phenolics, their resis-
tance to alkalies is poor. They can be built with glass
fibers or chopped glass to form thick films. Thick,
troweled polyester coatings are good for repair of tank
bottoms and sides. Glass fiber reinforced polyester
(FRP) resin is molded into pipe and sheets for tank
walls. Use is primarily for water up to 60°C (140°F)
but some types are suitable for hydrocarbons at up to
50°C (120°F).

. Polyurethanes (or simply urethanes) are growing in
use as coatings, especially for applications where wear
resistance is important. They are often applied clear

4

as topcoats. Chemical resistance is rated as good but
they do show some susceptibility to attack by alka-
lies. They tend to chalk in the atmosphere but gen-
erally stay more flexible outside than epoxies.

Epoxies in various forms are perhaps the most widely
used generic coatings and plastics in the oil industry.
The basic resin structure is relatively complex, con-
sisting of repeating hydrocarbon rings connected by
oxygen links. The characterizing reactive group that
splits to form the ether oxygen links is:

0
/ \ Epoxide group
—-CH-CH,

Epoxy resins alone are themoplastic (melt when heated)
and do not form good films. Therefore, they are al-
ways combined with cross-linking or curing agents
such as amines, polyamides or anhydrides. Polyam-
ide curing agents are most popular for epoxy paints
since they increase pot life and are relatively non-
toxic.

In general, epoxy coatings are so popular because they
are tough and water resistant. They also resist alka-
lies, solvents and most chemicals.

Two-package coating materials are used, one con-
taining epoxy resin and the other the curing agent.
Pot life after mixing varies with curing agent, sol-
vents and temperature. Low temperatures (0 to 5°C
or 32 to 42°F) drastically slow curing and complete
cure requires one to two weeks even at 25°C (76°F).
Some shop applied epoxy coatings are force dried or
baked at up to 85°C (185°F).

Special formulations for shop coating of pipe use
combinations of epoxy and thermosetting (harden on
heating) resins that are fused and cured directly onto
the heated metal.

Epoxies react with constituents of coal tars to form
a type of copolymer. These are the coal tar epoxies
that have been widely used for pipe and tank coating.
Their properties are variable due to variations in coal
tars, and they are less popular now than epoxies and
polyesters,

Epoxy plastic is also popular for making pipe and
tanks, due to its chemical resistance. The pipe is usu-
ally reinforced with filament-wound glass fiber in the
walls and a smooth layer of epoxy plastic on the in-
terior. Good quality fiberglass reinforced epoxy pipe
in nominal sizes of 50 to 100-mm (2 to 4 in.) can
handle pressures up to 17.2 MPa (2500 psig) at tem-
peratures up to 65°C (150°F). Some grades such as
Ameron Bondstrand Blackgold are rated for temper-
atures up to 120°C (250°F) at pressures of 2 MPa (300
psig) for 50 mm (2 in.) pipe and 1.2 MPa (175 psig)
for 100 mm (4 in.} pipe. Larger sizes are available.
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Bisphenol-A resing are tesistant to strong alkalis at
temperatures up to 120°C (248°F). These are used for
applications such as FRP (fiberglass reinforced plas-
tic) vats, tanks and piping in refineries and chemical
plants.

Isophthalic tesins are widely used in filament wound
FRP pipe, tanks and linings; especially in corrosive
waler service.

Furan resins have good resistance to oils and chem-
ical solvents. They are used in FRP laminates for cer-
tain alkaline or acidic environments where iso-
phthalic and other polyester plastics are not suitable.

. Metallic Coatings—Zinc Rich

A unique class of coating meterials are those con-
taining 60 to 75 weight percent zinc powder in the
dried film. The zinc and binder act as a diffusion bar-
rier to meisture vapor and salts in marine atmo-
spheres. In addition, the zinc pigment corrodes sac-
rifically to protect underlying steel at pinholes
(holidays) and scratches. For these reasons, zinc rich
coatings are used worldwide for protection of marine
structures such as offshore platforms.

The most popular mode of use is for prime coating
over sand-blasted steel. Pigmented topcoats of vi-
nyls, epoxies, polyurethanes or acrylics are then ap-
plied. Alkyd topcoats should not be used since they
disbond from zinc primers.” Only limited use of zinc
rich coatings is made for water-immersion service.

Two basic types of binders for the zinc powder are

used:

a. inorganic or organic silicates, and

b. organic resins such as vinyls, chlorinated rubbers
oT epoxies.

Early inorganic silicate binders required post-curing
of the coating, after application, with alcoholic phos-
phoric acid. Organic silicate binders are self curing
by moisture adsorption. Organic binders such as
chlorinated rubbers are seif-curing by solvent evap-
oration. Table 1.5-1 lists selected characteristics for
four types of zinc-rich primers.

Despite some claims to the contrary, zinc-rich coat-
ings should always be applied over white or near-
white sand or grit-blasted surfaces for best results.
High pressure (20,000 psi or 138 MPa) water blasting
also provides an acceptable surface.

A major cause of coating failure where zinc-rich
primers are used on properly prepared surfaces is ap-
plication of the topcoat too soon before the primer
has had time to cure properly. One advantage of zinc-
rich primers is that topcoating can be delayed several
weeks or months.

. Metallic Coatings—Fused, Plated or Chemically

Deposited

Hot dip galvanizing with molten zinc is used for at-
mospheric protection of certain prefabricated items.

Table 1.5-1
Types of Zinc-Rich Primers
SSPCH
Type Characteristics
1-A Inorganic silicate vehicles. Applied in one coat

but requires chemical treatment after
appiication for curing, Apply above 10°C (50°F).

1-B Inorganic self-curing silicate vehicles. Apply
above 10°C (50°F). No undercutting or
underfilm corrosicn.

1-C Inorganic seif-curing vehicles. Requires high
humidity to cure. Can be applied at 0°C (32°F).
2 Various organic vehicles

Epoxy Polyamide —Generally best performing
organic. Accepts epoxy
or polyurethane topcoat in
16—24 hours.

Vinyl -Good flexibility and
adhesion. Water
immersion service with
vinyl topcoat.

Chlorinated Rubber—Good flexibility. Easy
brush application. Low
film build. Poor abrasion
resistance.

*Steel Structures Painting Council, Pittsburgh, PA

It is generally not suitable for immersion service in
salt waters.

Some use is being made of chemically deposited met-
als such as electroless nickel. However, coating qual-
ity varies and severe galvanic corrosion of the steel
substrate is always a possibility at breaks or scratches
in the coating.

Molten or plasma spray-applied metals such as chro-
mium-nickel (stainless) alloys are used for abrasive
service such as sucker rod couplings. Again, local
galvanic cell action is a problem. Stainless steel coated
sucker rods are usually topcoated with epoxy for seal-
ing.

Plated wear surfaces coated with stainless or high
chromium alloys are used in pump parts where the
cost i tolerable.

Aluminum metal coatings applied by proprietary
methods (such as Alonizing) are used in heat ex-
changers and vessels exposed to hot gases containing
sulfur compounds. Flame-sprayed zinc-aluminum
mixtures can provide better protection than either metal
alone. The most promising application is atmospheric
exposure in marine environments but exposure ex-
perience is still quite limited.

6. Cement Linings and Concrete Sheathing

Properly applied cement linings are effective for in-
ternal protection of steel tubulars handling corrosive
salt waters. The cement should be API Class B or C
(high sulfate resistant) as specified in API Recom-
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mended Practice RP10E 1978. The lining is formed
in individual pipe joints by centrifugal casting to uni-
form density and thickness. Recommended lining
thickness varies from 3 to 30 mm (120 to 1200 mils)
for pipe diameters of 60 mm (2-3/8 in.) to 508 mm
(20 in.) respectively. Alkalinity from the cement helps
protect exposed steel at cracks in the linings.

Concrete or cement sheathing is used for external
protection of well casings, marine pilings and other
buried structures. Water-saturated concrete or cement
will conduct electricity and encased steel, including
reinforcing bars, can suffer electrolytic corrosion.
Cathodic protection of encased steel is recommended
for critical structures. However, full length cement-
ing is the best available process for external casing
protection, with or without cathodic protection (see
Section 8, Item 8.06).

7. Composite Inorganics

Included in this group are a variety of vitreous or ce-
ramic coatings and refractory materials. Their most
popular uses are for wear prevention and protection
of steels at high temperature. Polymeric silicones are
employed in high temperature paints for use on hot
vent stacks. '

8. Conversion Coatings

A final group of coating materials that should be
mentioned are those designed for application on rusted
steel surfaces. Both inorganic and organic com-
pounds of various sorts have been offered for this ser-
vice.

They are described as having the ability to combine
with rust and incorporate it into the structure of the
final dried coating film. Typical older compositions
contain unsaturated cils, such as linseed or fish oils,
which polymerize by air oxidation. Synthetic resins
with rust bonding chemicals are now used. These ma-
terials are useful for temporary protection or for use
whete it is physically impossible to sandblast or oth-
erwise properly prepare the surface. However, as a
general rule, a conventional coating system properly

applied over clean steel provides longer and more-

economical protection.

5.03 Coatings Systems and Nomenclature

Most suppliers of industrial protective coatings pro-
vide a variety of coating materials. Combinations in
specified thicknesses and order of application are called
coatings systems.

Two component systems consisting of a primer and
top coat are common. Some systems employ an inter-
mediate or tie coat to aid adhesion of the top coat. Two
or three top coats may be used sequentially, thus build-
ing five or six component systems.

Following are examples of systems used effectively in
marine atmospheres:
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1. Zinc-rich primer—70 to 116 mm (3 to 5 mils),
High-build epoxy—116 to 230 mm (5 to 10 mils),

2. Zinc-rich primer—70 to 116 mm (3 to 5 mils),
High-build epoxy—116 to 230 mm (5 to 10 mils),
Polyurethane overcoat—-45 to 70 mm (2 to 3 mils).

In some systems, inhibitive primers (wash primers) are
applied first as thin films to stabilize freshly cleaned metal
surfaces against oxidation. There is considerable dis-
agreement about the effectiveness of these for field ap-
plications. New types of wash primers that act as con-
version coatings (see group 8 above) do extend coating
life where vinyl topcoats must be applied over hand-
brushed rusty surfaces. Vinyl wash primers or those con-
taining phosphoric acid are used to treat galvanized steel
prior to top coating. Weathering will accomplish the same
thing.

The literature and container labels for coating systems
prescribe safety precautions, surface preparation, appli-
cation procedure and sequence, and wet and dry film
thickness. Composition information is usually also given.
The percent solids shown by the printed analysis in-
cludes weight of the resin or plastic plus pigment and
fillers. Volatiles include the vehicle (solvent) and thin-

. ner. Lacquers are coatings formed by vehicle evapora-

tion, e.g., vinyls and acrylics. Enamel is the traditional
name for coatings formed by curing (polymerizing) in
place.

5.04 Methods of Steel Surface Preparation Prior to
Coating

Improper and incomplete surface cleaning is respon-
sible for more failures of coating systems than poor qual-
ity coating materials. A good guideline is that anything
worth painting is worthy of the cost of proper surface
preparation.

Table 1.5-2 is a summary listing of the preparation
methods most widely used. Both the National Associa-
tion of Corrosion Engineers (NACE), Houston, Texas,
and the Steel Structures Painting Council (SSPC), Pitts-
burgh, Pennsylvania, recognize the importance of proper
pre-cleaning and have established code identifications for
processes and results as indicated. NACE also publishes
Test Method TM-01-75, “Visual Standard for Surfaces
of New Steel Centrifugally Blast Cleaned with Steel Grit
and Shot”, and RP-01-72, “Surface Preparation of Steel
and Other Hard Materials by Water Blasting Prior to
Coating or Recoating.”

5.05 Coating Application and Inspection

The person responsible for a coating job should ap-
proach the task with a professional engineering attitude.
The exposure conditions should be studied and docu-
mented and the coating system should be selected for
that service. The supervisor should also establish a step-
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44 Corrosion and Water Technology for Petroleumn Producers

Table 1.5-2
Methods of Steel Surface Preparation

Code Number

Method and Results

SSPC NACE

SP-1 — Solvent Cleaning Wiping or dipping with naptha, alcchol, mineral spirits, etc.

Sp-2 — Hand Cleaning Use of hand tools, wire brushing and scraping. Tight mill

: scale is not removed by this method.

SP-3 — Power Tool Cleaning Power sanding, scraping or grinding.

SP-4 — Flame Cleaning Direct flame is continuously moved over surface to cause
mill scale to pop oif.

SP-5 No. 1 White Metal Blasting Removes everything to bare metal to extent that further
cleaning does not change appearance,

SP-6 No. 3 Commercial Blast Cleaning Removes everything except the gray mill scale binder and
surface rust stains leaving a streaky appearance.

SP-7 No. 4 Brush-Qit Blast Cleaning Removes only lcose dirt, paint, rust and some corrosion
praducts. Tight mill scale is not remaved.

3P-8 — Pickling Immersion in dilute acids.

SP-9 — Weathering and Cleaning Surface allowed to rust heavily and then brushed or

: blasted.
SP-10 No. 2 Near-White Metal Blast All il, grease, mill scale, paint, carrosion products, ete.,

Cleaning

are removed except for light shadows, streaks or slight
oxide discclorations. At least 95% of surface is SP-5.

wise program of application requirements and inspection
during and after the application. Following is a guideline
list of things to observe:

1. The surface should be inspected to ensure it is prop-
erly prepared—no dirt, no grit, no rust, no mill scale
arc left on.

2. The surface must be free of dew or other moisture.
Painting a wet surface must never be permitted; the
threat of rain is the signal for stopping work. Another
factor is the temperature at which application is made.
The danger point is 4°C (40°F), especially if the tem-
perature is dropping. Higher temperatures are desir-
able and necessary for some types of coatings, such
as water base and epoxies.

3. The paint must be properly mixed and applied. If
thinning is required, the thinner specified by the man-
ufacturer must be used.

4. In the case of epoxies or other two-component ma-
terials, the contractor must watch the limited potlife
and necessary sweating time once the two compo-
nents have been mixed together. Applying materials
that have been allowed to sit around for more than
the alloted potlife will result in poor adhesion or com-
plete failure.

5. The proper film thickness (wet and dry) must be
achieved and the film must be free of holidays (pin-
holes) and other deficiencies. Sharp edges, bolts, riv-
ets, etc., are difficult to protect and should therefore
be given extra protection and close inspection.

6. The applicator must know what he is doing and, if
not, must be instructed.

The supervisor should satisfy himself that the appli-
cator is competent, especially if his charges are unusu-
ally low. For example, some inexperienced applicators
leave thin spots by improper handling of the spray gun.

During application of coatings, the wet film thickness
should be checked to insure the coverage is within spe-
cificiations. Dry film thickness must also be proper and
uniform. Simple test gauges are available for these mea-
surements.”

Finished coatings, either shop or field applied, should
be tested for pinholes (holidays) and thin spots using a
dielectric tester. Spark testers are available for flat sur-
faces and mbulars. Use of the latter are described in NACE
RP-02-74, “High Voltage Electrical Inspection of Pipe-
line Coatings Prior to Installation.”

A recommended procedure for detecting holidays in
thin film internal tubular coatings, e.g., baked phenolics
or fusion bonded epoxies, has also been published.* A
schemati¢ of the testing apparatus is shown in Figure
1.5-1. The power source imposes a voltage of up to 90
volts (usually 67.5V) across the coating by means of a
water wet porous sponge held between metal plates on
the end of a plastic tube (lance). As the wet sponge is
pulled through a joint of internally coated pipe, an alarm
in the detector instrument is activated at any spot (hol-
iday) where the electrical resistance of the coating is less
than 80,000 ohms. Holiday free coatings are usually
specified for well tubing. Some companies allow one or
two holidays per joint for surface flowlines in non-ma-
rine service,

A supervisor or inspector should also check shop ap-
plied coatings and the application techniques. Numerous
failures of internal pipe coatings have resulted from poorly
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Figure 1.5-1. Holiday detector for thin film internal pipe coatings. (After NACE TM-03-84),
cleaned surfaces in the coatings application plants. On- Table 1.5-3
site inspection of shop operations and holiday and film Laboratory Tests for Evaluation of Coatings Properties and
thickness checks of the finished product are worthwhile Comparative Performance
insurance, especially for coated well tubulars. Designation or
Type Property Measured
. Cathaodic Loss of adhesion at holidays during
5.06 Pe.rformance Testing and Laboratory Disbondment exposure to salt water and electrical
Inspection ASTM* G8 and current flow.
. . G42
Certain tesP s can be Performed ‘ln the lat?oratory for Impact Resistance Force required to rupture coating film.
(1) comparative evaluation of various coating systems ASTM G14-72
under specific environments and (2) testing of coating Penetration Relative resistance to indention.
properties. Such tests are beneficial for monitoring prod- Resistance
uct quality, verifying supplier claims and for failure ASTM G17-72
analysis. Ultrasonic Film Film thickness.
Table 1.5-3 lists some important types of laboratory Thickness
tests. Some of these are conducted routinely by several ASTM D1186 o ‘ .
major oil producing companies and by testing labora- El?-{d{’l; Spé"k Dietectric properties and pinhales.
tories. In addition, empirical tests are conducted to sim- Agﬁfégfe;gctor
qlate flelld—exposure condltl‘ons. For example,. shor!: sec- Salt Spray Resistance to salt-water fog {marine
tions of internally coated pipe are connected in series in exposure).
a closed loop with circulating salt water. Results indicate Weatherometer Resistance to suniight (UV) and rain.
relative performance for use in flowline and injection well NACE** Abrasion Resistance (by falling sand
tubing. Short joints of internally coated tubing are also TM-03-75 method).
fabricated into test cells. These are filled with water and ASTM G6-77 Abrasion Resistance (by rolling drum
condensate saturated with produced gas and heated to method).
well temperature as a test of downhole performance in *American Society for Testing Materials, 1916 Race St., Philadel-
gas wells. Several specimens can be tested simulta- phia, PA 19103
neously in a heated high-pressure autoclave.’ **National Association of Corrosion Engineers, P. O. Box 218340,
Close visual inspection for blistering and disbond- Houston, TX 77218
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46 Corrosion and Water Technology for Petroleumn Producers

ment, after exposure, is a good guide to relative perfor-
mance,

5.07 Cathodic Dishondment and Soil Stress—
External Pipe Coatings

ASTM test methods G8 and G42 (see Table 1.5-3)
evaluate external pipe coatings for resistance to “voltage
stress” when the coated pipe is under cathodic protec-
tion. The recommended practice for corrosion control on
underground or underwater p1peImes calls for coating
supplemented by cathodic protection.® This practice rec-
ognizes that practically all coatings have or will develop
pinholes or holidays desp1te careful application and in-
spection.

When coated pipe receives cathodic current, hydrox-
ide (OH ") alkalinity develops on bare areas of steel (see
Section 1, Item 1.06). This happens even when the pipe
potential is no greater than ~0.85 volts vs. Cu/CuSO,.
High alkalinity at coating holidays has little if any effect
on usual pipe coatings such as coal tar enamels, but can
cause deterioration and disbondment of alkali susceptible
materials such as phenolics or polyesters,

Another effect of cathodic protection that can cause
localized loss of adhesion or disbondment of coatings at
holidays is generanon of gaseous molecular hydrogen (H,).
Recent studies’ indicate H, evolution commences at off
potentials (see Section 1, Item 4.08) of —1.12 volts vs.
Cu/CuS0, and becomes vigorous at —1.17 to —1.22
volts. The on potential (potential measured with current
being applied) is not considered a valid indicator of hy-
drogen evolution.” Based on available knowledge it ap-
pears advisable to avoid excessively high P/S potentials
on coated pipe. The high potentials that can cause coat-
ing disbondment are most likely to occur near the rec-
tifier or other source of impressed current.

Another source of coating stress that can cause dis-
bondment is shnnkmg of high clay soils during dry pe-
riods. Most pipe coating systems utilize fabric wraps to
reinforce the coating and adhesive additives are used to
enhance bonding to the steel. Plastic tapes with no fabric
reinforcement are susceptible to soil stress disbondment,
especially if the adhesive is poor quality or too thin. Soil
stress is, of course, not a problem in water-immersion
service.

5.08 Suggested Types of Coatings for Oil
Production Operations

Table 1.5-4 lists classes of coatings that have given
good performance for various field applications. This list
is intended solely for instruction purposes and it is not
intended to be all inclusive nor exclusive of any com-
pany’s products. The types of coating systems listed are
the principal or identifying constituents and each are

Tahle 1.5-4
Coatings for Specific Field Uses

Use Application Suggested Coating

Baked Phenolics
Fusion Bonded Epoxies

Internal Tubular
Protection (Wells
and Flowlines)

External Pipe Coai Tar Enamel

Surfaces Extruded Polyalkylenes
(Buried— Phenolic-Epoxy {Fusion Bonded)
Immersed) Concrete-Asphalt Mastic

Atmospheric Inorganic Zinc with Epoxy, Acrylic or Vinyl
Surface Topcoats
(Structures— Urethanes
Vessels) Polyesters

internal Tank Potyester with Glass Mat over Epoxy
Surfaces Primer

Hot-Applied Coal Tar

Epoxies (100% solids)

Freformed Heat-Shrinkabte Polyalkylene
Sleeves with Mastic Adhesive

Hot-Applied Fabric Wrap Impregnated
with Coal Tar and Rasins

Hot-Applied Asphalt

(Note: Additional information on coatings systems is given in Sec-
tion 1, Chapters 8 and 9.)

Pipe Field Joints
and Riser Pipes
(Marine)

generally composed of several components such as
primers, tie coats, top coats, etc., that vary with man-

ufacturers. Due to variations in constltuents and appli-
cation procedures, any type listed may fail or give poor
performance. However, the list is useful as a general guide
to coatings for specific applications.
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Removal of Corrosive
Gases—Mechanical and
Chemical Methods

Introduction

Most of the corrosion of production equipment is caused
by liquid water containing dissolved hydrogen sulfide
(H,S), carbon dioxide (CO,), oxygen (O,) or combina-
tions of these corrosive gases.

In some situations, corrosion can be stopped or re-
duced to an acceptably low level by removing the cor-
rosive gases that cause the trouble. This is a well-proven
and cost-effective procedure for treatment of acrated sur-
face waters prior to subsurface injection in waterfloods
and for boiler feedwater. Deaeration or removal of dis-
solved oxygen is also a growing practice for drilling fluids.

Removal of the unwanted gases is accomplished by:

1. counter-current stripping with an inert gas
(e.g., natural gas or flue gas),

2. vacuum deaeration, and

3. chemical treatment,

Theoretically any of the corrosive gases can be re-
moved by some combination of the procedures just listed.
Economics usually limits the removal method to dis-
solved oxygen since it is the most harmful, has low sol-
ubility in water and can be taken out relatively easy.
However, there are exceptions and removal information
for all three gases will be presented.

6.01 Hydrogen Sulfide

H,S is roughly 200 times more soluble than oxygen
and about three times more soluble than carbon dioxide
in water at atmospheric temperature and pressure. When
methane, nitrogen or some other inert gas is bubbled
through sour produced water containing H,S only part
of the H,S is stripped out. The reason is that only a part
of the H,S exists in solution as molecular (gaseous) H,S

“and the remainder is non-volatile “SH ions. In neutral
(non-acidic) field waters, typically about 50% of the H,S

is in the ionic form. Removal of dissolved CO, along
with the H,S increases water alkalinity and further re-
duces the amount of H,S dissolved as a gas.

Some field installations have successfully removed H,S
from produced waters by stripping with CO, rich exhaust
gas' or by adding a strong acid such as hydrochloric ahead
of a natural gas stripper tower.” In both cases the acidity
of the treated water is sufficiently high (pH less than 6.0)
to convert most of the H,S to the volatile gas form. Low
concentrations of H,S have been removed by sweeping
hot refinery water streams with air.> All these processes
leave the water very corrosive due to residual H,S, CO,
or O,. H,S stripping is not recommended for corrosion
control in ordinary production operations.

Low concentrations of H,S in domestic or boilerfeed
water can be removed by treatment with chlorine (chlo-
rination).

Chemical removal of H,S in drilling fluids is a useful
and practical corrosion control procedure (see Section 1,
Item 8.02).

6.02 Carbon Dioxide

Dissolved CO, can be removed by gas stripping after
the water is acid treated. The method is rarely used for
that purpose alone since other methods of corrosion con-
trol are usually more economical.

In gas transmission lines where CO, is the primary
corrosive agent, it is good practice to dehydrate the gas
to the point that no water condenses at the lowest tem-
perature and highest pressure encountered. Where com-
plete dehydration is too expensive, excess water is trapped
and drained downstream of the gas compressors and a
CO; neutralizing chemical such as ammonia or a volatile
amine is added to the gas stream. The amount of neu-
tralizer added should be sufficient to maintain the pH of
all condensed water in the system at 6.5 to 7.5. Higher
pH values should be avoided if there is any entrained
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48 Corrosion and Water Technology for Petroleumn Producers

salt water that can deposit scale. Drip pots should be
placed at low points and at the end of the line for water
sampling and pH measurement.

6.03 Oxygen

Dissolved oxygen undoubtedly causes more corrosion
in water injection systems than any other single factor.
Contamination by even trace amounts of O, increases
corrosiveness of sour produced water by as much as ten
times. Oxygen is also the major corrosive agent in drill-
ing fluids. Consequently, the highest priority for cor-
rosion control in water systems is elimination of dis-
solved oxygen either by exclusion or removal.

Produced waters, as they come from the production

“wells, are usually free of dissolved oxygen. Properly de-
signed and operated produced-water handling equipment
{separators, free water knockouts, emulsion treaters and
holding tanks) exclude air and thus avoid the problem of
oxygen caused corrosion. However, the produced waters
are often mixed with additional water from wells or a
surface source such as rivers, lakes or oceans, to provide
ample volume for reservoir waterflooding. In this situ-
ation, it is common practice to deaerate the source or
make-up water prior to blending with the produced water
stream.

Since both air exclusion and oxygen removal are equally
important in production operations, both procedures will
be discussed.

6.04 Oxygen Exclusion

Most water injection systems are of the closed type;
that is, they are deliberately designed to avoid oxygen
contamination by excluding air. Even when the flow-
lines and vessels are internally coated, oxygen exclusion
is extremely important to avoid severe local damage at
bare areas or at holidays in the coatings.

The two most likely points where air can enter closed
injection systems are (1) through holding tank vent hatches
and (2) at packing glands on the suction side of water
pumps. The packing glands should be routinely checked
for tightness. Use of water-sealed packing glands is also
good practice, especially if the water being pumped con-
tains H,S. ' .

Exclusion of air from holding tanks is best accom-
plished by gas blanketing the vapor spaces with oxygen-
free gas under a small positive pressure, viz., 18-35 g/
cm® (2-4 oz/in.%). This is easily done, if oxygen free
gas is available on location, by piping the gas to the top
of the tank under sufficient constant pressure to prevent
air from being drawn in as the water level in the tank
rises and falls. The gas delivery pipe must be large enough
to meet the volume demand, especially on small surge
tanks where the water level may be drawn down rapidly.

Purchased nitrogen has been used for tank blanketing

where oxygen-free natural gas is not available. An ex-
ternal expansion bladder is used to confine the nitrogen
for recycling as the water level fluctuates. Due to high
installation cost, nitrogen blanketing is not widely used
although it is quite effective. The same can be said for
floating roof tanks (no vapor space) using a pleated fab-
ric seal around the periphery of the floating top.

Solubility of O; in ordinary crude oil is higher than
the solubility in water. Therefore, floating oil blankets
do not prevent oxygen contamination. A thick layer of
weathered crude can slow the rate of oxygen entry.
Floating layers (up to 1 m or 3 ft thick) of small plastic
spheres (microballons) have been tried for blanketing oil-
free water. However, the benefits normally do not justify
the trouble and expense, especially in tanks that are
pumped down frequently.

6.05 Oxygen Removal

Counter-current gas stripping and vacuum deaeration
are the two physical methods most used for oxygen re-
moval in production operations. Steam stripping is often
used for pretreatment of boiler feedwater.

These removal processes operate by reducing the par-
tial pressure of O, in the gas phase that is in equilibrium
with the water. Dalton’s law states that the total pressure
of a mixture of gases is equal to the sum of the partial
pressures of the individual gases in the mixture. Air con-
tains approximately 20 mol percent O,. Therefore, in air
at atmospheric pressure (1 bar, 100 kPa, or 14.7 psi) the
partial pressure of O; is about 0.2 % 14.7 = 2.9 psig or
0.2 bar. Henry’s law states that the equilibrium concen-
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Figure 1.6-1. Concentration of dissolved oxygen in pure water
in equilibrium with air at atmospheric pressure. '
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tration of O, dissolved in water is proportional to the
partial pressure of O, in the gas in contact with the water
at a given temperature. Consequently, the amount of dis-
solved oxygen in water can be reduced by replacing air
with a gas that has a lower O, content (gas stripping) or
by reducing total gas pressure (vacuum deaeration).

Figure 1.6-1 shows the amounts of oxygen present in
water that is in contact with air at various temperatures.
Note that the oxygen concentration (solubility) is zero at
the boiling point of water under atmospheric pressure.
Dissolved salts reduce O; solubility in water as was shown
in Figure 1.1-9, Section 1. ‘

6.06 Gas Stripping

Gas stripping is accomplished by passing water down-
ward through a contact vessel while gas containing little
Or no oxygen is moving upward (counter-current) through
the vessel or stripping tower as illustrated in Figure 1.6-
2. Gas stripping vessels are available from oilfield

equipment suppliers such as CE Natco. Standard design
features and design criteria are published.* NACE Stan-
dard RP-02-78 states that gas stripping is most appli-
cable (economically) to water systems handling over 1600
m’/day (10,000 barrels per day) where the cost of nat-

ural gas is low or where the exhaust gas can be reused

as a fuel. It should be noted that stripper exhaust gas
contains oxygen removed from the water and is therefore
not suitable for gas blanketing for air exclusion (see Item
6.04),

RP-02-78 further recommends that natural gas to be
used for O, stripping must contain no more than | grain
of H,8/100 ft’ (0.23 mg/m®) and less O, than would be
in equilibrium with the residual O, content allowed in
the water.

The generally accepted upper limit for residual O, in
water to be used in water injection operations is 0.05
mg/L (about 0.05 parts per million or 50 parts per bil-
lion). However, many operators prefer no more than 0.01
mg/L or essentially zero 0,, especially in seawater used
for injection offshore.

GAS QUT

MIST f
EXTRACTOR

I —=
GAS ___L_:\
IN — L N

| CONTROL | © Zﬂ
WATEF;D@EM“‘;“‘“

IN -

MANOMETER
{sight gauge)

LEVEL S \

@:—-_02 SCAVENGER
CHEMICAL FEED
CHEMICAL

PUMP

TN
1T

\COLUMN WaLL r

=
a. Single Pass Tray
Section Detail

(D
~\l 9

‘ECOLUMN WALL
ouT \/

b. Four Pass Tray
Section Detail

Figure 1.6-2. Counter-current gas stripping tower for removal of dissolved oxygen.
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50 | Corrosion and Water Technology for Petroleum Producers

To achieve residual O, concentrations in these ranges
by gas stripping with methane at 20°C (68°F), the max-
imum allowable O, content in the stripping gas is as fol-
lows:

Maximum O, Content of Gas

Residual O, ppm or (Mol % X 20,000)*

in Water
mg/L Fresh Water Seawater
0.01 227 297
0.05 1134 1491

*Assume gas is primarily methane

Stripper column diameters typically range from 1 to 4
m (3 to 12 ft) with 20 to 25 trays and gas to water ratios
of 0.36 to 0.9 m*/m’ (2 to 5 scf/bb}) at pressures of 1.5
to 3 bar (20 to 45 psia).

Tray configurations vary. Both single and four pass
trays are illustrated in Figure 1.6-2 (tray cenfiguration
after RP-02-78).

6.07 Vacuum Deaeration

Vacuum deaeration is carried out in downflow towers
roughly similar in appearance to gas stripping columns.
Tray columns are used but packed towers are generally
more efficient. Typically, 2.5 cm (1 in.) Raschig rings
are placed 1.5 to 2.5 m (5 to 8 ft) deep on support grids.
Three layers of packing are often used with vacuum
takeoffs above each layer (stage). Pressure at each stage
is progressively reduced with lowest pressure (highest
vacuum) at the bottom stage. Vacuum is drawn with one
or mote liquid seal vacuum pumps. Water flowing
downward through the packing rings literally boils at
ambient temperature, giving off the dissolved air and water
vapor.

To produce boiling, the total pressure in the column
must be reduced to a value equal to the sum of the partjal
pressures of dissolved gases (oxygen and nitrogen from
air) plus the vapor pressure of water, all at the operating
temperature. The data curve of Figure 1.6-3 shows the
computed total (remaining) pressure as mm of Hg (mer-
cury) at various temperatures when residual dissolved
oxygen is 0.1 mg/L (or 0.5 mg/L as air). To ¢compute
the millimeters of Hg vacuum required, substract the to-
tal pressure at operating temperature (Figure 1.6-3) from
prevailing atmospheric pressure (760 mm Hg at sea level).

6.08 Corrosion Protection in Deaerators

The materials of construction recommended by NACE
RP-02-78 for gas stripping columns are summarized in
Table 1.6-1. The same recommendations should gener-
ally be applicable to vacuum deaeration parts,
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Figure 1.6-3. Vapor pressure of water with 0.5 mg/L of dis-
solved air (0.7 mg/L Q).

6.09 Removal of Oxygen with Chemicals

Chemical removal of dissolved oxygen is accom-
plished by adding an oxygen scavenger (reducing agent)
such as sulfite ion or hydrazine. These react with oxygen
in water as follows:

(a) S0, 7,0, — S0,

(sulfite ion) = {oxygen) (sulfate ion)
o NH, + 0, — N, + 2H,0
(hydrazine)} . (oxygen) (nitrogen) (water)

The hydrazine reaction is slow except at temperatures
near the boiling point of water or in very alkaline (caus-

[

Table 1.6-1
Materials “of Construction Recommended for Gas Stripping
Columns

Item Fresh Water Saltwater (Brine)
Column sheils  Mild Steel, Same, but coated with
and support uncoated with holiday-free epoxy,

rings 0.16 cm (1/16 fiberglass-reinforced
in.) corrosion epoxy of polyester
allowance
Trays' and AlSI 304 stainless  AISI 316 stainless steel
bubble caps steel trays with Monel 400

bubble caps

'For all columns, stainless steel trays must be electrically insulated
from mild steel support rings to prevent galvanic corrosion of the
latter.
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tic) solutions at pH 10 or higher. Consequently, use of
hydrazine is primarily in boilers but it has been added
to alkaline drilling muds left behind well casings.

Sulfite ion is applied by adding sodium sulfite (Na,SO,)
in water solution (about 10 to 12 wt %). However, a
more popular form is ammonium bisulfite (NHHSO,)
which is supplied by service companies in a premixed
-water solution containing about 65 wt % of the ammo-
nium bisulfite.

Sodium sulfite is usually supplied as a dry powder or
crystals that often have a cobalt salt added to increase
reaction rate. Concentrated ammonium bisulfite solution
without an added catalyst is more stable than catalyzed
sodium sulfite solutions and does not lose strength as
rapidly when exposed to air in chemical feed tanks. Tracés
of iron present in most waters are apparently adequate
to catalyze (speed-up) the reaction rate of the ammonium
bisulfite.

Both sodium sulfite (dry basis) and ammonium bi-
sulfite (65% soluticn) are fed at a rate of 10 ppm (mg/
L) for each mg/L of dissolved oxygen. The sulfite scav-
enger solution is commonly injected directly into the water
sump at the bottom of a gas stripping tower, as indicated
in Figure 1.6-2, to remove residual oxygen, For proper
treatment control, it is essential that the water be tested
frequently for oxygen content. Consequently, sampling
taps should be placed in the incoming water line and at
an appropriate location in the deaerated water line down-
stream of the tower. Further discussion on oxygen con-
trol tests is provided in Section 1, Item 8.15.

Sulfite chemical can be used economically as the sole
- oxygen removal treatment (no gas stripping or vacuum
deaeration) in small water systems, especially where ox-
ygen content is low. Again, good control requires pe-

riodic testing for O, content and close surveillance of the
chemical injection equipment. If the water is to be chlor-
inated for bacterial control, the chlorine must be added
at a separate point downstream of the sulfite injection
where the oxygen has been reacted out. Chiorine and
other oxidizing agents react with and consume the sul-
fite. This should also be noted in the treatment of sea-
water where chlorine (hypochlorite} is generated elec-
trically from the seawater upstream of deaerators. Any
hypochlorite residual will react with sulfite downstream
of the deaerator towers, thus increasing total sulfite re-
quirement.

Attempts have been made to remove dissolved oxygen
from injection or flood waters by treatment with sulfur
dioxide (SO,) generated on site by controlled burning of
elemental sulfur. Although theoretically feasible and
economical, the process has not gained general accep-
tance because of operational problems in burning the sul-
fur and intense corrosion of equipment.
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Metals Selection,
Design and Handling
Considerations

Introduction

The major properties of a metal that make it suitable
for a specific application in production operations are:
(1) adequate strength, (2) resistance to general and lo-
calized corrosion and (3) resistance to failure by crack-
ing. High cost and lack of availability exclude many high
alloy steels and non-ferrous metals that might otherwise
meet these three basic requirements. Fortunately, the de-
gree of corrosion resistance needed in most applications
can be minimized by use of chemical inhibitors, coat-
ings, cathodic protection, or removal of corrosive agents
from the metal environment. Strength requirements can
be met by adjusting design thickness or by controlled
changes in the metal’s chemical and physical properties.

The approach of adding strength by increasing thick-
ness is limited by the maximum weight that can be sus-
tained especially in drill pipe, casing and tubing strings,
and marine structures. Extra thickness also increases
susceptability to defects and hinders uniform heat treat-
ment.

Increasing strength by alloying and heat treatment is
the common practice for ferrous (iron base) metals. A
major constraint for these techniques is increased sus-
ceptability to sudden cracking above certain strength lev-
els.

The importance of cracking as a fajlure mechanism
has increased with deeper drilling and deserves special
attention by production personnel. Corrosion related
cracking processes are most common and are conse-
quently within the scope of this book. However, certain
mechanical properties of metal must be understood be-
fore cracking and metals selection can be adequately dis-
cussed.

METAL PROPERTIES AND CRACKING
FAILURES

7.01 Elastic Limit—Ductility—Yield and Tensile
Strength

When a piece of metal with definite dimensions is pulled
at each end, it is under tensile stress. Stress is the load
or force per unit of cross-sectional area. Total elongation
or the extent of stretching compared to original length
of a portion of the specimen is called the strain. Within
the elastic limit, strain is not permanent and dimensions
return to normal when stress is removed. At stresses be-
yond the elastic limit, permanent plastic deformation oc-
curs and continues with increasing stress until the metal
fractures and breaks, Ductility or toughness is a measure
of plastic deformation prior to fracturing.

The stress being applied at the elastic limit or onset
of plastic deformation is called the yield point or yield
strength. The exact point is hard to define and the 0.2%

. offset yield point is commonly used. This is the stress

load when a marked portion of the test specimen has
been permanently stretched 0.2% of original length.
Tensile strength (ultimate) is the maximum load just prior
to fracture divided by cross-sectional area.

7.02 Hardness

Hardness is a measure of a metals resistance to in-
dention or scratching. It is an indicator of ductility.

Rockwell hardness testing is applicable for oil field
steels and is done by pressing a cone-shaped diamond
point into the steel with a 150 kg load. Depth of pene-
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54 Corrosion and Water Technology for Petroleumn Producers

tration of a 0.2 mm point at this loading is translated to
a reference scale called Rockwell C (HRC). Low strength
API grade steels such as H-40 or J-55 usually have an
HRC of less than 20. Maximum hardness attainabie in
carbon steels is HRC 65.

Other hardness scales are used, a common one being
the Brinell. Rockwell C 22 is approximately equal to
Brinell 237 hardness.

7.03 Fatigue Strength and Corrosion Fatigue

Fatigue strength and endurance limit are synonymous
terms used to designate the unit stress that a metal can
withstand for an indefinite but large number of repeti-
tions or cycles of stress in an inert environment. In prac-
tical tests, stress levels are often expressed as a percent
of yield strength for the metal being tested.

The endurance or fatigue limit for steels is roughly 50
to 75% of their tensile strength. However, hard, high-
strength steels have relatively lower fatigue strength (as
a percentage of yield strength) than softer, more ductile
steels. :

When a corrosive agent such as oxygen in water is
present, the fatigue limit is progressively lowered in pro-
portion to corrosion intensity. The effect is illustrated for
a low-alloy steel by the data curves of Figure 1.7-1. The
combined effect of stress and corrosion is termed cor-
rosion fatigue and is more damaging than either con-
tributor alone.

Corrosion fatigue is the major mode of failure of drill
pipe and sucker rods.

7.04 Heat Treatment of Steels

Physical properties of steel and some other metals are
strongly affected by their heat treatment, which largely
determines their grain structure.

100’—
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Figure 1.7-1. Environment vs. endurance fimit of a low alfloy
steel.

Hardening is achieved by heating to a critical tem-
perature and then cooling. The grain structure after heat-
ing is called austenite. With rapid cooling (quenching),
austenite is converted to martensite, which is a brittle,
hard needie-like grain structure.

To reduce the amount of martensite and achieve a more
untform hardness without internal stresses, the quenched
stee] is reheated to a temperature below 732°C (1360°F)
for a time and then cooled at a controlled rate. Very slow
cooling in the furnace produces a soft annealed steel
(partial annealing is used for stress relief in fabricated or
welded parts). Slow cooling in still air is called nor-
malizing. Tempering is a process of intermediate heating

and controlled, uniform cooling to maintain desjred mar-

tensitic hardness properties.

Other processes for controlling hardness and strength
levels alter the grain structure by a combination of alloy
additives and heat treatment. Some alloys produce a rel-
atively soft metal on rapid quenching and are called age
or precipitation-hardened (PH) steel.

Stainless steels (300 series) retain austenitic micro-
structure and-are non-hardenable by heat treatment,

7.05 Sulfide Stress Cracking (SSC)

The metallurgical properties that control strength,
hardness, ductility, etc., are responsible for suscepta-
bility to various forms of cracking. The most important
cracking mechanism in oilfield equipment is sulfide stress
cracking (88C).

S8C occurs when a susceptable metal is under tensile
stress and exposed to water containing hydrogen sulfide
or certain other sulfur compounds; generally under air-
free conditions. The amount of water present may be
only a thin film such as moisture condensed from sour
gas or the metal may be totally immersed. Corrosion cells
on the metal generate iron sulfide, FeS, and atomic hy-
drogen, H® (see Chapter 1, Item 1.17 (1) and (2). The
amount of metal loss is usually minimal and the surface
layer of FeS very thin when SSC occurs. The surface
layer of FeS promotes movement of H® into the metal
lattice. Penetration of H® into the body of the metal re-
duces ductility. The H* may also accumulate at imper-
fections and generate tremendous pressure by converting
to molecular or gaseous hydrogen, H,, in pockets or voids.
Both loss of ductility by H® and local internal stresses
created by H, are believed to be involved during SSC.

When the metal is a hard, high-strength steel for ex-
ample, the combination of ductility loss and local inter-
nal pressure superimposed on the tensile stress loading
causes the metal to break and crack. Cracking failure is
often sudden and, if tensile stress is sufficiently high,
the crack propagates completely through the metal.

The time to failure by SSC is shortest at low temper-
atures (20 to 40°C or 75 to 105°F). For tubular-grade,
low-alloy steels with hardnesses up to HRC 26, SSC
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generally does not occur as long as the temperature ex-
ceeds about 80°C (175°F). However, cracking of steels
in the hardness range of HRC 22 and above can occur
rapidly if the steel is cooled in the presence of H,S even
for brief periods.

A generally accepted rule for resistance of carbon and
low alloy steels to SSC is that uniform hardness be main-
tained no higher than HRC 22.! Certain non-ferrous met-
als such as Monel K300 are acceptable up to HRC 35.

The AISI 4100 series steels (e.g., 4140 such as used
in drill pipe) are acceptable up to HRC 26.% The H grade
steels (such as 4140 H) are manufactured with controlled
hardness that is uniform through the wall thickness to
improve SSC resistance.

The preferred heat treatment for SSC resistant steels
is to quench and temper. This is preferable to normal-
izing and tempering. Grades C-75 (Type 2), L-80 and
C-90 tubing and casing steels are quenched and tem-
pered with controlled hardnesses. API specification SAC’
sets maximum hardness for L-80 at HRC 23. However,
a recent report by Ciaraldi’ of an L-80 casing failure un-
der severely corrosive conditions at high stress levels,
has suggested that a hardness limitation of HRC 22 as
recommended by NACE MR-01-75 should be consid-
ered.

The MR-01-75 document recommends using SSC re-

G S R e T s T e

sistant metals when the hydrogen sulfide partial pressure
1s equal to or greater than 0.05 psi (0.345 kPa). At a
total gas pressure of 10,000 psi (68.95 MPa} this partial
pressure of H,S represents only 5 ppm in the gas phase.
Tests by Watkins and Vaughn® indicate N-80 and C-95
grade steels may be suitable for sour service at H,S par-
tial pressures of 0.75 psi (5 kPa) and 1.5 psi (10 kPa)
respectively. This would still put a maximum limit for
H,S in produced gas at only 150 ppm at 10,000 psi (68.95
MPa) or roughly 0.01 mol %.

7.06 Hydrogen Blistering (Internal Fracturing)

Penetration of atomic (nascent) hydrogen, H°, into rel-
atively soft low-strength steels can produce internal frac-
tures or blisters. The mechanism is similar to that de-
scribed previously for SSC where H° inside the steel
changes to the molecular H, form and generates high
pressure. Conversion to H, occurs below the surface at
discontinuities or defects such as laminations in rolled
sheet steels. In soft steels such as that used for storage
tank walls, the internal fracture commonly expands and
follows discontinuities running parallel to the surface.
The metal is literally pried apart by the pocket of H, gas
and the surrounding walls are bowed outward in the form
of a blister (Figure 1.7-2). The blisters are most often

Figure 1.7-2. Cross section of a hydrogen biister in the wall (0.25 in. or 0.64 cm thickness) of a sour oil storage tank.
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56 Corrosion and Water Technology for Petroleumn Producers

found on the walls of tanks or vessels holding sour water
or hydrocarbons and can be as large as one m (three ft)
in diameter. Chemical inhibition and use of internal
coatings helps alleviate the problem. In severe cases such
as sweetening vessels in gas plants, use of higher quality
(cleaner) steel grades has been required.

7.07 Chloride Stress Cracking (CSC)

-Austenitic (300 series) stainless steeis can fail by
cracking when exposed to water containing chlorides at
temperatures above about 35°C (200°F) while under ten-
sile or hoop stress. The latter is actually tensile stress on
the walls of pipes or vessels containing fluids under pres-
sure. The ferritic 13% Cr stainless grades (no Ni) such
as 410 are not affected by CSC but are susceptable to
S8C. Nickel-base alloys (very high nickel content) such
as Incoloy 825 and Hastelloy G are generally immune
to both 8SC and CSC. (See Table 1.7-1.)

7.08 Stress Corrosion Cracking (SCC)

The chloride stress cracking of austenitic stainless steels
Just described is a specific example of a broad range of
cracking failures described under the general name of
stress corrosion cracking. SCC is broadly defined as cor-
rosion which is accelerated by tensile stress.® Typically,
the failure occurs suddenly (after an incubation period)
with little apparent corrosion having occurred.” SCC is
distinguished from corrosion fatigue (Item 7.03) in that
the latter occurs under cyclic stress, which involves rep-
etitions of both tensile and compressive forces. It is sim-
ilar to corrosion fatigue in that it (SCC) is always ini-

Table 1.7-1
Some Prospective Alloys for Hot Well Tubulars
Major
Alloying
Constituents Cracking
wi% . Resistance
—————— General Corrosion ——______
Alloy Cr Ni Mo Resistance’ 88C €sC
30435 19 9 F S 8
31688 17 12 F S S
41088 13 — — S S R
43088 18 — — F S R
Duplex S8 24 8 3 G S G
Carpenter 20Cb 20 29 3 G R R
Incoloy 8252 22 42 3 G R R
Inconel 6257 19 65 9 R R R
Haynes 20 Mod 22 26 5 G R A
Hastelloy G* 2 43 7 G R R
Hastelloy C-276° 16 59 18 R R R
MP 35 N* 20 35 10 (+35CO) R R R

'To CO,—Qrganic acid attack in saltwater at 130°C (266°F)
nternational Nickel Company

*Cabot Corporation

“Latrobe Steel Company

G = Good F = Fair S = Susceptible R = Resistant

tiated at a surface notch, which is most commonly a pit.>
The pit often starts by dissolution of some component of
the metal by a specific type of corroding agent (e.g.,
chloride attack of austenitic stainless steels). An exam-
ple of intergranular SCC is shown in Figure 1.7-3. The
metal in this case is high manganese stainless steel from
a non-magnetic drill collar that failed in service during
drilling of a hot (> 100°C or 212°F) well with high chlo-
ride content drilling mud. Pitting occurred at the surface
(top of photo) and cracks progressed into the metal, pri-
marily along the grain boundaries. Cracking resistant,
non-magnetic alloys are available (Section 1, Item 8.02).

Low alloy (mild) steel suffers SCC when exposed to
hot, concentrated caustic or nitrate solutions while being
stressed near or beyond the elastic limit.® Under similar
conditions, brass can be cracked by ammonia and certain
aluminum and titanium alloys are cracked by chlorides,
bromides and iodides. Many other specific combinations
of metal, environment and tensile stress have been iden-
tified.

Some investigators feel that sulfide stress cracking (Item
7.05) should be considered a type of SCC. Unlike most
other forms of SCC, sulfide stress cracking involves hy-
drogen embrittlement that occurs within the body of the
metal and does not necessarily initiate at a surface pit or
notch. As a practical matter, however, surface damage
such as pits, scratches and tool marks act as stress con-
centrators and can promote cracking failure by any of
the three basic modes, viz., corrosion fatigue, SSC or
SCC.

DESIGN AND HANDLING CONSIDERATIONS
7.09 Metals Selection

Equipment design features are generally governed by
physical parameters such as pressure containment and
flow capacity and by standard mechanical specifications,
i.e., API Specifications. However, attention should al-
ways be given to design factors and metal selection that
can minimize corrosion or make treatment for corrosion
control easier.

1. Well Installations
a. Tubing and Casing Selection

Following is a guideline list for highly corrosive
. sour wells (after Bradburn and Kalra®) that is con-
sistent with NACE MR-01-75:

—3Select tubulars with a low sulfur content that
have homogeneous hardness throughout. Hard-
ness should not exceed HRC 22 or use 4100
series steels, quenched and tempered, up to HRC
26,

—Use internal flush joints (no recess).

—Select tubulars that have been properly stress
relieved (partially annealed) after upsetting and
straightening operations.
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Figure 1.7-3. Stress corrasion cracking (SCC) in a stainless steef drilf collar. Approx. 300x.

—Avoid austenitic stainless steels (300 series).

—Although the austenitic stainless steels, e.g.,
AISI 304 and 316, are generally not suitable for
tubulars in wells producing chloride brines con-
taining H,S, these alloys are highly useful for
pump and valve trim (see Item 7.10). They are
particularly useful in applications where oxy-
gen is present and in low temperature CO, ser-
vice (see Section 1, Chapter 9).

Considerable research and study is being de-

voted to corrosion resistant metals, especially
for tubing in ultra-hot wells, Table 1.7-1 lists
some prospective alloys and their comparative
corrosion resistances. The list is intended solely
for study purposes and should not be consid-
ered as a recommendation for or against use of
any product. Many other alloys are available.

The 13% chromium alloy represented by 410 §S
is of special interest since it is being used in
many offshore wells. This alloy resists acidic
corrosion by CO, and organic acids up to about
120°C (250°F) but rapidly becomes susceptible
to general attack and pitting at higher temper-

atures. Note that it resists CSC better than the
austenitic nickel-containing stainless grades (304
and 316) but is susceptible to SSC. There is
evidence that 13% Cr alloy may be susceptible
to pitting corrosion by salt water containing
combinations of H,S, CO, and O, at tempera-
tures as fow as 43°C (110°F)."

The duplex stainless steels are more resistant to
CSC than austenitic (300 series) types. These
typically contain 22 to 25% Cr, 3 to 5% Mo,
and 5 to 15% Ni. They are resistant to general
pitting corrosion at high concentrations of CO,
at temperatures up to 200%C (392%F) but are
susceptible to cracking by H,S at high temper-
atures. "

Ferritic stainless steels containing 18 to 20% Cr
and 1-3% Mo with little or no Ni are suitable
for many severely corrosive situations such as
CO, EOR projects (see Section 1, Item 9.01).
Increased resistance to both general pitting at-
tack and cracking with increasing major alloy
constituents is reflected by the data of Table
1.7-1.
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b. Completion Design

Design the wellhead and tubing arrangement as
required to permit inhibitor injection (see Section
1, Item 8.08, Imhibitor Treatment Methods, in-
cluding deep hot weils).

¢. Sucker Rods

For rod-pumped wells, the rod metallurgy and
properties are prescribed by API Specification 11B.
In sour production, hardness should be controlled
to HRC 22 (23 maximum). Alloy rods are nor-
mally not required when the well is properly in-
hibited. Rod loading should not exceed specifi-
cations. Joints should be tightened properly but
not over torqued.

Load limits are listed in API RP 11BR.

2. Wellheads and Flowlines

Steels should be selected for SSC resistance (HRC
22 maximum, quenched and tempered) unless it is
certain that H,S will not be present. Type 410 stain-
less is suitable up to 120°C (250°F) if H,S is absent.
The same or Monel K500 is used for gates and seats
and valve stems.'

Christmas trees internally clad with a thin layer of
Inconel 625 have been installed for trial use in very
corrosive production (H;S, CO, at 300°F).'® Cameron
Iron Works was the manufacturer using hot isostatic
pressing (HIP) to bond the high alloy layer over the
base steel. Weld overlaying by metal inert gas (MIG)

Corrosion and Water Technology for Petroleumn Producers

welding of high nickel-chrome alloys is performed
but the HIP process appears preferable.”

Flowline metallurgy should be SSC resistant' for sour
production. The design should provide inhibitor in-
Jjection points if needed. Sharp bends should be elim-
inated especially in gas production with entrained sand
or other solids. A general guideline is that the bend
radius should be no less than five times the pipe di-
ameter.

ERW (electic resistance welded) pipe is often used
for flowlines due to lower cost compared to seamless.
ERW pipe should be thoroughly inspected at the mill
to avoid incomplete welds. The weld seam must be
properly heat treated to eliminate hard spots and in-
ternal stresses. Figure 1.7-4 shows internal corrosion
of an ERW flowline, The hole occurred where the
weld seam was not completely fused.

. Tanks and Vessels

Crevice corrosion is initiated where two surfaces are
in contact.” These may be gaskets, metal touching
metal (overlaps or incomplete welds) or deposits that
settle in tanks or other vessels. When oxygen is pres-
ent, differential concentration cells are formed in
crevices or under deposits and cause deep pifting (see
Section 1, Item 1.16).

Drain lines should extend to the tank bottom for sludge
removal. Vessels shouid be designed to eliminate low
flow dead spaces where solids can accumulate. No
partially welded overlaps should be permitted. Tank
and vessel interiors should be as free as possible of
braces, baffles and irregular support members.

Figure 1.7-4. Internal corrosion along the weld seam in ERW pipe.
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7.10 Designing with Dissimilar Metals

In the preceding discussion, the use of certain stainless
steels and non-ferrous alloys such as Monel K500 was
mentioned, especially for wellhead valve gates and stems.
It is also commeon practice to chrome plate subsurface
pump barrels and use alloys such as Colmonoy No. 6
(chromium boride and chromium carbide in a nickel base)
for wear-resisting pump plungers. In waterflood surface
pumps, chromium-plated impeller cages and aluminum
bronze pump heads are used. These are a few examples
where corrosion and wear-resistant alloys are used in
specialty applications. Pump and valve manufacturers
generally have adequate experience to guide proper use
of these materials.

Most of the corrosion-resistant alloys contain high
concentrations of chromium (Cr), nickel (Ni), and cop-
per (Cu) and some contain molybdenum (Mo), cobalt
(Co) and aluminum (Al) plus various amounts of iron,
manganese, silicon, and carbon.'' Chromium and Cr-Ni
(stainless) alloys (> 22% Cr) are generally resistant to
corrosion by waters containing oxygen but are corroded
by non-aerated sour waters. They are also susceptable to
S$SC and CSC. Nickel and alloys containing more than
about 40% Ni are resistant to slightly acidic, non-oxi-
dizing solutions such as sour brines, The Inconels and
Incoloys (International Nickel Co.), Hastelloys (Cabot
Corporation) Chlorimet (Duriron Co.) and the Monels
are very corrosion resistant and contain 44% or more Ni.
Copper and alloys with 70% or more Cu are used in
valves, heat exchanger tubes and piping-handling aer-
ated salt waters. Examples are aluminum bronze (7% Al)
and cupronickel (30% Ni).

As a general rule the corrosion resistant alloys, such
as 304 and 316 stainless, are cathodic to steel and cause
galvanic (dissimilar metal) corrosion of steel when the
two are coupled in salt water (see Section 1, Item 1.13).
Their satisfactory use in vaives and pumps is usually the
result of the relatively small size of the alloys parts. In
this case, the surrounding steel corrodes sacrifictally and
provides extra protection to the alloy part. With a small
cathode, corrosion rate on the larger (and usually thicker)
steel anode is tolerable.

On chrome or nickel-plated parts where the plating is
cracked or broken, intense local attack occurs on the un-
derlying steel. Here the cathode area is large and the
exposed steel anode is small. Therefore, corrosion is lo-
calized and intense. For successful use, the plating must
be uniform, non-porous and undamaged.

7.11 Equipment Handling Precautions

The most important precaution is to avoid surface
damage during installation. Gouges, nicks, scratches and
dents on tubing, drill pipe and sucker rods initiate lo-
calized corrosion cells (see Item 1.14). Surface damage
(gouges, etc.) can also reduce the threshold stress for

S8C by as much as 50%. This is the tolerable tensile
stress above which the frequency of sulfide stress crack-
ing increases drastically.

As previously mentioned, all joints and couplings should
be properly tightened but not over torqued.

A more obvious precaution is to avoid permanent
bending of pipe, rods and tubing joints and kinking of
highly stressed items such as wirelines. Many companies
issue printed handling instructions to employees and
contract crews on proper handling procedures.

7.12 Velocity Effects

Low (near stagnant) liquid flow velocity should gen-
erally be avoided since this promotes build-up of slimes
and sludges and thus promotes isolated pitting. As ve-
locity increases through tubulars the overall untreated
corrosion rate tends to increase proportionally even when
suspended solids are not present. This effect is illustrated
by the data of Figure 1.3-2 (Section 1, Item 3.04). In
these tests involving impingement of liquid water drop-

. lets on a steel surface, the overall cotrosion rate in-

creased nearly linearly up to velocities of 30-40 ft/sec
(9-12 m/sec). The corrosive gases present in these tests
were H,$ and CO, at 107°C (225°F). Other tests have
shown corrosion rates of steel exposed to salt water con-
taining dissolved oxygen at 25°C, increased 2.5 times
when flow velocity was increased from 3.3 to 13 ft/sec
(1 to 4 m/sec).

Because untreated comosion rates do generally in-
crease with increasing velocity, attempts are being made
to establish design criteria for an “erosional” or “limit-
ing” velocity that should not be exceeded for flow of
corrosive water in tubulars such as well tubing. The cal-
culation usually involves the following equation:

C
V=

Ve

where V is the erosional or limiting velocity as ft/sec,
p is computed density of total fluids (water, oil and gas)
as Ib/ft> under system conditions, and C is an empirical
constant. The value of C is still being debated and may
fall between 100 and 500.

At present it appears that any value of V calculated
for untreated systems with no entrained solids would not
be applicable where solids are present or where filming
amine inhibitors are being used (see Figure 1.3-2, Sec-
tion 1).

The most damaging condition that should be avoided
is high velocity impingement of entrained solids, such
as at sharp bends or elbows mentioned under Item 7.08.

7.13 Cavitation

A form of erosion-corrosion that involves both liquid
velocity and pressure is cavitation caused by repeated
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60 Corrosion and Water Technology for Petroleum Producers

formation and collapse of gas or vapor bubbles, Metal
loss due to cavitation can be localized and intense. In
production equipment, cavitation often occurs in water
injection pumps where there is inadequate pressure on
the suction feed line and is occasionally seen in flow}ines
and tubing handling water with dissolved gas at turbulent
velocities. The best solution to the problem of cavitation
in water pumps is to increase pressure on the suction side
to the point that bubbles of gas or water vapor are not
created at the lowest point on the pressure cycle.
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Specific Corrosion
Control Procedures in
Oil Production
Operations

Introduction

In this chapter, practical aspects of corrosion preven-
tion in the industry will be considered, Most of the tech-
niques have come into widespread use since about 1950
and are undergoing constant change along with other areas
of production technology.

The amount of private and published information is
obviously enormous and no set of cookbook instructions
can possibly cover all situations. The author’s approach
will be to examine the causes of corrosion on various
types of equipment and the control methods that have
proven most suitable. To provide some continuity to the
overview, the discussion starts with drilling operations
and progresses from subsurface equipment to water in-
jection wells. Additional items covered are gas process-
ing equipment and offshore platforms. Corrosien in en-
hanced recovery (EOR) processes is covered in Section
1, Chapter 9.

As appropriate, both the causes and remedies are re-
lated back to the basics already covered and additional
details are provided on the control procedures introduced
in Section 1, Chapter 2.

8.01 Drilling Equipment Corrosion

The major cause of most drill stem corrosion is dis-
solved oxygen. Pitting by dissolved oxygen leads to cor-
rosion fatigue (Section 1, Item 7.03). Traces of H,S from
sour formation zones increase the corrosivity of aerated
drilling fluids by as much as ten times. H,S can cause
both general corrosion and sulfide stress cracking (Sec-
tion 1, Item 7.05).

The mode, or pattern, of attack and ultimate failure of
drill pipe is strongly influenced by a multitude of factors
such as:

Tensile and bending stresses,

Metal properties (imperfections, scratches, hardness,
etc.),

Erosion by solids, and

Improperly made-up joints.

DN —

W

Racked pipe left with wet solids on the inside surfaces
suffers oxidation corrosion that initiates pitting. In the
hole, the pits continue to deepen and effective wall
thickness at these spots is proportionately reduced. The
metal at the bottom of the pits is actually subjected to
higher mechanical stress than that of the total pipe. Local
stress magnitude is influenced by pit geometry and is
more concentrated at sharp bottom or V-shaped pits. These
sharp angle pits tend to form more often on inside sur-
faces. External pitting is minimized by rubbing of the
pipe against the hole walls.

Metallurgical properties also have a strong influence.
The hard, high strength steels often required for drilling
generally have a lower relative fatigue strength, or en-
durance limit, than softer, more ductile steels (see Sec-
tion 1, Item 7.03). Continued application of cyclic

stressing in the corrosive aerated drilling mud causes the

metal to “fatigue” and crack. Cracking usually starts in-
ternally at the sharp bottomn pits discussed above and then
propagates through the pipe wall. Once initiated, crack-
ing through the wall can occur rapidly in hard (> HRC
23-30) steels. In hard steels the crack also tends to spread
and enlarge circumferentially. When remaining un-
cracked metal is unable to withstand the stress load, a
“twist-off” occurs and the pipe separates.

In more ductile steels, a through-the-wall crack may
simply enlarge due to fluid jetting and a “washout” hole
is formed. A washout causes a rapid drop in pump pres-
sure and the pipe must be pulled to replace the perforated
joint. A clever method for pinpointing the location of a
washout in a drill string was published in the Oil and
Gas Journal:'
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62 Corrosion and Water Technology for Petroleum Producers

After a drillpipe washout, common practice is to pump a
piece of rope (softline) down the drill pipe to partially
plug the perforation and increase pressure. Using the fol-
lowing Bering-Sharbutt formula, the pipe joints (stand)
with the washout can be located:

_Tv
L

where S = stand number containing washout
T = pumping time in minutes (min) until pressure in-
crease
V = feet/minute velocity =

)

bbl/min pump output

bbl/ft pipe capacity
L = length of average stand in feet

Example: A piece of softline was pumped in at 7 bbl/
min down 4.5 in. drill pipe {capacity of 0.01422 bbl /ft)
and pressure increased after 6 minutes pumping time.
Average L = 93 ft, :

7
6 x 0.01422
§ = ————= = 31.76 (washout should be found near
93 the 32nd stand)

8.02 Drillpipe Corrosion Control Methods

Assuming the pipe design and steel properties con-
form to recommended standards, the joints are made up
and lubricated properly, and reasonable care is taken to
avoid mechanical damage; the principle means for min-
imizing corrosion and cracking of drill pipe is control of
the exposure environment.

Four proven procedures for redcing drillpipe corro-
sion are:

1. Removal of dissolved oxygen from the drilling fluid,

2. Use of chemicals to react with and inactivate hydro-
gen sulfide,

3. Flushing out mud deposits prior to racking, and

4. Application of filming inhibitors.

In addition, considerable use is made of internal pipe
coatings. Special drill pipe coatings using baked phe-
nolics top coated with epoxy are avaijlable from AMF
Tuboscope or Baker Tubular Services (both in Houston,
Texas).

Continuous deaeration of drilling fluids is a growing
practice (see Section 1, Item 6.09). Sodium sulfite and
ammonium bisulfite are two oxygen removal chemicals
that have been widely used. Treatment rates are 8-10
milligrams/liter (or ppm) of the sulfite for each ppm of
O, present, plus 10-30% excess. A reaction catalyst such
as a trace amount of a cobalt salt may be added to speed
up the reaction:

- Co++ _
SO; +',0, — SOJ
(sulfite) (sulfate)

Concentrated liquid solutions of a sulfite salt such as am-
monium bisulfite are convenient and can be used without
added catalyst.

Mechanical deaeration by gas stripping or by vacuum
(Section 1, Items 6.06 and 6.07) in packed towers is
employed in some cases to remove oxygen down to about
0.1 milligram/liter residual. For best resuits, remaining
O, is taken out by subsequent chemical (sulfite) treat-
ment.

As previously mentioned, hydrogen sulfide (H,S)
greatly intensifies corrosion when O, is present. Even
when all oxygen has been removed, contamination of the
drilling fluid by H,S from a sour zone can cause serious
damage. High strength steels that are harder than RC 22
tend to crack rapidly under tensile stress when exposed
to H;S (see Section 1, Item 7.08). NACE Standard MR-
01-75 (see Chapter 7, Reference 1) recommends that when
drilling operations require use of high hardness materials
and equipment components, the drilling environment
should be controlled by use of one or more of the fol-
lowing:

1. Maintain drilling fluid density and hydrostatic head
sufficient to minimize in-flow of formatjon fluid,

2. Maintain drilling fluid at pH 10 or higher,

3. Use chemical sulfide scavengers, or

4. Use drilling fluid in which oil is the continuous phase.

A widely used hydrogen suifide scavenger is basic zinc
carbonate (ZnCQj; - Zn(OH),), which reacts with H,S as
follows:

H,S — HS™ — S~ + Zn** — ZnS |.
(Insoluble)

Other sulfide scavengers are: chelated zinc that is sol-
uble in drilling fluids, porous iron oxide, and copper salts.
The copper salts are not now widely used since they can
deposit metallic copper onto steel and cause localized
pitting by the dissimilar metal couple effect (see Section
1, Item 1.13),

Water-soluble organic corrosion inhibitors are, in gen-
eral, not effective for control of oxygen corrosion. In the
absence of oxygen, they can be used effectively for re-
ducing corgosion pitting caused by H,S. Intermittent high
concentration slugs of oil-soluble organic inhibitors that
film the pipe every 8-12 hours have been successfully
used. However, these are inconvenient and are strongly
adsorbed to drill cuttings and clays. Sulfide stress crack-
ing (SSC) of hard steels can occur even when overall
metal loss is minimized by application of inhibitors.

API drillpipe specifications require full length, heat-
treated seamless pipe with limited phosphorus (0.040%)
and sulfur (0.060% maximum). Quenched and tempered
uniform hardness steel grades such as AISI 4145H are
preferred for cracking resistance. These grades are also
used for tool joints and drill collars. Nonmagnetic drill
collars made of Monel K500 or 316 L (low carbon)
stainless steel are used for drilling directional holes. The
austenitic (typically 18% Cr, 8% Ni) stainless collars are
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subject to stress corrosion cracking (see Section 7, Item
7.08). High nickel stainless such as Hughes Nipponel
280 has recently been introduced to minimize SCC
cracking of the nonmagnetic collars.

8.03 Drilling Corrosion Test Methods

When oxygen removal is being practiced to reduce drill
pipe attack, it is important to monitor dissolved O, re-
siduals to insure control. Some operators simply monitor
the concentration of the suifite oxygen scavenger and as-
sume that O, is absent if excess SO,” is present. It is
better practice to check both SO~ and O, levels every
. few hours. The latter tests are made with commercial
oxygen meters or with an oxygen test kit (see Item 8.15).
Chemical test kits for H,S are also readily available (see
Item 8.15).

A simple and recommended technique for monitoring
corrosiveness of drilling fluids downhole is the place-
ment of metal test rings in the tool joint box recess.” Test
rings are commercially available that are mounted in
piastic as illustrated in Figure 1.8-1.

PLASTIC INSULATOR
STEEL RING

PIN END

TEST— " BOX
RING

B.

Figure 1.8-1. Drill string corrosion test ring. A. Plastic-
mounted ring. B. Ring positioned in tool joint recess.

Two rings {or coupons) are generally used; one near
the top of the string and one near the bottom. The test
rings are normally installed at the beginning of opera-
tions and are changed on a weekly basis until the hole
is completed. Spot analysis of the cotrosion film and vi-
sual examination of the coupon’s surface will evaluate
the type of corrosion and severity of the attack. Weight
loss can be determined and calculated to corrosion rate
(see API RP 13B). Service companies that sell oxygen
scavengers and corrosion inhibitors normally monitor the
corrosion test rings. Preweighed, drill pipe corrosion rings
are also available from Metal Samples Co., Route 1, Box
152, Munford, Alabama 36268, U.S.A.

8.04 External Casing Corrosion

Post-mortem examinations of failed casing reveal four
primary causes of external casing corrosion:

1. electrical currents,

2. attack by formation (connate) water,
3. bacterially generated H,S, and

4. corrosion by completion fluids,

Excessive amounts of thread lubricant, containing me-
tallic copper can cause severe localized attack around the
outside edges of casing collars.

Given enough exposure time, any of the cotrosive
conditions cited can cause serious, casing damage but
electrolytic corrosion is usually the major contributor,
Historically, the most rapid and severe attack in indi-
vidual fields has often been found to occur at from one
to three formation zones or depths. These “hot spots”
are commonly at formations that have high salt content
walter.

Electrolytic corrosion, is the common name applied to
metal loss resulting from discharge of conventional d.c.
current to the earth (see Section 1, Item 1.21). Current
flow may originate from either:

1. potential gradients between formations traversed by
the casing, or

2. current entering the well from connecting flowlines
or electrical grounding systems.

Potential gradients of greater than one volt can be gen-
erated between surface equipment, such as long flow-
lines and well casings, by differential oxygen concen-
tration cell action (see Section 1, Item 1.16). Oxygen
available to the flowline in surface soil favors the cath-
odic reduction reaction.

(a) H,0 + .0, + 2e — 20H",

while iron goes into solution from the anodic areas on
the casing where no oxygen is present:

(b) Fe®* — Fe' ' + 2e.

Electrons flow up the casing while conventional electric
current is considered to flow in the opposite direction
down the casing (see Section I, Item 1.09),
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Stray electrical currents can also be induced onto
flowlines from high-voltage power transmission lines,
cathodic protection groundbeds and electrical grounding
systems. In many cases the exact source or path of the
stray currents cannot be readily determined but tests with
a voltmeter across open flowline-to-wellhead flanges will
indicate that electrical current is entering the well, viz.,
positive (+) pole of voltmeter on flowline and negative
(—) pole of voltmeter on casing side of the open flange
deflects the meter needle to the right, indicating current
flow from + to —.

As mentioned previously, potential gradients between
earth formations can produce subsurface currents be-

tween different portions of a single casing. This current.

cannot be detected by voltage measurement tests at the
wellhead.

In all cases of electrolytic corrosion on casings, -con-
ventional electrical current discharges from the metal to
the earth at the anodic corroding areas (see Section 1,
Chapter 1, Item 1.21). Presence of salt water increases
metal dissolution and other anodic reactions. The high
electrical conductivity (low electrical resistivity) pro-
motes current transfer between casing and earth at salt
zones. Up to 9.1 kg (20.1 1b) of casing steel is lost for
each ampere of current flow during one year. The rate
of casing wall penetration by electrolytic corrosion is,
therefore, directly proportional to the amount (amperes)
of current flowing and inversely proportional to the area
of current discharge.

In the oxygen concentration cell situation discussed
previously, where no strong extraneous electrical cur-
rents are involved and metal dissolution is the primary
anodic oxidation reaction, the corroding away of 9.1 ki-
lograms of casing steel over a period of one year will
produce a continuous current flow of one ampere.

8.05 Wellhead Insulators

Reduction in the frequency of casing leak occurrence
has been achieved in several fields by electrical insula-
tion of well casings from the flowlines. This stops cur-
rent flow down the casing from the surface (and electron
flow up the casing).

Dielectric insulating materials for both screw and flange
joints are commercially available. It is good practice to
insulate ail wells connecting to a single treating battery.
Plans for all new wells should include insulating joints.
Cathodically protected casings should also be insulated
(see Section ], Item 4.09).

Three problems that can be encountered with casing/
flowline insulators are:

1. Difficulty in testing for shorting due to current leak-
age around the joint through low resistivity earth.
However, made up joints can be readily tested for
shorts with commercial insulation testers utilizing ra-
dio frequency energy. An excellent insulation tester

of this type is made by Gas Electronics Company and
sold by cathodic protection equipment suppliers.

2. Interference corrosion on the surface casing when the
flowline is at high potential due to cathodic protec-
tion. In these cases the insulating joints may be par-
tially shunted, or the wellhead potential is elevated
by attaching a sacrificial anode. Interference on in-
sulated flowlines due to casing c.p. is remedied by
the same procedure (Section 1, Ttem 4.09).

3. Failure of insulation materials at high (>120°C or
250°F) temperature. Heat resistant materials should
be selected for hot, high pressure gas wells.

8.06 Casing Protection by Cement and Completion
Fluids

In addition to wellhead insulation, the best available
procedure for reducing casing failure due to external cor-
rosion is the placement of a uniform cement sheath op-
posite all corrosive zones. Full-length cementing of sur-
face pipe and the production casing (at feast from the
intermediate string down) is recommended for deep wells,

" especially offshore. Only sulfate resistant (API Class B

or C) cement should be used.

Casing that is not cemented should be protected with
oxygen-free {deaerated) high pH completion fluid (pref-
erably thixotropic or gelable). Completion fluids left be-
hind casings should be treated with an oxygen scavenger
such as hydrazine or sodium sulfite and brought to a pH
of 9.5 - 11.0 before placement. Residual dissolved ox-
ygen initiates corrosion pitting and promotes subsequent
bacterial growth. Oil-base completion fluids can prevent
these problems as long as they remain stable, but they
are expensive.

8.07 Cathodic Protection of Casing

In addition to cement and non-corrosive completion
fluids, impressed current cathodic protection is widely
used to mitigate external casing corrosion. The major
technical difficulty with this procedure is that truly uni-
form current distribution is nearly impossible to achieve.
Rectifier driven anode beds at the ground surface gen-
erally cannot effectively project current below about 2500
m (8000 ft). Deep anode beds (see Section 1, Chapter
4, Reference 4) are recommended to improve current
distribution to deep zones when casing leaks occur at
depths greater than about 300 m (1000 ft). As a general
guide, the depth of deep anode bed boreholes should be
about 5% of the deepest zone depth where corrosion fail-
ures are encountered.

Retrievable prepackaged deep anode systems are
available from Matcor, Inc., Doylestown, Pennsylvania;
Cathodic Engineering Equipment Co., Hattiesburg, Mis-
sissippi, and major cathodic protection installers. Graph-
ite, high silicon cast iron (such as Durichlor 51), and
platinum clad anodes are most often used in deep bed
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installations. Theoretically, very deep, remote ground
beds can protect to nearly any depth but cost is usually
prohibitive.

Despite its limitations, cathodic protection of casings
is a viable and cost effective precedure in many loca-
tions. It should be considered especially for long-life wells
and for protection of the upper portions of deep high
pressure wells.

The amount of cathodic current supplied to each well
in a group from the rectifier/ground bed system usually
ranges from 3 to 30 amps depending on depth and cor-
rosion severity. The current input to each well is ad-
justed to eliminate all major anodic areas on the casing
(see Item 8.09). Final current input is further adjusted
(balanced) so that the wellhead to earth potential at each
well in a field is close to that of all surrounding wells.
Wellhead potential balancing within groups of wells is
necessary to avoid large potential differences that can
lead to accelerated corrosion by the interference effect
discussed in Section 1, Item 4.09. Computer controlled
rectifiers are available which automatically balance well-
head potentials (against a permanent reference half cell)
for each well receiving its current from that rectifier.

Cathodic protection engineering and installation ser-
vices for well casing is available worldwide from nu-
merous companies such as Cathodic Protection Services
{CPS) Co., Houston, Texas; Harco Corp., Medina, Ohio;
Cathodic Protection Co. Ltd., Grantham Lincoinshire,
U.K.; Caproco Corrosion Prevention Ltd., Edmonton,
Alberta, Canada, and others.

§.08 Measuring External Casing Corrosion

Several types of instruments are available for detect-
ing and measuring casing corrosion. Some utilize a com-
bination of inside mechanical calipers and electromag-
netic casing wall thickness measurement. The combination
logs are interpreted by difference to indicate the loca-
tions where external metal loss is occurring. Advanced
inspection tools and services are provided by several
companies such as NL-McCullough, Dresser-Atlas, Welex
and Schlumberger. Properly employed, these devices are
excellent for diagnostic purposes, but they only detect
corrosion after it has occurred.

Probably the most commonly used means for deter-
mining that a casing cathodic protection program is eco-
nomically justified is a graphical plot of casing leak his-
tory in each field. A graph is prepared by plotting the
total (cumulative) number of leaks vs. time (years) on
semi-log paper. The vertical scale (ordinate) is logarith-
mic and the bottom scale for years is linear. Each leak
repair for each well is added to the previous total and
plotted as one point until a substantially straight line is
clearly established. The line is then projected (extrapo-
lated) to provide a number for probable future total leaks
for the group of wells. By assigning a total expense for
c.p. installation on all wells, the economics can be es-
tablished. From overall prior experience, a reduction in

leak frequency of at least about 75% can be expected
from properly installed c.p. systems.

8.09 Casing Potential Profiles

External anodic areas where serious corrosion damage
may result can be detected early with a downhole casing
potential profile tool. As discussed in Section 1, Item
4.12, the procedure measures the IR drop across a length
(25 ft or 7.6 m) of casing between two contact knives.
Figure 1.8-2 depicts the features of the tool and a data
plot.

Leads from each contactor are brought up through the
supporting cable on which the tool is run and are con-
nected to a micro-voltmeter on the surface. A voltage
(IR drop) reading is obtained between the two contac-
tors. Logging is done from the bottom to the top, at in-
tervals equal to the spacing of the knife contactors. A
plot of the voltage (IR) drops versus depth yields the
“casing potential profile.”

Current is assumed to flow from + to — (conventional
current) and the bottom contact is used as the reference.
Data curves or plots are drawn (as indicated in Figure
1.8-2) with negative (—) values on the left of zero and
positive (+) values on the right. Readings on the left (—)
side of zero then indicate current flow down the pipe
while positive (+) values indicate flow is upward. Thus,
a curve sloping toward the left from the bottom indicates
an anodic or corroding zone where current is leaving the
casing.

By application of an adequate amount of ¢.p. current,
all downward current flow (negative polarity on bottom
contact) is stopped, as indicated by the dashed curve in
Figure 1.8-2. This occurs since the impressed c.p. cur-
rent flows to the casing from the carth and uniformly
upward.

Since E = IR and assuming resistance is uniform for
the specific size casing, then the current flow, I, can be
computed because both E and R are known. Approxi-
mate values of R for various weight casing can be com-
puted with the equations of Table 1.8-1.

Cathodic protection of well casings has been achieved
(all anodic areas removed) with application of as little
as 6 mA/m’* (0.5-0.6 mA/ft*). Current requirement can
be determined with a temporary ground bed setup (Sec-
tion 1, Chapter 4, Item 4.15). A native state potential
profile is run, and additional profiles are then run with
various levels of applied current (usually 3 to 30 amperes
total), Potential survey service is provided by Cathodic
Protection Services Company, Houston, Texas (Corrin-
tec in Great Britain).

8.10 Surface E Log I Tests for Estimating Casing
Current Requirement

As an alternate to the downhole casing potential pro-
file procedure, attempts have been made to estimate cur-
rent requirement by measuring the pipe to soil potential
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Casing-potential
profile equipment
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Figure 1.8-2. Casing potential profile test equipment and sample data plot”

of the wellhead using a Cu/CuSQ, reference. The ref-
erence cell is positioned about 30 m (100 fty away from
the well and potential readings are taken by the same
method described in Section 1, Item 4.08. Various levels
of current are supplied to the casing with a generator or
batteries and a temporary ground bed. At each level of
current, wellhead potential (E) is plotted against the log
of total current (1) being applied (on a semi-log plot) to
produce an E log I curve (see Appendix, Item 1A.09).
Improved results have been reported for tests made using
a current interrupter and the instant off procedure for the
wellhead potential readings (see Section 1, Item 4.07).

When using the E log I method, some operators con-
duct a series of downhole casing potential profiles in at
least one of a group of wells to establish a correlation
with the wellhead E log I data. Subsequent E log I tests
on surrounding wells are then presumed to be more re-
liable for estimating c.p. current requirements,

The impetus for use of surface test methods such as
the E log I procedure is to eliminate the expense of
downhole logging and the costs associated with remov-
ing the well from service. Since E log I surface tests are
generally not accepted as reliable, the Pipeline Research
Committee of the American Gas Association is spon-
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Table 1.8-1
Calculation of Electrical Resistance of Casing

Metric (S.1.) Units:
R = 14117
w

where; R =resistance as micro-ohms (10°* ohms)/m of length
w = weight as kg/m
U.S. Units:
R = 282.08
w

where: R = resistance as micro-ohms (107 ohms)/ft of length
w = weight as Ib/ft

soring a research program to develop a predictive com-
puter model for cathodic protection of field well casings.
The program is being designed to predict downhole cas-
ing-to-soil potentials, c.p. current distribution, interfer-
ence between wells and to establish the type of surface
measurements required to assess casing protection lev-
els. A summary of progress to date has been published
by Dabkowski.’

8.11 Internal Subsurface Corrosion

Corrosion of well internals is caused for the most part
by (1) stimulation, completion, workover or lift fluids
entering from the top or (2) entry of formation fluids,
generally from near the bottom. While this statement may
seem trivial, its intent is to encourage consideration of
the producing well as a dynamic system amenable to en-
gineered corrosion control.

An unaccountable amount of subsurface corrosion
damage is done during initial well operations, which does
not cause immediate equipment failure and thus goes un-
detected. Corroded tubing that is pulled after a well has
produced one to three years may still show evidence of
attack by (1) stimulation acid that was left in the hole
too long or (2) by improperly prepared saltwater com-
pletion fluid. When an unexpected failure does occur, a
common practice is to initiate a hastily devised control
program that will, hopefully, prevent a recurrence.

Some comparatively simple precautionary steps can
be taken during planning, completion, and early pro-
duction of any well that will help eliminate the guess-
work and lead to a more rational control program. These
steps are listed in Table 1.8-2.

1. Will Corrosion Be a Problem?

Steps 1, 2, and 3 of Table 1.8-2 pertain to this ques-
tion. Unfortunately, many wells are drilled and com-
pleted before any real effort is made to assess the
probability of serious corrosion or to incorporate ef-
ficient means for prevention and treatment. In con-
trast, an exemplary case history of pre-planning for

corrosion control and monitoring in producing wells
and surface facilities in the remote Prudhoe Bay Field,
Alaska, was published by Byars and Galbraith.*

Referring back to Section 1, Item .17, it is estab-
lished that the dissolved gases {O;, CO, and H,S) are
the major promoters of corrosion in oil production
operations. Subsurface equipment in producing oil and
gas wells is affected most by the CO, and H,S. In
some reservoirs water soluble organic acids {acetic
and propionic) also contribute significantly. How-
ever, the produced gas analysis (presence of CO, and
H,S) is the best first indicator of potential corrosion
trouble.

Any measurable trace of H,S in the gas produced from
a well is considered justification for a corrosion mon-
itoring program when water is also present. In lab-
oratory tests, it can be demonstrated that water con-
taining as little as 3 mg/L (ppm) of H,S can cause
blistering and ultimate pitting of carbon steel. The
iron sulfide corrosion product is highly insoluble and
is also cathodic to the steel.

According to the guidelines set out in NACE Stan-
dard MR-01-75 (Section 1, Chapter 7, Reference 1)
use of control measures to prevent sulfide stress
cracking (SSC) should be considered if the partial-
pressure of H,S in the gas is greater than 0.05 psi

Table 1.8-2
Elements of a Planned Corrosion Prevention Program for New
Wells

1. Determine most probable composition of the gas, especially CO.
and H,S content.

2. Unless prior experience proves otherwise (rare), expect suffi-
cient water to support cotrosion.

3. It the gas phase contains H,S or if CO, partial pressure exceeds
0.05 MPa {7 psi), include means for corrosion control and mon-
itoring in the well equipment design.

4. Steels and other materials that may be exposed to H.S should
meet requirements set out in the NACE Standard MR-01-75
(Section 1, Chapter 7, Reference 1).

5. Determine expected temperature, pressure and mode of pro-
duction (flowing, gas or pump lift).

6. Make certain that stimulation acid is adequately inhibited and
do not excead maximum allowable equipment exposure time for
the expected temperature. Remove spent acid completely and
as rapidly as possibie.

7. Add oxygen scavenger chemical to saltwater or other agueous
fluid used for pressure control during completion immediately
prior to use. ff fluid is to be left in the hole, replace saltwater
with inhibited oil if possible.

8. it H,S or CO. are present in the produced gas, institute a cor-
rosion rate monitoring program with one or more types of well-
head (flowline) monitors (see Section 1, Chapter 10, Item 10.02
and 10.03).
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(345 Pa) when total pressure is 65 psi (0.45 MPa) or
higher.

Partial pressure of any gas constituent can be com-
puted from the gas analysis as foliows:

partial pressure = fractional mol % X total pressure

Example: Gas analysis shows CO, content of pro-
duced gas is 2.0 mol percent
Reservoir pressure is 42 MPa (6000 psi or
6 ksi)
CO, partial pressure (Pgo,) = 0.02 x 42
= 0.84 MPa (122 psi)

Early studies’ indicated that when Pg, is less than 7
psi (0.05 MPa or 0.5 bar) corrosion by CO, is gen-
erally not a problem in gas condensate wells. This
guideline is still useful and wells producing gas with
higher CO, content should be considered potentially
corrosive,

Corrosion severity tends to increase with increasing
CO, partial pressure and temperature.® However, above
about 30 psi (0.2 MPa) P, and 60°C, there are no
simple rules for predicting localized corrosion rate due
to formation of more or less protective layers of iron
carbonate (FeCO,) corrosion product.” In general, the
cotrosion rate is dependent on the permeability of the
FeCO; scale and a combination of scale dissolution
and fluid flow rate.® Increasing bicarbonate (HCO,™)
content in the produced water tends to decrease the
protective scale permeability (increases protective-
ness) whereas increasing calcium content tends to in-
crease permeability. Experience in gas condensate
wells has shown that corrosion rates of mild steels
may be as much as 7 mm/yr (280mpy) in high tur-
bulence areas such as choke bodies, ¢lls, and trees.””
Attempts are being made to classify the corrosiveness
of fields producing CO, rich gas (prior to well com-
pletion) according to water chemistry' but at present,
producing experience coupled with a vigorous pro-
gram of corrosion rate monitoring and iron content
analysis (see Chapter 10, Item 10.04) is the most
widely used method,

2. Factors Affecting Corrosion Rate and Chances of
Failure

Many wells produce enough H,S and CO, during a
few weeks to completely dissolve the tubing string if
all the H,S and CO, could react.

Generalized or overall solution corrosion of metal is
limited by surface films including millscale, iron sul-
fides and carbonates, mineral scales and by polari-
zation effects and hydrogen overvoltage (Section 1,
Items 1.10 and 1.16).

Localization, in the form of pitting and ultimate per-

foration, is usually caused by one or more of the fol-

lowing: ‘

a. Breaks in surface films (millscale, iron carbonate,
etc.),

b. Metal inclusions,

. Metal grain structure differences,
. Local stress, and/or

. Abrasion by solids.

The appearance of pitting caused by CO, attack is
illustrated in Figure 1.8-3.

After an area starts to corrode and local attack is ini-
tiated, it tends to continue at that spot. This is one
reason why even moderate corrosion started by stim-
ulation acid or completion fluids can be so detrimen-
tal during the early life of a well.

o 0

The unpredictable local factors listed make it prac-
tically impossible to prejudge with precision the time
a well will produce before a failure occurs. The ma-
jor task of the corrosion engineer is to assess the
probability of corrosion occurring at a serious rate
and to plan a control program such as that outlined
in Table 1.8-2. Special emphasis should be given to
equipment materials selection and to designing the
well completion for inhibitor injection if required.
Metals selection and design considerations are dis-
cussed in Section 1, Chapter 7.

8.12 Inhibitor Treatment Methods for Wells

Use of chemical inhibitors for control of subsurface
well corrosion is sufficiently important to justify special
attention (see also Section 1, Chapter 3). Inhibitor sup-
pliers are generally knowledgeable about the application
methods and their recommendations should always be
obtained. The consumer is well advised to compare
products, services and specifics of treating procedures
from several suppliers.

Table 1.8-3 is an abbreviated list of the many pro-
cedures that are used to treat different type wells. These

Table 1.8-3
Summary of Proven Inhlbitor Application Methods for Produc-
ing Wells

Type of Well Treating Method
(1) Open ampnulus Intermittent batch with cirgutation
—pumped
—high fiuid level

{2) Open annulus Intermittent batch with flush

—low fluid level

(3) Closed annulus
—pumped or
natural flow

Periodic batch down tubing

Tubing displacement

Formation squeeze

Downhole injector valve {annular feed)

(4) Closed annulus
—gas lift

(5) Flowing gas or
gas-condensate

Formation squeeze supplemented with
continuous gas treatment

Same as (3)

(6) High temperature
sour gas {>150°C)

Continuous via dual string or special
inhibitor injection line
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‘DOWNHOLE

Figure 1.8-3. Gas well tubing corroded by CO,. Intense carrosion uphole was promoted by water condensation.

were selected for Table 1.8-3 on the basis of proven ef-
fectiveness and are not intended to be totally compre-

hensive. More detail on each of the listed procedures is-

given as follows;

1. Intermittent Batch Treatments Down the Casing-
Tubing Annulus

This procedure is employed in wells without packers
and relies largely on film persistency of oily amine-
based inhibitors.

Oil soluble inhibitors that are also water dispersible,
appear to work best. Batch volume and injection fre-
quencies vary but typically are 4 to 8 L (1 to 2 gal)
injected every two to ten days, depending on corro-
sion severity. Treatment is always initiated with at
least one high concentration (0.3 to 0.5 vol %) in-
hibitor slug (see Section 1, Item 3.07).

In wells that pump off or have low fluid levels in the
annulus, protection is largely dependent on tenacity
of the periodically applied film. Each slug, or batch,
is flushed with enough production or water from a
truck to carry the inhibitor down the casing. When
there is a high standing fluid level through which the

inhibitor must pass, it is advisable to circulate each
slug down with a volume of produced oil and water
(from the tubing) equal to a least one-half the annular
volume. In this case, the annular fluid may continue
to feed inhibitor down between treatments if the fluid
level oscillates.

. Treatment of Wells with Casing-Tubing Packers

This group includes single tubing completions, mul-
tiple completions (tubing and casing production) and
tubingless completions.

With the latter two types, the technique of formation
squeezing is generally favored. Squeezing or forcing
a batch of inhibitor out into the formation, is also
used (as indicated in Table 1.8-3) in other wells where
frequent batch treatments (see 1 above) cannot be
employed.

In the squeeze technique, a concentrated (5 to 10 vol
%) solution of inhibitor in oil is injected into the pro-
ducing interval. The well is then left shut-in for a
period of time (12 to 24 hours) to permit adsorption
of inhibitor onto the formation rock. Exposed well
equipment is filmed as the high concentration solu-
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tion goes down. Upon returning the well to produc-
tion, the inhibitor desorbs from the formation into the
produced fluid and maintains the inhibitor film on
tubing and other subsurface equipment. The inhibitor
and solution concentration are selected on the basis
of effectiveness and by preliminary fluid mixing tests
to insure that stable emulsions are not formed when
the diluted inhibitor mixes with produced water.

Some operators design squeeze treatments by core tests
that determine the rock volume required to adsorb a
calculated volume of inhibitor. Inhibitor volume is
taken to be that amount that will provide 15-25 mg/
L of produced fluids over a three to nine month pe-
riod, plus an allowance for irreversible adsorption.
The most common procedure, however, is to simply
inject 0.2m’ (one drum) of as-purchased inhibitor for
formations up to 30 m (100 ft) thick and proportion-
ately larger amounts for thicker zones. The as-pur-
chased inhibitor is prediluted to 5 to 10 vol % strength
with lease crude or diesel oil prior to injection and
this slug is displaced (overflushed) with oil contain-
ing 0.5% inhibitor. Addition of a selected demulsifier
to the overflush oil is good practice.

Recommended overflush volume is one-half the in-
jected inhibitor slug volume. Excessive overflushing
increases irreversible adsorption losses in the for-
mation. Subsequent squeezes with similar volumes
usually give longer life than the first one, due to sat-
isfaction of the rock adsorption capacity.

Tubing displacement treatments are performed simi-
larly to squeeze jobs except the 5 to 10 vol % inhib-
itor solution is simply displaced to the bottom and is
not squeezed out into the formation. This method has
given good results in relatively dry gas production,
where inhibitor film life can be six months or lenger.

Single tubing gas wells producing at less than 34.5
MPa (5000 psig) pressure and 120°C (250°F) can be
treated by batching a 5 to 10 % slug of inhibitor in
oil into the tubing and letting it fall. Slug volume is
10 to 20% of total tubing volume. Fall rate varies
with inhibitor viscosity and is slowed by chokes or
other constrictions. About 250 m (820 ft) per hour is
a typical fall rate for deep wells. In high pressure/
temperature wells, the slug will sometimes not fail
since the oil carrier is miscible with gas in the tubing
and is held at the top like a piston. In this case, the
regular tubing displacement method, described pre-
viously is used.

Wells with packers can also be treated by the casing
displacement or annular feed method. A pressure-ac-
tuated injector valve (side pocket mandrel valve) is
placed in the tubing string just above the packer to
permit flow of inhibitor solution into the tubing from
the casing-tubing annulus. The casing is kept full of
inhibitor solution at all times; usually 5 to 10 vol %

in oil. Periodic batch treatment is made by means of
a surface pump that forces a volume of inhibitor into
the casing and through the injector valve into the tub-
ing. Continuous treatment with a water-soluble in-
hibitor in water solution can also be used. Disper-
sions of water dispersible inhibitors in water are not
used because they are not sufficiently stable. The ma-
jor problems with this method are (1) only the tubing
above the injector valve is treated and (2) the valve
often plugs with millscale from the casing and from
sediment carried in with the inhibitor solution. Thor-
ough cleaning of the casing prior to start-up and fil-
tration of the inhibitor selution helps avoid valve
plugging. '

An alternate casing displacement method has recently
been described which eliminates the side pocket man-
drel valve.'" The tubing is simply perforated with
several holes just above the packer to allow entry of
inhibitor solution from the casing annulus. The an-
nulus is filled with inhibitor solution up to a level
sufficient to balance bottom hole pressure in the tub-
ing. Treatment is carried out continuously (after ini-
tial heavy slug filming) by pumping additional inhib-
itor solution into the casing at the top of the well.

. Gas-Lifted Wells

These are considered separately due to their special
problems. Gas lifting is one common production op-
eration where oxygen can be a cause of subsurface
corrosion in addition to H,S and CO,. Contamination
of lift gas with O, has caused rapid gas-line failures
and plugged lift valves. The best remedy is to totally
exclude air from the lift gas.

Even in the absence of oxygen, entry of gas into the
production stream encourages corrosion and tends to
shorten inhibitor film life by creating turbulence. At-
tempts to treat by injecting concentrated as-purchased
inhibitor into the gas lines at the surface have failed
due to solvent evaporation and sludging. This can be
minimized by diluting the inhibitor with oil to a con-
centration of no more than 10 vol %. Some operators
use atomizing nozzles for inhibitor injection into the
gas lines to achieve better distribution. Inhibitor
treating volume is adjusted to provide 15-25 mg/L
of as-purchased inhibitor in the total produced liquid.

Since treatment of the lift gas protects only from the
top operating valve upward, supplementary protec-
tion for lower equipment is provided by periodic for-
mation squeezes.

. Inhibitor Protection of Deep Hot Wells

These are characteristically gas producers from for-
mations deeper than about 4000 m (13,000 {t). Bot-
tom hole temperatures range from about 150°C (300°F)
upward and the gas often contains 5 to 20 mol % CO,
and from traces to 35 mol % H,S. Pressure may range
from 35 MPa (5000 psia) to 172 MPa (25,000 psia).
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Initial water production may be essentially zero but
increases in mosi cases to significant amounts.

When the flowing well temperatures are above 150°C
(300°F), use of internal tubing coatings is risky at

best and most operators rely on chemical inhibition

for protection. Well tubing made of special alloys is
also being used to some extent (see Section 1, Item
7.07).

a. Inhibition Problems

Attempts have been made to treat deep, hot sour
gas producers by continuous circulation of organic
inhibitors (in a heavy oil carrier) down the casing
when the annulus does not have a packer.

Unfortunately, the produced gas is often under-
saturated at well temperature and pressure with
hydrocarbons heavier than propane (C,). As a re-
sult, the inhibitor oil carrier is miscible (becomes

single phase) with produced gas and literally

evaporates leaving a heavy sludge deposit.

The inhibitor evaporation probiem can be over-
come by diluting with oil and continuously in-
jecting a sufficiently large volume of the solution
to saturate the produced gas stream with heavy
hydrocarbons.

The degree of undersaturation and consequently,
the amount of heavy oil required to maintain the
inhibitor in liquid form depends on:

Gas composition and volume

Temperature and pressure

Carrier oil composition

A detailed gas analysis and PVT calculations for
the conditions of each well must be made to de-
termine if inhibitor treatment using an oil carrier
1s feasible. Some wells are being treated by con-
tinuous application of up to 48 m’ (300 bbl) of a
1 to 2 % solution of inhibitor each day. The car-
rier oil properties and volume are selected by PVT
testing so that enough solvent oil is left to reach
the top of the well in liquid form. Oils with an
ASTM boiling range of up to 210°C (410°F) ini-
tial with 70% recovery point at 480°C (896°F) have
been used. The oil was recovered and recircu-
lated. Most often, however, a diesel oil cut is used
and is not recovered for recirculation.

Water solutions of inhibitors have also been ap-
plied continuously. At temperatures higher than
about 160°C (320°F), many of the water soluble
inhibitors have proven ineffective. However, new
and more effective water soluble (or permanently
water dispersible) products are being developed
by chemical manufacturers. Their attractiveness is
largely due to the fact that water remains in the
liquid state at the high well temperatures and pres-
sures and does not evaporate as oil carriers often
do. :

b.

Other Inhibitor Application Techniques for Deep
Wellis

Formation squeeze treatment of deep, hot zones
is not generally practiced due to:
Expense of frequent retreatment,
Fear of formation damage, and
Lack of control over return inhibitor concentra-
tion.

The most advanced technology of application is
use of special injection tubing for carrying the in-
hibitor solution directly to the well bottom. Figure
1.8-4 depicts two tubular configurations that have
been used for this purpose. These are simply dual
or coneentric tubing strings, one for inhibitor so-
lution and one for production. The dual string
configuration is favored.

An alternate scheme that is growing in popularity
uses small diameter inhibitor injection lines. These
are similar to subsurface hydraulic control lines.
Figure 1.8-5 illustrates one type supplied by Hy-
dril. The nitrile rubber-base jacketing material can
be used at up to 163°C (325°F) depending on the
nature of the completion fluid left in the casing.

Another type, supplied by NL Sperry-Sun, uti-
lizes a 316 L stainless steel capillary line that is
not jacketed. An installed NL Sperry-Sun Chem-
ical Transmission System (CTS) is illustrated in
Figure 1.8-6. The capillary line has a wall thick-
ness of 0.5 mm (0.02 in.) and an internal diameter
of 1.4 mm (0.054 in.). Flow capacity is 19 L /day
(20 gt/day) at 83 MPa (12 ksi) for a 6 cp viscosity
fluid. Excellent results with the CTS have been
teported.

WELLHEAD  WELLHEAD

|

|

~PRODUCTION

CASING
INHI 81 TOR 4 -
INJECTION
TUBING NHIBHOR L. PRODUCTION
TUBING
INJECTION =
. TUBING

Figure 1.8-4. Two types of dual string completions for in-
hibitor treatment of deep hot wells.
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FLATPAK CHEMICAL INJECTION
UMBILICAL

N

SURFACE CONTROLLED
SUBSURFACE SAFETY VALVE~

SIDE POCKET MANDREL

FLATPAK -
COMBINATION CONTROL
& INJECTION LINE

L FLATPAK -

CHEMICAL INJECTION
LINE

CLAMP

Figure 1.8-5. Cross section and installation of Hydril Flatpak injection line. (Courtesy Hydril Advanced Ocean Systems Di-

vision).

8.13 Protection of Surface Production Equipment

Carryover inhibitor from treatments of producing wells
is commonly relied on for protection of flowlines and
phase separation equipment {gas separators, freewater
knockouts, emulsion treaters, etc.)

Additional inhibitor treatment is applied at the surface
to high-pressure sour gas lines. Need for additional treat-
ment to supplement carryover inhibitor from treated wells
often results from gas cooling and subsequent water con-
densation. Corrosion can be particularly severe where
gas flowlines slope upward and low flow velocity allows
the bottom water to move sluggishly up the incline and
repeatedly flow back down. Corrosion rates at these points
should be monitored regularly with an ultrasonic thick-
ness guage (see Section 1, Chapter 10, Item 10.05).

Holding tanks and similar vessels are coated on the
bottom and a distance up the sides where water collects
(see Section 1, Chapter 5). Cathodic protection, gener-

ally by impressed current anodes, is used to protect heater
treaters and similar equipment. NACE Standard RP-05-
75 provides guidelines for c.p. installations in these ves-
sels (Section 1, Chapter 4, Reference 9).

Internabflowline coatings such as fusion bonded epox-
ies are usually cost effective, especially for thin walled
ERW pipe handling corrosive production.

A frequent cause of failure in flowlines is concentrated
corrosion at welded joints. All welds should conform to
published welding standards and should be post-weld heat
treated for stress relief and uniform metal grain struc-
ture,

8.14 Protection of Water Injection Systems

Severe corrosion in water injection (waterflood) sys-
tems can most often be traced to contamination by dis-
solved oxygen. Traces of oxygen in systems handling
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sour produced water greatly intensify the attack as pre-
viously indicated. Carbon dioxide alone is usuaily not a
serious problem because of low temperatures and low
gas pressure in most water systems. However, supply
water from deep weils is sometimes accompanied by CO,
rich gas that breaks out of solution and causes cavitation
corrosion along the top of flowlines (see Section 1, Item
7.13).

Use of all plastic or either internally plastic coated or
cement lined pipe is standard practice for handling waters
containing H,S, O, or both. Baked phenolic and fusion-
bonded epoxy linings have a good success record for
protection of sour water injection flowlines and well tub-
ing.

Steel holding tanks for sour produced water are ysu-
ally coated internally with polyester or epoxy, or they
are cathodically protected. In all cases where H,S is
present, the tanks should be fitted with means to exclude
air (Section 1, Item 6.04). The most effective procedure
for this is to blanket the tank vapor space with air-free
gas under positive pressure at all times. Gas supply should
be sufficient to hold pressure as the liquid level drops.
Ordinary oil is not adequate as an air-excluding barrier.

Waterfloed supply waters from surface sources or
shallow wells generally contain dissolved oxygen, which
must be removed. In neutral low salinity waters, overall
corrosion rates are roughly proportional to dissolved O,
content. However, any concentration above about 0.05

CAPILLARY {316L)
TUBE TO CHEMICAL
SUPPLY PUMP

" DOWNHOLE INJECTION
CHAMBER WITH SCREENS

Figure 1.8-6. Instalied downhole capillary (0.094" O.D. X
0.054 1.D.) Chemical Transmission System. (Courtesy NL
Sperry-Sun).

mg/L (50 ppb) can cause pitting and also promotes bac-
terial growth. Consequently, the best corrosion control
procedure is total deaeration. Either vacuum or gas strip-
ping can be employed and properly designed stripping
towers can reduce Q, levels to about 0.1 mg/L (Section
1, Items 6.06 and 6.07).

Residual dissolved oxygen, not removed by stripping,
should be reduced to essentially zero by treatment with
an oxygen scavenger (see Section 1, Item 6.09). This is

~ especially recommended in offshore operations using

seawater for flooding and where deaerated supply water
is to be subsequently mixed with sour produced water
prior to injection,

Systems handling air-free sour water can be ade-
quately inhibited with either water-soluble or water-dis-
persible organic inhibitors.

Aerated waters, especially where H,S is also present,
are difficult to inhibit. Periodic, high concentration slugs
of organic inhibitors can control the attack but such treat-
ments are cumbersome and not generally used.

Deaerated injection waters, such as seawater, which
contain soluble suifate (SO,™) support growth of sulfate
reducing bacteria. The organisms metabolize the SO,
and generate H,S. Although the sulfate reducers are
classed as anaerobic microbes (grow only in the absence
of dissolved oxygen), they are most troublesome when
traces of O, are present, even intermittently. The reason
is that the sulfate reducing organisms find a favorable
environment on the steel surfaces under aerobic slimes.
The H,S they generate causes both pitting and general
corrosion. Treatment with biocides is standard practice
when the organisms are determined to be active (see
Section 2, Chapter 3).

Periodic cleaning of water lines with scraper pigs is
highly beneficial for eliminating slime and solid deposits
that promote localized corrosion.

Auxiliary equipment such as pumps and valves in cor-
rosive water systems are constructed of resistant mate-
rials including 316 stainless, Monel K500 and Inconels.
Grade D aluminum brenze and nickel aluminum bronze
are widely used in water pumps, Ceramic-trimmed alu-
minum bronze gate valves are satisfactory. Additional
materials selection information for water systems is given
in Section 1, Chapter 7 and NACE Standards RP-04-75
and MR-01-75 (see Section 1, Chapter 7, References 1
and 11).

8.15 Corrosion Monitoring in Water Injection
Systems

1. Chemical Tests

Complete mineral analyses, including determinations
of iron, H,S and O, content should be run initially
on all individual water streams and mixtures. Peri-
odic repeat analyses, especially for H,S and O, should
be run during the life of the operation.
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Convenient test kits for field measurement of dis-
solved iron, H,;S and O, are supplied by the Hach
Company, P. O. Box 389, Loveland, Colorado 80539,

U.S.A. Another supplier is Hellige, Inc., 877 Stew--

art Ave., Garden City, New York 11530, U.S5.A.

The need for careful and repeated testing for dis-
solved O, (D.O.) cannot be overemphasized. These
tests can be run quite easily in the field with com-
mercial oxygen meters or with the prepackaged test
kits. A popular type of oxygen test kit is Chemet™,
(supplied by Chemetrics, Inc., Mill Run Drive, War-
renton, Virginia 22186 U.S.A.). Figure 1.8-7 illus-
trates measurement of dissolved oxygen (D.O.) in a
flowing water streamn with a Chemet™ ampoule. Color
developed in the ampoule (intensity proportional to
O, concentration) is measured by a comparator that
is supplied. Kits covering four concentration ranges,
from zero to five ppm O,, are available. Water sa-
linity and presence of H;S do not interfere with the
test.

Several good quality oxygen meters are available for
field use. For example, Orbisphere Laboratories,
(20902 South Brookhurst, Huntington Beach, Cali-
fornia 92646,U.S.A.) supplies a range of oxygen
measurement systems. The Orbisphere Microproces-
sor Oxygen Indicator features digital readout, auto-
calibration and automatic compensation for temper-
ature and salinity effects. A special sensor is available
for use with the Orbisphere D.O. meters when H,S
is present. Most polarographic (membrane) oxygen
sensors lose accuracy in sour waters.

A
Y

\N
OVERFLOW

TIP-BREAKING
/TOOL
3 CHEMeT ©
3 AMPOULE
-~ WATER
SAf\iPLE

Figure 1.8-7. Measuring D.O. in a flowing stream with a
Chemet® Ampoule. (Chemet is a registered trademark of
Chemetrics, Inc.)

2. Corrosion Rate Tests

A program of corrosion rate monitoring should be
initiated at the start of injection operations (espe-
cially in long life waterfloods) and periodically there-
after. It is especially important to measure corrosion
rates at selected test points to detect changes through-
out the system over time. Recommended test points
in an exemplary system are shown in Figure 1.8-8.
Corrosion rate plus oxygen or H,S concentration tests
run periodically at these locations provide data for a
continuing corrosion profile of the system. Samples
for periodic bacteria counts should also be collected
at the same points (see Section 2, Chapter 3 for in-
formation on bacteria testing and control).

If desired, commercial corrosion rate meters such as
the Magna Corrosometer™ (supplied by Rohrback In-
struments, Santa Fe Springs, California 90670,
U.S.A.) may be used for corrosion rate monitoring
in water injection systems. However, simple weight-
loss coupons are generally adequate and have the ad-
vantage of showing deposits, bacterial slimes, and
pitting. It is definitely advisable to periodically run
coupon tests as a double check when the electronic
test meters are being used for routine corrosion rate
testing. Test coupons are available commercially from
chemical suppliers or can be user fabricated. Details
on corrosion rate testing with meters, coupons and
pipe nipples (spools) are given in Section 1, Chapter
10.

8.16 Gas Processing Equipment

In normal field gas handling operations, corrosion se-
verity is influenced by the same factors previously dis-
cussed, viz., partial pressure of CO,, presence of H,S,
temperature, metal properties and erosion by solids. In
compression systems, liquid water forms and corrosion
rates are increased at points of water impingement such
as in scrubbers and discharge piping. Inhibitors have
proven effective for this service, especially compounds
which are oil soluble/water dispersible and have a vol-
atile component such as diethylamine. Neutralization by
aqueous ammonia injection to pH 7-8 in the condensed
water phase is also an effective control procedure.

Non-volatile oily inhibitors can cause fouling of gas
dehydrators, especially the molecular sieve solid desic-
cant type. Ammonia (used as an acid gas neutralizer)
tends to accelerate degradation of the molecular sieve
desiccants. However, satisfactory corrosion control has
been obtained in inlet gas separators, heat exchangers
and desiccant bed regeneration equipment by injecting
commercial diethylamine* into the gas stream. The in-
hibitor injection rate is controlled by corrosion rate mon-

*Do not confuse diethylamine, (C;H,).NH, with diethanolamine,
(C,H,OH),NH, used for sour gas sweeting (DEA}.
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Figure 1.8-8. Recommended test poinis in an injection system.

itoring. The inhibitor addition rate is usually enough to
increase the water phase pH value to 6.5-7.0.

Glycol dehydration equipment can be severely cor-
roded if the glycol solution is allowed to become acidic
(low pH) and contaminated with oxygen. The solution
pH should be kept in the range of 7.5 to 8.5. Control of
pH with a volatile amine neutralizer such as monoe-
thanolamine (MEA) or morpholine helps to retard cor-
rosion in the regenerator overhead. Oxygen corrosion can
be reduced by adding 0.5 wt % of sodium MBT inhibitor
to the glycol (see Section 1, Chapter 3).

A variety of acid gas (H,S and CO,) removal (sweet-
ening) processes are used, each with their own char-
acteristics. The process supplier/designer should be re-
quested to provide corrosion control recommendations.
The following general guidelines should also be ob-
served:

I. Avoid contamination by oxygen.

2. Keep fluid velocities and temperatures as low as pos-
sible.

3, All steels and materials should conform to NACE
Standard MR-01-75 to minimize sulfide stress crack-
ing (see Section I, Item 7.05).

4, Use filtration as appropriate to minimize abrasive
particle concentration.

In sweetening systems using MEA or DEA, solution
loading should not exceed 0.3-0.4 mols of acid gas/mol

of amine. DEA is generally more stable and less likely
to cause serious corrosion than MEA.

8.17 Offshore Drilling—Production Operations

Offshore well and production equipment are subjected
to the same corrosion problems discussed in previous
chapters and essentially similar control procedures are
applied. An important difference, however, is in the eco-
nomics. Repair of an offshore failure generally costs
considerably more. In addition, offshore wells are typ-
ically high volume producers and erosion-corrosion
(caused by a combination of corrosive fluids and en-
trained solids) is often severe. Special completion tech-
niques involving formation sand consolidation and use
of screens and gravel packs are employed to reduce sol-
ids erosion in the weills and surface lines. Flowlines are
preferably designed to avoid small radius bends (see
Section 1, Item 7.09), and a regular program of moni-
toring metal loss at selected points should be followed
(see Section 1, Item 10.05). Steel grade and special al-
loys for well tubulars should be selected by the guide-
lines set out in Chapter 7.

Protection of the platform structures from corrosion by
the marine environment is accomplished primarily by use
of protective coatings (Chapter 5) and cathodic protec-
tion (Chapter 4). As an aid in planning a modular pro-
tection program, exposure conditions on offshore struc-
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tures are grouped into five major categories: (1)
Atmosphere, (2) Splash zone, (3) Tidal zone, (4) Sub-
merged, and (5) Mud line,

The atmospheric and splash zone surfaces are gener-
ally coated, and cathodic protection is employed for the
tidal zone and below. Combination coating/cathodic
protection systems on submerged areas are being tested
with favorable results.’? Future use is anticipated, es-
pecially in deep water. NACE Standard RP-01-76,
“Control of Corrosion on Steel, Fixed Qffshore Plat-
forms Associated with Petroleum Production,” gives in-
formation on both coatings and cathodic protection prac-
tices. Another good source of pertinent information is
API RP-14E, “Design and Installation of Offshore Pro-
duction Platform Piping Systems.”

1. Coatings

The most widely used coatings systems for atmo-
spheric exposure consist of zinc-rich primers applied
over a near white metal blast-cleaned surface (SP-10
or NACE No. 2) and one or more topcoats of po-
lyamide epoxy, vinyl or acrylic. A polyurethane
overcoat over a high-build epoxy topcoat is used for
extra protection, especially on surfaces subject to some
abrasion.

Detailed information on coatings systems and their
application for marine use is available from major
suppliers such as Ameron, Carboline, Cook, Ceil-
cote, Devoe, Glidden, Hempel, and International Paint,
to name a few examples.

Some proven splash zone coatings systems are:

a. Glass flake reinforced epoxies such as Intema-
tional Paint Intergard No. 4490/4489 Series and
Ceilcote Flakeline 600 Series.

The Intergard Series is preferably applied at the
shipyard; in two coats over near white metal, to
a dry film thickness (DFT) of 0.6 to 0.8 mm (25
to 30 mils). Application temperatures should be
+5°C (40°F) or higher for rapid cure. Touchup of
damaged areas is feasible with additional material
or application of epoxy mastic following solvent
cleaning or spot-blasting.

The Flakeline 600 Series is especially useful for
low temperature (~12°C or +10°F) application
offshore at a DFT of 0.2 mm (8 mils).

b. Glass flake reinforced polyesters such as Carbo-
line Carboglas 1687, Ceilcote Flakeline 200 and
300 and Napko Polyester Splash Zone Coating No.
9-4110.

The polyesters have excellent bond strength ap-
plied over near white metal blasted surfaces but

are more brittle than the epoxies, viz., tend to crack
if flexed significantly. A disadvantage in cold cli-
mates is their requirement of +10°C.(+50°F) or
higher application temperature. Field repair is fea-
sible and resistance to impact and abrasion is very
good. Resistance of polyesters to cathodic dis-
bondment (see Section 1, Item 5.07) is also rated
as good.

Recommended DFT (2 coats) ranges from 0.5 mm
(20 mils) for Ceilcote Flakeline 300 to as much
as 6.4 mm (0.25 in.) for Napko Splash Zone
Coating No. 9-4110 applied in one coat.

c. Silica filled epoxy such as Ameron Tideguard 171.
Applied over near white metal blasted surfaces to
a DFT up to 6.4 mm (0.25 in.), the Tideguard
171 has excellent abrasion and impact resistance.
However, adhesion strength is less than that of
polyesters.

Many other good splash-zone systems are available
and the previous proprietary types are listed solely as
examples.

Experience with coal tar epoxy coatings in the splash
zone has shown mixed results. They have proven
generally acceptable in warm climates such as in the
Middle East but numerous failures have occurred in
the North Sea areas, possibly due to low temperature
application. Coal tar epoxy has reportedly given good
service on totally submerged portions of riser pipe
after warm temperature application to near white metal
blasted surfaces.

Other riser pipe external coatings include neoprene
mubber (11-13 mm or 0.5 in. thick) in the splash zone,
extruded polyalkylene sleeves (polyolefin or polyeth-
ylene-propylene) over butyl rubber mastic, fusion
bonded epoxy, and hot applied asphalt. For the field
joints, heat shrinkable polyalkylene sleeves with bu-
tyl rubber adhesive have been used extensively. Heavy
duty cold applied polyalkylene tapes and hot applied
asphalf tapes have also been used for field joints with
varying success.

Fusion bonded epoxies and hot applied asphalts are
probably the two most widely used external coatings
for corrosion protection of submerged pipe, in con-
junction with cathodic protection by zinc anodes.

. Cathodic Protection

Most of the existing offshore fixed platforms are pro-
tected below the water line with aluminum alloy sac-
rificial (galvanic) anodes (see Section 1, Item 4.04).
Special aluminum alloys containing zinc and indium
are available for high current output and long service
life.
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Impressed current c.p. systems are used on some
structures where current requirements are high and in
deep water where the total weight of galvanic anodes
is detrimental. A popular type of impressed current
anode material is titanium or proprietary inert alloy
that is externally clad with platinum.

The most generally accepted criteria of adequate pro-
tection is that all submerged surfaces exhibit struc-
ture-to-seawater potentials of at least —0.8 volts (—800
mV) vs. Ag/AgCl (silver/silver chloride) reference
electrodes (see Section 1, Item 4.10). Potentials higher
than about —1.1 volt should generally be avoided to
reduce the risk of cathodic disbondment of coatings
and possible hydrogen embrittlement of high strength
steels. '

Historically, offshore c¢.p. systems have been con-
servatively designed to provide a uniform average
current density (mA per unit area) to all parts of the
structure. The applied current density is designed to
be sufficiently high to maintain the protected poten-
tial of —0.8 volts vs. Ag/AgCl. A majority of the
installations are apparently successful. However, it
has been recognized for at least 25 years that opti-
mum current densities vary greatly from location to
location and also from top to bottom on individual
structures because of differences in the exposure en-
vironment.

The general influence of environment on c.p. current
density requirements are discussed in Section 1, Item
4.02. For offshore structures, the major factors that
influence current density requirements are seawater
velocity, oxygen content, temperature and metal sur-
face deposits such as rust and calcareous mineral
scales. The latter form as a result of cathodic pro-
tection. Seawater salinity is fairly uniform around the
world but this can be another variable for close-to-
shore installations.

It has been found that best protection and c.p. effi-
ciency are achieved when adequate c.p. current reaches
all bare metal to build and maintain a thin but dense
and uniform layer of the cathodic calcareous scale.
For example, Gartland, et al., (Chapter 4, Reference
1) ran long-term cathodic polarization tests on steel
specimens mounted at different depths on a platform
in the North Sea Frigg Field. Only minor sensitivity
to depth and seasonal variations were found as long
as the calcareous deposits on the specimens remain
intact. However, loss of scale, particularly at shallow
depths during winter storms, strongly affected aver-
age current densities required for maintaining protec-
tion. The observed current densities required ranged
from a summer low of 62 mA/m’ (6 mA/ft’) to a
winter high of 340 mA/m* (32 mA/ft*). Based on
the test data, an initial current density of 160 mA/

m’ (15 mA/ft®) appeared to be adequate at medium
depths under average conditions. Det norske Veritas
(Norway) recommends use of 130 and 160 mA/m’,
as initial current densities for the southern and north-
ern parts of the North Sea respectively.

An example of a location where current density re-
quirements are very high is the Cook Inlet in Alaska.
Tidal velocities there can exceed 1.5 m/sec (5 ft/sec)
and the water contains glacial silt which scours the
platform legs and cross braces, exposing the surfaces
to oxygen saturated salt water. Laboratory model tests
and field experience determined that current densities
of at least about 860 mA/m’ (80 mA/ft*) are re-
quired for protection. These high current levels were
attained with impressed current systems using d.c.
generators (on the decks) and platinum clad anodes
mounted on concrete sleds resting on the sea floor
around and under each platform. Protected structure-
to-water potentials were not attained until current
densities were elevated sufficiently to produce the
white calcareous scale on the upper leg jackets and
braces.

Long term experience indicates current densities of
86 to 107 mA/m” (8 to 10 mA /ft%) are generally suf-
ficient in relatively warm and quiet seawater such as
in the Gulf of Mexico. High efficiency aluminum al-
loy anodes perform well in both the Gulf of Mexico
and the North Sea but the installations must be de-
signed carefully to achieve uniform protection.

Current density requirement estimates are used to
compute total current in amperes needed for incre-
mental sections of the platform structures. High ef-
ficiency aluminum alloy anodes produce about 2756
to 2844 ampere hours per kilogram (1250 to 1290
ampere hours per pound). Using the rated anode out-
put, the total current requirement and desired life
(typically 10-20 years), the total number and size of
anodes required are calculated. The anodes are
mounted with stand-off brackets at strategic locations
on the platform braces and leg jackets. Positioning of
individual anodes is guided by a master plan drawn
up by the cathodic protection designer and installa-
tion is usually made during the latter phases of plat-
form construction.

Ideally the anodes are positioned so that all structure
surfaces are in direct line of sight of at least one an-
ode. This is particularly important for protection of
congested brace nodes where mechanical stress is
highest and corrosion cracking or pitting is least tol-
erable.

The problem of anode placement to achieve optimum
distribution is still being studied and will become even
more important in the future. The impetus is the es-
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78 Corrosion and Water Technology for Petroleum Producers

calating cost of cathode protection as the complexity
and size of offshore structures increase with deep water
drilling. A computer current density (CCD) technique
for predicting the distribution of c.p. current was re-
cently published by DeCarlo (Section 1, Chapter 4,
Reference 8).

Portions of the platform leg jackets and support piling
at and below the mud line (sea floor) are usually pro-
tected by the c.p. system used for the submerged parts.
These areas should be taken into account in comput-
ing the total submerged area to be protected, espe-
cially in locations where water motion can cause the
sea floor to shift and move during storms.
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Corrosion Control in
Enhanced Recovery

(EOR) Projects

9.01 Carbon Dioxide (CO,) EOR Systems

Operations utilizing CO, injection to increase oil pro-
duction are growing in number around the world. The
SACROC CO;, project in southwest Texas is one of the
oldest, having been initiated in 1972, Corrosion contin-
ues to be a serious problem even in new systems that
have operated less than two years. Although consider-
able research and field testing of corrosion resistant ma-
terials are still going on, enough information has accu-
mulated to establish general guidelines for corrosion
control.

Several schemes for utilizing CO, for increasing ul-
timate oil recovery have been proposed and tried. In
general, the recovery procedures depend on reduction of
reservoir oil viscosity by dissolved CO, gas and miscible
displacement of the oil by a CO, rich liquid. In one pop-
ular process, CO, gas injection is initially alternated with
water injection to improve sweep efficiency (the water-
alternating-gas or WAG process) followed by ordinary
water or carbonated water as a drive fluid.

CO, gas is obtained from gas processing plants and
from wells that produce high purity carbon dioxide. The
CO; gas is compressed to the supercritical state (about
twice the critical pressure, e.g., about 15 MPa or 2177
psi) prior to delivery to a distribution pipeline and ulti-
mately to the individual injection wells.

1. Corrosion Severity and Mechanisms

Item 1.18 in Section 1, discusses the relatively mild
corrosivity of CO; (in H,O) to carbon steel at low
CO, concentrations and low temperatures, However,
as discussed in Item 8.11a, Section 1, corrosion by
CO; can be intense at high partial pressures and high
temperatures. The attack tends to be localized in the
form of deep pits (see Figure 1.8-3, Chapter 8) but
the pits sometimes grow together to form channels or
large “washed out” areas. At temperatures higher than
60°C (140°F) patches of iron carbonate corrosion

product often shield and partially protect areas of metal
while adjacent areas are corroding vigorously, leav-
ing islands of metal. Corrosion rates in the range of
3 to 6 mm/yr (120 to 240 mpy) have been observed
at actively corroding sites, both in the laboratory and
under field conditions.

A poorly understood fact is that carbonic acid (H,CO,
which is CO; in H,0) can be more corrosive than a
stronger acid (such as HCI) at the same level of acid-
ity (pH). Corrosion resulting in hydrogen evolution
may occur at pH 6 with carbon dioxide, whereas pH
4 is required for hydrogen evolution with highly ion-
ized hydrochloric acid.' One study” has suggested that
the carbonic acid molecule (H,CO,) is electrochem-
ically reduced (see Items 1.06 and 1.07, Section 1)
directly at cathode sites without being ionized first,

e.g.:
2(H,CO;) + 26" — H,; 1T

+ 2HCO,”
carbonic hydrogen bicarbonate
acid gas jion

CO, dissolved in water which is in contact with es-
sentially pure CO, gas, exists in solution primarily in
the form of molecular CO, or hydrated carbon diox-
ide (CO,*H,0,). Rapid cathodic depolarization by di-
rect reduction of molecular carbonic acid (instead of
reduction of hydrogen ions, H*) may be a major rea-
son why high concentrations of CO, are extremely
coITosive.

Numerous publications have described corrosion by
CO; in gas producing wells® and in the SACROC CO,
Project.*>¢

2. Corrosion Control Procedureé in CO, Environ-
ments

The following discussion is drawn largely from the
excellent papers by Newton, Gill, et al.,**® this au-
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thor’s experience, contributions by various individ-
uvals and equipment and chemical suppliers.

a. CO, Gas Supply Wells

employed for gathering line protection. Inhibitor
treating rates are adjusted to continuously provide
low corrosion rates on weight loss test coupons

These are generally single tubing completions with
tubing-casing packers. Tubing is typically J-55,
internally plastic coated with 6 to 8 mils (0.18 mm)
of epoxy medified phenolic over a phenolic primer
(examples: Baker Tubular Service Plasticap 400
and AMF Tuboscope TK 69).

Packer fluids consist of salt water treated with lig-
uid sulfite oxygen scavenger (200 ppm) and a water
soluble inhibitor (500 ppm).

b.‘Cﬁoz Gas Supply Wellheads

Wellheads for CQ, gas wells producing very little -

water are generally constructed of internally plas-
tic coated carbon steel, preferably AISI 4130/4140
grade. Either aluminum bronze (grade 9D) or 316
stainless steel valves with ceramic gates are com-
monly used.

All stainless steel (304 or 316) wellheads have been
used successfully where the produced CO, gas
contains more than about 0.04 m® (1 bbl) of water
per 28 m® (1 million ft*). However, the wellhead
temperature must be below 65°C (150°F) to avoid
risk of CSC cracking of the austenitic stainless
steels by chlorides in the produced water (see Sec-
tion 1, Item 7.07).

No reports have been found on use of high chro-
mium ferritic stainless steel wellheads for this ap-
plication. The stabilized 18 Cr-2 Mo ferritic stain-
less can be machined and welded, is priced in the
range of the 18 Cr - 8 Ni austenitic 316 stainless
and is not susceptable to CSC.

A complete line of wellhead accessories including
gate valves, tubing hangers and adapter flanges
are available which are protected internally by
corrosion resistant alloy liners a;)piied by the hot
isostatic pressing (HIP) process.” With increasing
availability, more widespread use of internally clad
equipment is anticipated.

¢. Gas Gathering Lines

‘Wet (water containing) CO, gas collected from CO,
supply wells, or CQ, rich gas from production fa-
cilities, is handled in carbon steel gathering lines
which may be either threaded and coupled or
welded joint ERW pipe.

Bare steel lines are protected internally with
chemical inhibitors. Water soluble inhibitors are
preferred by many operators especially where there
is sufficient water to accumulate in low segments
of the flowlines. When H,S is also present in CO,
rich wet gas from production separators, oil sol-
uble/water dispersible inhibitors such as those
commonly used for downhole well treating are

(see Section 1, Chapter 10).

Gas gathering lines can also be protected by in-
ternal plastic coatings (such as Baker BTS Plas-
ticap 400 or AMF Tuboscope TK69) or by high
pozzolan sulfate resistant cement linings.

Buried lines are coated externally, usually with
coal tar enamel, and cathodically protected,

Aluminum bronze {grade 9D) or 410 stainless stee]
gate valves (such as Cameron FL") are used at
temperatures below 120°C (250°F). Higher tem-
peratures are not likely in the gathering systems.

. Compressors Stations

AIlST 304L stainless steel has provided good cor-
rosion protection for the compressor station wet
piping, and cooling coils.®

Compressor piping and interstage coolers con-
structed of carbon steel have also been protected
by continuous upstream injection of oil soluble/
water dispersible inhibitors. Inhibitor loss through
the water drains has been a problem and multi-
point inhibitor injection has been used to insure
that all surfaces are constantly filmed. Excess carry-
through inhibitor must be removed ahead of the
dehydrators to prevent fouling.

The wet CO, stream should pass through the tube
section of heat exchangers rather than through the
shell which is usually constructed of carbon steel.
Tubes made of 316L stainless stecl have per-
formed satisfactorily at temperatures below about
95°C (200°F). Ferritic stainless alloys such as E-
Brite 26-1 (26 Cr-1 Mo, ASTM Grade XM-27,
Airco Vacuum Metals) should be suitable for this
type application at higher temperatures in the
presence of chlorides and H,S. Tubes internally
clad with a high nickel alloy such as Inconel 6§25
should also perform well.’

. CO, Pipelines and Distribution Lines

ﬁehydration is the primary method of corrosion
control for pipelines and distribution lines be-
tween compressor stations and injection wells. The
CO, is usually dehydrated between the third and
fourth stages of compression by counter current
stripping in dehydration towers using triethylene
glycol (TEG). Residual water content should be
sufficiently low that no liquid water phase forms
at the lowest temperature and highest pressure en-
countered in the compressed gas distribution sys-
tem (50 ppm maximum at SACROC®). Type 304
stainless steel is generally used for dehydrator in-
ternals. The 18 Cr - 2 Mo ferritic stainless should
also be satisfactory.
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Figure 1.9-1, Typical CO,/water injection well. (After Newton®),

F. CO,/Water Injection Wellheads
An injection well arrangement for alternated CO,/

water injection (WAG) is illustrated in Figure 1.9- g

1. In another design, the CO, and water injection
flowlines are connected separately to the injection
wellhead.

Common practice now is to completely isolate the
incoming water flowline with a blind flange dur-
ing the CO, injection periods. This has eliminated
severe corrosion problems created when high
pressure CO, seeps past ordinary ball or gate valves
and into the shut-off water line. The CO, line is
similarly blocked during water injection cycles,

In early installations, internally plastic coated me-
ter runs and carbon steel wellheads were tried but
corroded rapidly at points where coating damage
occurred, particularly at flange faces. Wellhead
and valve parts that were coated internally with
electroless nickel failed catastrophically due to in-
tense galvanic corrosion at breaks in the nickel
coating.® Failure of 410 (13% Cr) stainless steel
wellheads was also reported. Type 316 stainless
steel trees, meter runs and valves were used for
replacement with no apparent problems. Ceramic
gates in 316 stainless steel valves have given good
service.

During the last 3 years, over 500 injection well-
heads constructed of 392 aluminum bronze have
been installed in a new CO; project in the Permian

basis. Prior tests indicate these should give good
service.

Water Gathering and Injection Systems

A variety of materials are used for water distri-
bution lines depending on size and pressure, in-
cluding fiberglass reinforced polyester or epoxy
plastic (FRP) up to about 13.8 MPa (2000 psi)
(see Chapter 5, Item 5.02-3).

Cement lined pipe in sizes from 7 to 36 cm (3 to
14 in.} OD has been installed. Cement linings are
high density sulfate resistant grade with artificial
pozzolans but no sand or inert fillers.” The linings
are centrifugally cast inside the pipe joints at a
coating shop.

API RP10E Specification describes joint welding
procedures to be used in the field for cement lined
pipe. Alternately, joining by couplings with molded
plastic coupling protection inserts or with rubber
ring seals may be used. Welding is the most com-
monly used procedure. Newton reports numercus
leaks at field welded joints when asbestos gaskets
are used at the joints for protection of the cement
linings during the welding operation.® Grout (such
as X-Pando Special Compound No. 2) is now used
instead of the asbestos gaskets in the SACROC
project and experience with the grouted joints is
reported to be good. Others contend that asbestos
gaskets are generally preferable.” API RP10E al-
lows use of either gaskets or grout at welded joints.
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Water holding tanks are internally coated with glass i. Producing Wells and Flowlines

filled epoxy plastic and gas blanketed to exclude
air (see Section 1, Item §.14).

. Downhole Corrosion in Injection Wells

Some of the most intense corrosion encountered
in CO, projects (up to 6 mm/yr or 240 mpy) has
occured on the exterior of the injection tubing and
probably inside the casing also. The tubing strings
are set on casing packers and the annuli are filled
with deaerated salt water treated with water sol-
uble inhibitors,

During CO; injection cycles, the gas has leaked
through tubing joints and up past the packers, sat-
urating the salt water packer fluid. Leakage past
the packers has been controlled by use of plastic
coated double set packers fitted with CO, resistant
elastomer seals. Use of special PTFE (Teflon)
thread lubricant such as Baker Super B has re-
duced frequency of joint leaks,™

Tubing that is internally plastic coated with shop
applied thin film (0.18 mm or 6-8 mils) epoxy
modified phenolics over phenolic primer (such as
Baker BTS PA400 or AMF Tuboscope TK69) has
held up satisfactorily. However, corrosion of cou-
pling and pin threads with subsequent leakage has
occurred. The internal coupling corrosion prob-
lem has been greatly reduced by coating them with
polyphenylene sulfide coatings such as Tuboscope
Coupling Guard or Baker BTS Ryton.

Some operators are choosing thicker film (0.32
mm or 16 mil} internal tubular coatings to reduce
wire line and mechanical damage during well test-
ing and workovers. Examples are the fusion ap-
plied epoxy-phenolics such as AMF Tuboscope
TK77 or Baker BTS Plasticap 226 and modified
high build epoxies such as Baker BTS Plasticap
521.

A program of periodically pulling and inspecting
injection tubing has been a factor in increasing
service life by preventing the rerunning of defec-
tive joints.® Inspection procedures include visual
examination after cleaning couplings and pins,
electromagnetic and ultrasonic wall thickness
gauging. With wall thickness reductions of 30%
or less, the joints are reworked and recoated as
required prior to further use.

1n the SACROC operaticn, some used tubing has
been cement lined for reuse as injection tubing.
Other operators have reported cement lining of used
tubing for use as flowlines. An acid resistant ce-
ment (Permian Enterprises Flouroline) has been
developed which allows use of cement lined in-
jection tubing in CO; injection wells.” The lining
face is chemically treated to provide resistance not
only to CO,, but also to stimulation acids used to
treat limestone formations.

CO, breakthrough and increased water cut at pro-
ducing wells can occur within a few months after
initial injection into fractured dolomite forma-
tions. Corrosion rates typically increase 2 to 4 fold
on wellhead test coupons and downhole equip-
ment failure rates increase accordingly in wells with
minimal or no inhibitor treatment.

Many early tubmg failures were attributed to ring-
worm corrosion at the upset ends of the joints. In
common with previous experience in gas conden-
sate wells producing CO, rich gas, the ringworm
corrosion problem has been eliminated by full
length normalizing heat treatment of tubing after
upsetting (see Section 1, Item 1.14).

Ordinary batch treatments down the casing an-
nulus with filming amine corrosion inhibitors are
usually continued in rod pumped wells. Overall
results have been satisfactory even after the CO,
content of the produced gas increases to 15% or
more where bottom hole temperatures are below
about 70°C (160°F). Treating frequencies are in-
creased from perhaps once every 7 to 10 days to
2 or 3 times each week as CO, and water pro-
duction increases.

Rod pumps using Monel 400 for barrels, plungers
and all wetted parts have operated without prob-
lems.’

Rod body failures have been drastically reduced
by switching to fiberglass reinforced plastic (FRP)
sucker rads and by plasma coating steel rods with
316 stainless steel overcoated with baked on epoxy.
Careful design and operation of fiberglass rod-
strings is necessary since the standard API guide-
lines for fatigue life for steel rods do not apply.'
FRP sucker rod fatigue life predictions and design
guidelines are supplied by the manufacturers.

Stainless steel coated or corrosion resistant alloy -

rods are generally used for the lower 1/3 of the
rod strings (for weight) when FRP rods are in-
stalled.

Increased water production places greater stress
on pump rods and offen necessitates installation
of electric submersible pumps (ESP) to econom-
ically handle the larger fluid volumes.

Electric cable failures are a major problem with
ESP due to permeation and swelling of the jacket
elastomers by CO, and methane. Gas resistant

" jacketing materials encased in metal armeor is gen-

erally cost effective by providing longer runs be-
tween pump changes.

Corrosion of ESP motor and pump housings has

caused most failures in SACRQC.® Squeeze in-
hibition is not considered practical due to the very
high fluid production rates and continuous treat-
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ment below the motor assembly via capillary tub-
ing (see Chapter 8, Item 8.12d) would present
mechanical problems due to space limitations. Type
304 stainless steel has given good service for mo-
tor and pump housings. The 18 Cr - 2 Mo ferritic
stainless should also perform well especially in hot
(> 100°C or 212°F) wells producing high chloride
brines.

Existing bare steel production flowlines are pro-
tected by the increased inhibitor treatments down
the producing wells, at least during the early life
of the CO, projects. Replacements are commonly
made with fiberglass reinforced epoxy pipe or with
internally epoxy coated steel pipe for high pres-
sure service. External protection of buried flow-
lines is provided by coatings, e.g., coal tar en-
amel with glass wrap, and cathodic protection.

J. CO, Removal Plants

CO, is extracted from produced gas for recycling
to the injection operations. Both hot potassium
carbonate and monoethanolamme (MEA) pro-
cesses are used at SACROC.® Reboiler shells for
hot potassium carbonate plants are now con-
structed with 316L stainless steel and 304L is used
for piping replacement. Upper wall sections of
stripping columns are internally clad with 304L
stainless steel. The ferritic stainless steels con-
taining at least 18% Cr and 1 to 8% Mo should
be suitable cladding materials for this service.

Cormrosion in MEA plants built of carbon steel with
stainless steel trays, overhead piping and valves,
can be severe when conditions are such that MEA
degradation products (HEED) become concen-
trated. The corrosion can be minimized with spe-
cial MEA inhibitors and close control of the swee-
tening operation (see Chapter 8, Item 8.16).

3. Alloys for CO,/II,S Environments

Alloys with as little as 13% Cr content (AISI 410/
420) have good resistance to corrosion by CO, only
at CO, partial pressures (Pco,) up to 3.0 MPa (435
psi) and temperatures up to 150°C (300°F).  Resis-
tance increases with increasing Cr content and the 18%
Cr-8 Ni (304 and 316) stainless steels have been found
to be satisfactory at CO, concentrations equivalent to
Peo, = 15 MPa (2177 psi) at low temperatures (<
80°C or 176°F) as discussed in the preceding portion
of this chapter. However, the 18 to 25% chromium
alloys with less than 30% Ni are generally susceptible
to sulfide stress cracking (SSC) and stress corrosion
cracking (8CC) as discussed in Section 1, Item 7.09.
Further, their resistance to pitting corrosion dimin-
ishes in the presence of H,S and chlorides, especially
at high temperatures (> 80°C) or with contamination
by 02|4

The potential for failure of high Cr alloys in the pres-
ence of H,S, together with their relatively high cost,

Projects 83

has prompted the search for more economical resist-
ant alloys. Mention was made previously of the use
of aluminum bronze alloys, such as alloy 9D and nickel
aluminum bronze. These have a proven record of cor-
rosion resistant in sour water injection systems (see
Chapter 8, Itern 8.14) and they are apparently pro-
viding good service in CO, EOR operations.

Alloys with more than 90% aluminum {Al) content
are used for construction of decks (roofs) on sour oil
storage tanks and in gas plant and refinery operations
where the metal is exposed to low salinity or con-
densed water in presence of CO,, H,S and O, at low
temperatures (<< 40°C or 104°F). Data recently re-
ported,"® indicate that certain Al alloys such as Alcoa
6061-T6, X6013-T6, and 5086 may be useful in CO,
EOR environments including wet field CO, and CQ,/
H,S mixtures. Caution should be exercised in expos-
ing Al alloys to produced brines containing Ca and
Mg salts in addition to NaCl.

9.02 Steam Flooding and In-Situ Combustion
Projects .

Both of these are thermal recovery techniques in that
the oil bearing reservoirs are heated. Steam flooding is
still a viable enhanced recovery method and will prob-
ably remain so, especially for heavy oils. Underground
(in-situ) combustion projects are declining in number,
due in large part to extremely severe corrosion problems
in both injection and producing wells.

1. Corrosion in Steam Floods

Perhaps the most publicized corrosion problem in
steam flooding is that of failure of the water tubes in
steam generators. Water side scale deposits cause lo-
cal overheating and rupture of tubes when the boiler
feedwater is not properly softened to essentially zero
hardness (see Section 2, Chapter 1). The problem has
been largely overcome by using two water softeners
in series (one primary and one for polish softening)
with a third unit under regeneration.

Even with series softeners, hardness removal is not
always complete and at least 1 to 2 mg /L of hardness
(calcium, magnesium and iron in selution) often re-
mains. Precipitation of residual hardness as scale in
the boiler is prevented by continucusly feeding a che-
lating chemical into the boiler feedwater downstream
of the softening units. Chelating chemicals such as
sodium EDTA keep the hardness materials in solu-
tion. However, an excess of chemical over the amount
required to prevent hardness precipitation is very cor-
rosive and has been the cause of rapid failure of boiler
tubes by deep, isolated pitting. Good praciice re-
quires careful operation of the softening units so that
no more than about 10 mg/L of chelating chemical
treatment is required.
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Fresh (low salinity) water used for steam generation
must be treated for complete removal of dissolved
oxygen upstream of the softening units. Traces (< 5
mg/L) of H,S are removed with chlorine (see Section
1, Chapter 6).

Steam from the boilers usually contains CQ, which
can cause corrosion of injection lines and injection
well tubing. However, this is generally not a problem
because of high alkalinity (pH 10 to 12) of the liquid
water coming from the boilers that is injected along
with the steam (typically 80% steam and 20% liquid
water by weight). Caustic (sodium hydroxide) is added
to the boiler feedwater (usually as a 50% water so-
lution) to maintain the high alkalinity in the boiler
output. The added caustic alkalinity prevents CO,
corrosion in the injection system and also helps pre-
vent precipitation of silica scale in the boilers.

One of the major problems in the steam injection wells
is casing failure due to compressive stresses created
by thermal expansion followed by tensile stressing
during cooling. Most failures are located at the cou-
plings.'' Steel grade P105 is probably the best of the
common low alloy steels used for casings. Pre-stress-
ing the casing in tension prior to cementing helps al-
leviate thermally induced stress cycles. Special ex-
pansion joints are often employed in both the tubing
and casing strings of injection and producing wells.

. Corrosion in Combustion Operations

Economical solutions have not been developed for
many of the serious corrosion problems encountered
in combustion operations where some of the reservoir
oil is literally burned in place to generate heat and
steam. ‘

Air is introduced by means of injection wells and a
combustion zone or fire front is created which ex-
pands through the reservoir toward the producers, The
bank of heat and steam that is generated drives oil
and water ahead but enough oil is left behind to sup-
port propagation of the fire front. In the burning pro-
cess, carbon dioxide, carbon monoxide and a variety
of corrosive organic acids are formed. These and ex-
cess oxygen at high temperatures create an extremely
corrosive environment.

Casing joints and well screens made of high chro-
mium and nickel alloys such as Incoloy 825 and In-
conel 625 (see Table 1.7-10, Chapter 7) have been
tested in both injection and producing wells. General
performance was better than lower alloys but even
these have failed when exposed to temperatures in
excess of 650°C (1200°F) in the presence of the com-
bustion products.

Successful operation of firefloods (from a corrosion
standpoint) appears to be primarily a matter of avoid-
ing exposure of well equipment to the excessive heat.
Procedures to initiate combustion a safe distance away

from injection welis have been worked out but rock
geometry often makes such control difficult. In gen-
eral, substantial destruction of the lower exposed pro-
ducing well equipment can be expected when the
combustion front arrives and passes. However, or-
dinary carbon steels such as J-55, K-40, etc., have
failed prematurely and caused early abandonment,
Producing well screens and casing liners made of 304
or 316 austenitic stainless steels have failed by chlo-
ride stress cracking at temperatures above 100°C
(212°F) but below 210°C (410°F). Balancing alloy cost
versus prolenged life (prior to front arrival) for the
lower end of producing wells, it appears that 9% Cr
- 1 Mo ferritic stainless steel is in general a good
choice as a material of construction.

In addition to temperature, oxygen from the injected
air is another key factor affecting corrosion rates at
the producing wells. Prior to oxygen breakthrough,
ordinary filming amine corrosion inhibitors have given
adequate protection by the usual batch injection treat-
ment method. The quantity and frequency of appli-
cation for the inhibitor treatments must be increased,
roughly in proportion to the amount of oxygen reach-
ing the producing wells.

Oxidation inhibitors have performed quite satisfac-
torily for protecting air delivery lines and injection
well tubing during air injection cycles. However, these
products have failed to control corrosion by injection
water containing dissolved oxygen, Best practice is
to deaerate the injection water during the water in-
jection cycles,

9.03 Micellar (Surfactant)/Polymer Flooding

The major corrosion problems reported in micellar-
polymer flooding have been in the injection system. The
micellar surfactants generally consist of substantially oil
soluble sulfonates mixed with various alcohols and water.
A slug or bank of the surfactant mixture is injected and
followed by water containing polymers such as poly-
acrylamides or xanthans. The polymers reduce mobility
of the driving water to retard forward fingering and to
promote piston-like displacement of the leading surfac-
tant bank. _

Concentrated surfactant solutions have a strong deter-
gent effect on surfaces of metal tanks and lines and tend
to remove millscale and metal oxides, thus exposing the
surfaces to general corrosion by dissolved oxygen. Ex-
posure times prior to and during injection are usually
limited and damage to the field equipment is of no great
economic importance. Contamination of the surfactant
solutions by dislodged rust and surface soil can be harm-
ful however, and the solutions are usually filtered to re-
move suspended debris while they are béing injected.

Injection of chase water containing polymers can con-
tinue for several months or years and common practice
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is to deacrate the water to prevent rusting and consequent
contamination by iron oxides. Dissolved oxygen also de-
grades the polymer chemicals. Because metal ions such
as cobalt affect polymer properties, non-catalyzed oxy-
gen scavenger chemicals are used.

Sulfate reducing bacteria (see Section 2, Chapter 3)

often thrive in the deaerated polymer treated water and

the generated H,S can, in time, cause significant cor-
rosion damage. However, a more serious problem is
plugging of the injection wells by mixtures of iron sul-
fide corrosion products and incompletely dissolved poly-
mer. A variety of biocide chemicals have been used to
retard bacterial growth and iron sulfide generation. If the
water is kept totally air-free, biocides such as glutaral-
dehyde, thiocarbamates and quaternary ammonium chlo-
rides have proven effective. Oxidizing biocides such as
chlorine cannot be used because they degrade the poly-
mers.
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Detecting and
Monitoring Corrosion
Activity

10.01 Early Detection

Evidence that corrosion is occurring at a serious rate
is often discovered initially by visual examination of
damaged equipment.The item may be broken, cracked
or pitted and usually has residues of corrosion reaction
products on the surface. Ideally, the attack should not
have been allowed to progress that far. Consequently one
of the most frequently asked questions is, “How can I
detect and measure corrosion activity before a failure oc-
curs?” About as much effort has been made to find easy
answers to this question as has been applied to devel-
opment of corrosion prevention techniques.

The difficulties of early detection stem largely from
two factors:

1. Non-uniform rate of attack at different locations in
production systems, and

2. Insolubility of corrosion reaction products.

Corrosion detection and assessment of intensity would
be much simpler if both these situations did not exist.
All that would be required is monitoring of dissolved
metal concentration in the water phase and calculation
of penetration rate per unit area of metal surface ex-
posed.

In practice, corrosion monitoring is usually restricted
to one or more of the following procedures:

1. Measure relative corrosiveness of system fluids with
sensors and assume equipment corrosion rates are
proportional.

2. Measure actual corrosion penetration on exposed
equipment via calipers, ultrasonic thickness measure-
ments, or radiography.

3. Analyze produced fluids for dissolved iron and com-
pute normalized overall corrosion rate.

10.02 Devices for Monitoring Fluid Corrosiveness

Corrosion sensors, in general, are most useful for in-
dicating;: (1) differences in corrosion rates at various points
in surface systems (e.g., up and downstream of tanks or
pumps), (2) differences at specific locations over a length
of time, and (3) changes in corrosion rate as a result of
inhibitor treatment. The values they measure are related
to real system corrosion rates but should not be inter-
preted as (rue representations. Data obtained with the
testing devices are more properly considered as mea-
surements of the fluid corrosivity at the point of expo-
sure.

Table 1.10-1 describes some popular types of corro-
sion sensors or monitors used for corrosion rate testing.
Corrosion sensors such as test coupons and electronic
meter probes are most frequently mounted through tees
in flowlines for easy retrieval. Various downhole sen-,
sors, including wire-line retrievable coupons and radio-
active tubing subs, have been used. However, most op-
erators monitor subsurface corrosion by tests at the
wellhead.

10.03 Characteristics and Limitations of Corrosion
Rate Monitors

1. Weight-loss coupons

Test coupons such as those illustrated in Figure 1.10-
1 provide results within one to three months, When
running repeat tests with coupons at a specific loca-
tion, exposure times should be held reasonably con-
stant for reliable comparison between tests. The rea-
son for this is that initial corrosion rates on the clean
coupons are high but tend to diminish with time as
illustrated in Figure 1.10-2. Coupons exposed for two
or three months will generally indicate lower corro-
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Table 1.10-1

Corrosion and Water Technology for Petroleurn Producers

Devices for Measuring Fluid Corrosivity

Sensor Type

Exemplary Source

Functional Nature and
Application

Coupon Flat
Red Ring

Nipple or Spool

Electrical
Resistance
Probe

Polarization
Resistance
Probe

Hydragen Probe
or Patch

Galvanic Probe

Inhibitor Suppliers,
Coupon Suppliers*
or User Fabricated

User Fabricated

Rohrback
Instruments, Santa
Fe Springs, CA
(farmerly Magna)
or Petroiite
Instruments,
Houston, TX

Rohrback
Instruments
or
Petrolite
instruments

Fincher
Engineering
Houston, TX, or
Petrolite
Instruments

Fincher
Engineering

or
Thomas Kelley Co.,
Tulsa, OK

Exhibits weight loss and
pitting

Same as coupons but is
part of piping system

Direct reading of
corrosion rate from
electrical resistance
increase as sensor size
decreases

Direct reading of
corrasion rate from
electrode potential (E)
and applied current (1)
relationship which has the
units of R

Detects rate of H,
penetration through probe
or pipe wall

Detects changes in
corraslvity as a function
of current flow between
dissimilar metal
efectrodes

*Metal Samples Company
Route 1, Box 152

MPa or 300 psig). For extraction, the coupon is pulled
up through the valve into the lubricator housing, the
valve is closed and the whole lubricator agsembly with
the coupon inside is unscrewed for removal. The
holding rod is made of stainless steel or Monel, and
the coupon is electrically isolated from it with a plas-
tic chuck to prevent galvanic corrosion of the coupon
while in use. -

Test coupons are cleaned and weighed before and af-
ter exposure in the field. In some cases actual aver-
age and maximum pit depth is measured, but most
usually the weight loss is converted to an average
penetration (corrosion) rate such as mils penetration
Per year or micrometers (p.m) per year. Calculations
of various corrosion rate expressions from steel cou-
pon data are shown in Table 1.10-2.

Chemical companies usually supply test coupons and
process them as part of their service. The Metal Sam-
ples Company, Inc., Route 1, Box 152, Munford,
Alabama 36268, U.S.A., sells a variety of test cou-
pons and holders including a pressure retrieval Sys-
tem (coupon lubricator) and drill-pipe corrosion rings.

Details on corrosion testing with coupons, including
flat, rod, and ring types are given in NACE Standard’
RP-07-75.!

. Test Nipples (Spools)

Reliable data that closely indicates actual system cor-
rosion can be obtained with test nipples that are used
as part of a flowline. Two types are shown in Figure
1.10-4. These should be exposed three to nine months
or even longer. After long-term exposure to total flow
conditions, the nipples are split and examined for pit-
ting and scale accumulation. If the nipples are prop-

Munford, Alabama, U.S.A., 36268

sion rates than coupons exposed only one month, even
when actual corrosivity of the water being tested re-
mains constant.

Coupons should always be positioned so that they are
exposed to the corrosive water phase. Figure 1.10-3
shows a coupon installation in a pipeline water trap
on an oil or gas pipeline. Coupons exposed to only
the oil or gas phase will not reflect corrosiveness of

Table 1.10-2
Corroslon Rate Expresslons

mpy = mils* penetration/year =

for steel
A x (for steel)

where: W = specimen weight
loss, grams
E .
A= specimen area,

square inches

water flowing along the bottom of the pipeline. T = exposure time, days

. . . . . *mil = 0.001 inch
Notice that in Figure 1.10-3, a coupon lubricator is
used to insert and extract the coupons while the pipe-
line is under pressure. Coupon lubricators are com-
mercially available from companies such as Fincher
Engineering, Houston, Texas, and Rohrback Cosasco
Systems, Santa Fe Springs, California, or Reading, mmlyr = millimeters/year
Berkshire, England. The lubricator is screwed into a mpy

mad = milligrams/square decimeter**/day
= mpy X 5.47 (for stest)
“*decimeter = 0.1 meter = 3.937 inches
square decimeter = 100 cm? = 15.5 in?

full opening gate valve through which the coupon is 40
inserted by means of the holding rod. The valve is
left open while the coupon is in place and the lubri-
cator assembly hoids the full line pressure (up to 2.1

wmlyr (or anum) = micrometers/year
mpy X 25.4
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INSULATING
PLASTIC ROD ? ® WASHER

| 9
L

FLAT COUPON
FLAT COUPON HOLDER (2 USED)

TEFLON D1SK

LTEST RODS

ROD TYPE COUPON HOLDER

Figure 1.10-1. Two types of corrosion test coupons and holders.

erly prepared and weighed initially, their long-term
weight loss provides the best available measure of
true system corrosion rate in pipes or flowlines.

3. Corrosion Meters

w
¥

wr
=
<
gg Two types of direct-reading electronic corrosion rate
23 meters are used. Each type employs a probe sensor
=L . A .
gg b that is extended through a tee or nipple into a flow-
:E line, pipeline or vessel wall. An electrical lead con-
Eg nects between the probe and the meter, which may
2z L be portable or permanently mounted for central sta-
z. tion readout. Some central station installations in plants
or offshore platforms use several permanently mounted
L L 1 probes at various locations. Periodic readings are taken
1 2 3 and printed systematically by means of the meter in-
EXPOSURE TIME - MONTHS strument and an electronic switching device that con-
tacts each probe in turn on a regular basis.
Figure 1.10-2. Nustration of test coupon data variance with Figure 1.10-5 illustrates features of a probe used with
time. electrical resistance comrosion meters such as the
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Magna Corrosometer™ sold by Rohrback Instm-
ments. Petrolite Instruments also sells electric resis-
tance type corrosion meters. A variety of probe sizes

i and shapes are available.
/ L’COUPON LUBRICATOR The sensor element exposed to corrosive fluids is a

small diameter wire, tubing or a thin metal strip. As
small amounts of metal are lost from the sensor ele-
=]|= "—FULL OPENING GATE VALVE ment by corrosion, its resistance to electrical current
- WELD -0 -LET flow increases, and the change is translated to cor-
rosion rate (mpy) by the electronic meter. Since the
device measures actual corrosion or metal loss on the
sensor, it is not necessary for the probe to be im-
mersed in a continuous electrically conductive water
phase. Readings can be made in oil or gas lines for *
example as long as there is enough water present for
corrosion of the sensor element to occur. Stable read-
ings can usually be obtained within a few hours after
the sensor probe is installed and changes in corrosion
COUPON _ rate can be rapidly sensed for up to several months
until the sensing element is corroded through. A flush
INTERNALLY PLASTIC COATED mounted resistance probe for measuring corrosion rate
in thin layers of water at the bottom of gas or oil lines
is available from Corrocean A/S (Trondheim, Nor-

-— way, N-7001).
DRAIN Essentially instantaneous readings of corrosion rate
can be obtained with the Petrolite (Tretolite) PAIR™

[r——y

and Rorhback Corrater™ corrosion meters. These do

Figure 1.10-3. Flat coupons installed in water trap welded not measure corrosion of metal directly as do test
to bottom of a pipe line. coupons or resistance probes. Instead, an electro-

A o TUNE
. BYPASS PIPING
w -
1. CORROSION TEST NIPPLE 12" IN
) LENGTH WITH VICTAULIC GROOVES
(f@o FOR CONNECTING
070 2. TEE WITH ROD COUPONS

C.

Figure 1.10-4. Corrosion test nipples. A. Nipple with grooves for Victaulic couplings. B. Spool with flanges. C. Bypass piping
arrangement with nipple and test coupon combination.

www.iran—-mavad.com

Slgo uwigo ole @2 50




Detecting and Monitoring Corrosion Activity

91

CABLE TO

CORROSION RATE —=
INDICATOR/RECORDER

*E YSENSOR ELEMENT
(WIRE, STRIP OR

PRESSURE*’//f

SEAL

REFERENCE ELEMENT

/f TUBING)

BODY WITH

Figure 1.10-5. Electrical resistance probe.

chemical technique called linear polarization or po-
larization resistance is used (see Appendix Item
1A.10). The test probes (Figure 1.10-6) utilize either
two (Corrater) or three (PAIR) metal electrodes that
are immersed in a continuous electrolyte {salt water),
Petrolite Instruments also offers a flush-mounted probe
for use with their PATR™ corrosion meter (see photo,
Figure 1.10-7). The three electrodes of the flush-

mounted probe are in the form of concentric rings
with insulating plastic surrounding the inner two. The
probe is mounted through the wall on the bottom side
of oil or gas flowlines or pipelines so that the flat
face of the probe is flush with the inner pipe surface.
In this position, the flush-mounted probe senses even
thin layers of water moving along the bottom of the
pipe and eliminates the need for water traps (Figure

GNNECTORS

TO INSTRUMENT

CONNECTORS
TO INSTRUMENT

METAL
ELECTRODES

BODYJ

Figure 1.10-6. lllustration of two and three element polarization resistance probes.
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Figure 1.10-7. Flush mounted polarization resistance probe.
(Photo courtesy of Petrolite Instruments, Inc., Houston, Texas),

1.10-3). Scouring by solids in high velocity streams
helps prevent fouling of the electrodes and improves
sensitivity of the flush mounted corrosion rate sensor.

In both the two- and three-element polarization re-
sistance probes, the electrical potential of one of the
electrodes is monitored with respect to one of the other
electrodes as a small electrical current is applied. The
amount of current required to shift the potential of
the working electrode by a fixed amount (usually 10
to 20 millivolts) is proportional to corrosion inten-
sity. The electronic meter translates the amount of
current applied to a readout number indicating cor-
rosion rate as mpy. The corrosion rate reading is ac-
curate for the corrosion taking place on the probe ele-
ments at the instant the reading is taken. However,

accumulations of corrosion products, mineral scale or
heavy hydrocarbons reduces sensitivity and probes left
in the system for long periods may fail to respond as
conditions change in the system being monitored.

Many users believe that electrical resistance-type
probes are less affected by fouling than the polari-
zation resistance-type and the former appears to be
gaining in popularity. It should be noted, however,
that both types are subject to the same basic limita-
tions as corrosion test coupons. They can only read
corrosion rate on the probe sensor, and this rate is,
at best, an indicator of average overall corrosion in
the system being tested. When either type of corro-
sion meter probes is left installed for long periods,
they should be cleaned and inspected on a regular
basis and back-up weight-loss test coupons should be
exposed simultaneously in at least one location in the
system.

. Hydrogen Probes and Patches

Hydrogen probe or patch sensors are designed to
measure corrosion by sensing the amount of hydro-
gen that migrates through the wall of a pipe or tank.
Some of the atomic hydrogen, H®, generated at cath-
ode sites on metal being corroded by substantially
oxygen-free water containing H,S, penetrates into and
through low hardness steel (see Section 1, Item 1.17
and Item 7.06). The H° that passes completely through
the steel wall changes to molecular H; gas and is swept
away. Theoretically the amount of hydrogen passing
through the wall is proportional to the corrosion rate.

The Petrolite Corporation supplies a device called the
Hydrogen Patch Probe™, which is mounted on the
outside wall of a vessel or pipe. Atomic hydrogen
penetrating the wall is detected by electrochemical
reduction and an electronic readout instrument indi-
cates relative corrosion rate. Hydrogen pressure probes
(Figure 1.10-8) operate on the same basic principle

PRESSURE
GAUGE

"

Figure 1.10-8. Hydrogen pressure probe.
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except pressure of trapped molecular hydrogen is
measured with a gauge. The pressure probe is mounted
through a tee or nipple into a pipe or tank. As the
thin wall of the probe body corrodes, H, is trapped
inside and builds pressure. A rate of pressure increase
greater than about 7 kPa (1 psig) per day is consid-
ered a signal of significant corrosion.

Hydrogen probes or patches are generally not reliable
for quantitative indication of corrosion rate but may
be used to detect very rapid corrosion in air-free sour
systems. They do not function in aerated fluids.

5. Galvanic Probes

These are simply two dissimilar metal rods, usually
steel and brass, mounted on but insulated from a
threaded pipe plug. When the two rods are immersed
in aerated salt water and electrically connected through
a milliammeter, the dissimilar metal couple generates
a small electrical current that varies in strength with
the amount of oxygen present. The activity of the dis-
similar metal corrosion cell and thus the amount of
current flow is largely determined by the concentra-
tion of oxygen, which depolarizes the brass cathode
and keeps the galvanic cell action going. Therefore,
the galvanic probes together with a small recording
miiliammeter are useful to signal an influx of oxygen
into water streams, and they are used for that purpose
downstream of deaerators in waterflood and drilling
operations.

In air-free systems such as deaerated drilling muds,
the current output of the galvanic probe couple may
surge when H,S contamination occurs. However, the
current output in any field situation is not a reliable
measure of corrosion rate.

10.04 Iron Content Analysis of Produced Water
and the COPRA Correlation

Iron content determinations {(iron counts} are the most
widely used method for monitoring downhole corrosion
rates in gas and gas condensate wells that produce little
or no H,S, viz., sweet production. Carbon dioxide is the
primary corrosive agent. Organic acids are frequently
present and tend to keep iron in solution for at least a
few minutes (prior to air oxidation) after a water sample
is taken from the wellhead or flowline. Dissolved iron
content analysis can be run directly on a freshly caught
water sample using a simple colorimetric test kit such as
the Hach Ferro-ver (Hach Company, P. O. Box 389,
Loveland, CO 80539, U.S5.A.). Alternately, each water
sample is acidified with several drops of concentrated
hydrochloric acid (pH 1 to 2) to hold iron in solution
and groups of samples are submitted to a laboratory for
iron determinations.

The concentration of dissolved iron tends to increase
with increasing corrosion rate but iron count values per

93

se are generally not reliable as indicators of corrosion
intensity, especially at pits. To compensate for vari-

~ ations in water production between wells, some opera-

tors determine average iron concentration (mg/L or ppm)
and compute total iron loss rate for each well as pounds
or kilograms per day. This method has greatest value for
indicating changes in iron loss rate over time or before
and after initiation of inhibitor treatments.

Some sand formations containing clays, such as the
chlorites, produce water with a natural iron content which
must be accounted for in corrosion studies. The back-
ground iron concentration is usually constant in relation
to the volume of formation water in the total produced
water at the wellhead (formation plus water of conden-
sation).

Wells that produce formation water can be assumed
to have corrosion ircn loss over the full length of the
tubing string and iron count data can be used to calculate
a uniform overall corrosion rates as follows:*’

Cr.

(Eq. 1.10-1) CR. = —F Qo
0.082Ld

where: C.R. = uniform corrosion rate (mpy)

Cg. = iron count in produced water (ppm or mg/
L)
Qu,o = total water production (bbl/day)

L = length of tubing (ft)

d = inside diameter of tubing (in.)

When caliper survey or tubing inspection data indicate
tubular corrosion is primarily concentrated between cer-
tain depths in the well, the length of affected areas can
be substituted for total length (L) in the Equation 1.10-
1. Localization of corrosion in the upper portion of the
tubing string may be caused by water condensation due
to cooling. If this zone can be determined or calculated,
its length can be used for L (see Figure 1.8-3).

It has been established that corrosion rates in flowing
gas wells are a function of gas and water production rates
and are strongly influenced by the water composition.
To account for both gas and water, Gatske and Hausler*
developed the COPRA correlation (Corrosion Rate-Pro-
duction Rate) to predict actual well fluid corrosivity prior
to equi?ment failure and for evaluation of inhibitor treat-
ments.” For the COPRA correlation, the uniform cor-
rosion rate (C.R.) computed from iron counts (Equation
1.10-1) is normalized with respect to water production
as follows:

: C.R.
(Eq.1.10-2) Ko =—
QHzO
where: K5 = normalized or relative average corrosion
rate

Qino = bbl HO/MMcf*

(*MMcf = million cubic feet of gas).
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The calculated Kg factor is then plotted as a function
of gas production rate as illustrated in Figure 1.10-9,
The data points represent K at specific gas rates and a
series of connected points produces a line curve the slope
of which indicates corrosivity of a group of wells irre-
gardless of differences in water and gas production rates.
Figure 1.10-9 illustrates reduction in K;/MMcf/day for
a range of gas production rates as a result of treating the
wells with corrosion inhibitors.

A COPRA type correlation can be made using test
coupon corrosicn rate (C.R.) in lieu of iron count data
when there is reason to believe the coupon data are rep-
resentative.

10.05 After-the-Fact Corrosion Detection

Metal loss that has already taken place on equipment
can be measured by several means. Three types of tools
for in-piace inspection are:

1. Downhole tubing or casing calipers,
a. Mechanical feelers (measures internal diameter and
pit depth)
b. Electromagnetic induction types (measures total
reduction in waii thickness)

 owmo
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¢. Combination of a and b tools;
2. Ultrasonic wall thickness testers;
3. Radiography,

a. X-Ray,

b. Gamma ray.

Downhole inspection with various type calipers is ex-
pensive but justifiable when compared with the high cost
of tubing and casing failures, Details of caliper tools and
data interpretation are available from companies such as
the J. C. Kinley Co., Houston, Texas, and worldwide
affiliates (Otis Engineering Co., Litd., Flopetrol John-
ston, Expro (N/S), Ltd., and Stravanger Oilfield Ser-
vices).

1. Tubing Inspection

Tubing caliper surveys are commonly run in gas,
condensate and oil wells where iron count or well-
head coupon test data indicate downhole corrosion
may be occuring at a serious rate. Direct contact or
feeler type calipers are most often used for internal
tubing inspection. The contact feelers generally in-
dicate location of severely corroded areas but may
miss isolated pits. For a single pit as small as 3 mm

Uninhibited Base Line ,

40% Inhibition

86% inhibition

0.1 9 1.0

T LA B S B 2 B | T Ll 4

10

Gas Production (MMCFD)

Figure 1.10-8. COPRA Correlation for a group of gas wells before and after initiation of a corrosion inhibition program. (After

Burke and Hausler®),
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Detecting and Monitoring Corrosion Activity

(0.125 in.) in diameter, the probability of detectm§
it with one cahper run up the tubing is about 15%.
The probability increases to 80% if the survey is re-
run ten times in the same tubing. Repeat surveys are
normally run from bottom to top while the tool is in
the hole.

Maximum pit penetration may be obscured by de-
posits but the probability of extreme pit depths or to-
tal wall penetration can be computed using extreme
value statistics calcuiatlons as discussed by Eldridge®
and Pilkington.” With Eldridge’s method, pit depth
rank charts are prepared using statistical theory of ex-
treme values in which the number of maximum pit
depths measured (percent of wall penetration) in each
joint is considered. A graphical plotting procedure is
used to predict the probabilities of deeper pitting or
total penetration in the string. A simple step-wtse
procedure for the analysis is available from Kinley .
Pilkington developed pit distribution charts to sup-
plement the pit depth rank charts to illustrate location
of significant corrosion damage throughout the tubing
string. Hausler and Burke applied the extreme value
statistical ana.'lyms method to caliper data from a group
of wells with various water and gas production rates.”
Their goal was to establish a value of K¢ (normalized
corrosion rate) for a COPRA type correlation (see Item
10.04).

. Casing Calipers

As outlined in Chapter 8, Itern 8.08, a variety of so-
phisticated downhole casing inspection tools are
available from several oilfield services companies.
Sensing techniques most commonly used are internal
feeler type calipers (similar to tubing calipers de-
scribed above for Tubing Inspection and with the same
limnitations) and a magnetic induction process for
measuring casing wall thickness. With the latter, seg-
ments of the casing wall are incrementally saturated
with a magnetic flux field of known strength. Sensing
elements inside the tool then measure residual mag-
netic flux characteristics (density and phase) return-
ing from the casing wall which accurately indicate
remaining wall thickness. The magnetic induction
technique alone does not distinguish internal from ex-
ternal metal loss. Consequently, more advanced tools
utilize the internal caliper and magnetic induction
methods simultaneously; thus, providing a measure
of both internal penetration and metal wall thinning
from original thickness. The difference is attributed
to external corrosion metal loss. An advantage of the
magnetic induction wall thinning measurement tech-
nique is that it is not affected by liquids in the casing
nor presence of surface deposits.

Visual inspection of the internal casing surface con-
dition can be achieved with a video camera and light
source suspended in the hole in a clear fluid. This
method is not yet widely used.
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3. Ultrasonic Thickness Gauges for Surface Testing

Many producing companies train selected personnel
in nondestructive testing techniques, especially use of
ultrasonic thickness gauges. Modern gauges such as
the Model DM3 manufactured by Krautkramer Bran-
son (P. O. Box 350, Lewiston, PA 17044, UJ.5.A.)
are small, easy to calibrate and use and have direct
digital readout of metal thickness.

Periodic ultrasonic wall thickness measurements, at
selected inspection points, are especially recom-
mended for vessels and surface piping locations where
failure is intolerable. On offshore production plat-
forms, tube turns and similar locations where erosion
by solids is likely should be checked at least an-
nually.

Pipe or tank wall thickness is determined with an ul-
trasonic instrument by measuring the time required
for a high-frequency sound wave to pass through the
metal. The sound wave is generated by a piezoelec-
tric transducer that is pressed against the metal sur-
face. The hand-held transducer (search unit) receives
high-frequency electrical impulses from a power source
in the main instrument and converts the electrical en-
ergy to sound vibrations. A sound vibration or wave
passes at a known uniform speed through the metal
and is detected by a receiving transducer which con-
verts the sound back to an electrical impulse. Since
the speed of sound travel is constant for the metal
being tested, the time interval between the input and
received electrical pulses is a function of metal thick-
ness. After wall thickness is initially measured at a
certain spot on the pipe or tank wall, repeat tests made
several months later at the same spot will reveal the
amount of thinning or metal loss that has occurred at
that location.

Sound waves generated by the transducer do not pro-
pogate efficiently through air and the transducer face
must make solid contact with the metal being tested.
Flat face transducers are used on tank walls and large
diameter pipe. Curved face transducer search units
are available for use on various sizes of small pipe.
General practice for external thickness tests is to se-
lect a spot on the metal surface, smooth that area with
a hand file or grinder and then cover the smoothed
area with a coupling fluid such as oil or glycerine.
The couplant fluid aids transmission of ultrasonic sound
between the search unit and the metal. Repeat tests
for detecting thickness changes are always made at
the same spot for greatest accuracy.

Three basic methods of time interval ultrasonic test-
ing are used. The pulse echo technique utilizes a sin-
gle transducer to emit a pulsed beam of ultrasonic
sound through the couplant fluid into the external sur-
face of the metal. At the opposite (internal) side of
the metal wall, the sound signal is reflected or echoed
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96 Corrosion and Water Technology for Petroleum Producers

back to the sending transducer. The time interval be-
tween the initial pulse and the return echo is mea-
sured by the calibrated test instrument to determine
thickness. Some older instruments have a cathode ray
tube (CRT) that displays spikes of the input and re-
turn signal, and the distance between the peaks is
measured manually with a transparent scale that reads
thickness units. Newer instruments measure the time
interval electronically and display a digital readout of
thickness. Compact models are available with alt
components in a single case.

Another type of search unit operates on a similar
principle, but the unit head contains two transducers
set at an angle to each other. One transmits and the
other receives.

In the through transmission method, separate trans-
ducers are placed on each side of the metal to send
and receive the ultrasonic beam. Since both sides must
be accessible, this method is not used for routine
thickness tests in the field.
4. Radiography

Radiographic imaging is achieved by passing x-rays
or gamma rays through valve bodies, elbows or other
items. The radiograph is recorded by film and reveals
flaws such as internal surface pits, wall laminations
or cracks. Radiographs can provide positive visual
evidence of defects and corrosion damage.

10.06 Visnal Inspection and Analysis

No test instrument or inspection tool has ever been
developed that can benefit a corrosion control program
as much as thorough on-site inspection by interested per-

Table 1.10-3
Scheme for Field Inspection of Equipment Failures

Table 1.10-4

Characteristic Features of Some Corrosion-Related Failures

Appearance

Probable Contributing Factors

Small conical pits with steep
sides and smooth edges.

Pits filled with black deposit.

As above plus transverse
cracks.

Transverse fracture with fittle
or no pitting but with black
deposit.

Round bottom connecting pits
with sharp sides. Grey .
deposit but pit bottoms are
bright.

General thinning with sharp
feathery or weblike residual
metal. Little or no deposits.

Rust deposits. Shallow,
widespread pitting or deep
pits under rust nodules.

Single, isolated pits in a row
on one side.

Worn or abraded areas with
numerous small pits.

Hydrogen sulfide attack (H,S
may be natural or generateq
by bacteria) Figure 1.10-12

Hydrogen sulfide attack with
tensile stress (siress
corrosion fatigue)

Sulfide stress cracking

Excessive metal hardness

Carbon dioxide attack (Section
1, Chapter 8, Figure 1.8-3}

Mineral acid corrosion
Oxygen corrosion

Electrolytic corrosion due to
current discharge

Erosion by solids or metal
rubbing in presence of H,S,
COQ or O,

1. Record specific identification of failed item and position of
use.

2. Describe the gross nature of the failure, i.e.,
Longitudinal rupture
Transverse fracture
Perforation
Wall thinning—internal and external
Internal and external pilting

3. Examine overall and local deposits.
Color
Texture
Thickness and distribution

4. Test solubility and reaction of deposits in dilute acid as
discussed in item 10.07.

5. Clean a number of local areas and pits by wire brushing and
scraping. Visually examine configuration and distribution of
pits, cracks and thinned areas.

6. Photograph the overall failure and take close-ups of local
areas before and after cleaning.

sonnel. Direct examination and a few simple tests on
failed equipment will often reveal the basic cause of the
problem.

A practical outline for field investigation of failures is
tabulated in Table 1.10-3. The listed steps can be used
as a guide for preparation of a data acquisition form.
Pre-prepared forms, with blank spaces for observations
and comments, are quite helpful for use by field crews.

ROUGH TORN AREA AT

‘)' FINAL TENSILE BREAK

SMOOTH SURFACE LEFY
BY CRACK PROPAGATION

X BT AT FRACTURE ORIGIN

Figure 1.10-10. Anatomy of a sucker rod break due to stress
corrosion fatigue.
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Detecting and Monitoring Corrosion Activity

Figure 1.10-11. Cross section of a sucker rod that failed by
corrosion fatigue.

Table 1.10-4 is a summary list of observations that
can be made to help identify the most probable causes
of equipment failure. For example, the appearance of a
common type of sucker rod failure is shown schemati-
cally in Figure 1.10-10. Figure 1.10-11 is a photograph
of the broken end of a sucker rod that failed by corrosion
fatigue after six months use in a sour-producing well.
Note pitting along the left hand edge, the smooth metat
face where the brittle fracture occurred and the final (non-
brittle) separation on the right hand side. The final, non-
brittle tensile break probably happened rapidly after the
effective diameter of the rod was reduced (by initial slow

97
Table 1.10-5
Acid Solutions for Deposlt Testing
Solution 1
Water (potable or tap water) 400 ml
Isopropyl alcohol 150 ml
Concentrated HCI acid' (clear, pure acid required) 450 ml

'Add acid /ast, siowly with stirring
H available, add five to ten milliliters of a liquid detergent
or wetting agent to final solution.

Solution 2
To 100 ml of Solution 1, add approximately 5 gm (about 1
level teaspoon) of sodium arsenite (Na;HAsQ.) powder and stir
to dissolve.

Caution: Protect.eyes and skin when preparing acid solutions.
Do not inhale or ingest the sodium arsenite powder. Wash skin
thoroughly with soap and water if contacted by sodium
arsenite.

cracking) to the point that it could no longer sustain the
tensile load.

Similar fracture characteristics, viz., a smooth trans-
verse break with torn metal peaks on one side, are often
observed on collars and tubing that have failed by sulfide
stress cracking (see Section 1, Item 7.05).

10.07 Tests for Identifying Corrosion Products

Step 4 of Table 1.10-3 calls for testing surface de-
posits in a dilute acid solution. Recipes for two test acids
are listed in Table 1.10-5.

Acid Solution 1 can be used for testing the general
nature of heavy deposits scraped from corroded metal
surfaces. Drop approximately one cm’ of the deposit into
approximately 25 ml of Solution 1 held in a small glass
container or test tube. Observe rate of solution and ef-
fervescence (gas evolution). If slow gas formation is ap-

Figure 1.10-12. Sulfide pitting in a water infection flowline. H,S created by sulfate reducing bacteria.
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98 Corrosion and Water Technology for Petroleum Producerg

parent, carefully sniff the vapors for the characteristic
rotten egg odor of H,S. Chemica!l test kits for detecting
H,S are commercially available.”

The presence of both evolved H,S and a black color
of the original sample indicate the deposit contains iron
sulfide (FeS) corrosion product. Detection of FeS cor-
rosion product is informative, especially on well equip-
ment and in water injection systems where bacteria may
be active.

When the deposit fizzes and evolves gas rapidly, it
probably contains calcium carbonate (CaCO,) scale.
Combinations of CaCO, and FeS occur frequently.

Iron carbonate (Fe,CO;), also called siderite, has a grey
appearance and emits CO, gas when dissolved in acid.
The CO, evolution can sometimes be observed by sim-
ply placing a few drops of Solution 1 directly on the
deposit.

Rust or iron oxide is usually reddish brown and dis-
solves slowly in acid without effervesence, Millscale
(Fe;0,) dissolves in acid slowly or not at all. When dry,
millscale can be attracted by a magnet.

Acid Solution 2 is prepared specifically for detecting
iron sulfide directly on metal surfaces. This test is sug-
gested when inspecting equipment that has failed by brit-
tle fracturing. Fracture failures may result from several
causes but one of the most common in oil production
operations is sulfide stress cracking (see Section 1, Chapter
7). In this situation, a thin, black deposit is usually pres-
ent but pitting or other signs of corrosion may not be
apparent. The test for iron sulfide consists of simply
placing a few drops of Solution 2 directly on the metal
near the facture. Appearance of a yellow precipitate
(suspension) in the acid indicates iron sulfide corrosion
product is present (disregard clear yellow color with no
precipitate).

10.08 Record Keeping and Economic Analyses

Many engineers and operations personnel detest prep-
aration of detailed reports. However, these records are
a vital part of the corrosion monitoring process. Starting
with data and observations from the original failure anal-
ysis reports (Items 10.06 and 10.07), failure trends and
problem locations can be systematically identified. Sim-
ilar processing and cross correlation of corrosion rate test
information provides a warning of potential trouble. The
importance of these efforts cannot be overemphasized.

Burdensome data accumulation and processing can be
made easier by simple report forms, ledger-type data en-
try sheets and a preplanned scheme for periodic sum-
marization. Many companies utilize computer programs
for the purpose.

Ultimately, an economic appraisal must be made to
clarify the following questions:

1. Is any corrosion control measure justified?

2. What is the economic advantage of treatment over
equipment replacement, considering the expected life
of the operation?

3. How do alternative control measures compare eco-
nomically, considering the probability of success,
present worth and annual cost?

4. How can management be convinced that preventive
expenditures are justified when some unknown pa-
rameters exist?

The general approach is to use some type of economic
analysis technique that provides a value for pay-out pe-
riod or return on investment. Unfortunately, the tech-
nical uncertainties of corrosion prediction and control,
complicated by economic variables such as future worth,
produce a formidable task. Calculated risks are involved
in most managerial decisions on corrosion contro] ex-
penditures. Minter emphasized this fact and illustrated
statistical methods used to determine the most econom-
ical corrosion control method compatible with over-all
operations in three large offshore fields.'®

A systematic procedure for making economic ap-
praisal is presented in NACE Standard RP-02-72."
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GENERAL INTRODUCTION TO SECTION 2

The first chapter teaches in plain language the rudi-
ments of water chemistry necessary to enable the reader
to interpret and use water analysis reports. That infor-
mation is applied in Chapter 2 to the problem of mineral
scale deposition in production operations.

Chapter 3, called Practical Microbiology, is designed
to develop basic familiarity with the most important groups
of microorganisms, how to judge bacteria count data,
and how to cope with bacterial infections in water in-
jection systems.

Chapter 4 deals with water quality for injection pur-
poses. This is a controversial subject and the primary
goal is to provide a working concept of how and why
the intake capacity of injection wells often declines and
to offer a procedure for rating relative injection quality
of various waters. Removal of suspended matter for quality
improvement is discussed in Chapter 5 of this section
with emphasis on remedies for oil carryover.

Corrosion in water injection systems was treated pre-
viously in Section 1, Chapter 8, Items 8.14 and 8.15.
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Water Properties and
Components

1.01 Properties of the Water Substance

The uvsuval chemical formula for water is H,O. All this
tells us is that for each atom of oxygen in the molecule,
there are invariably two atoms of hydrogen. In other
words, the water substance is formed by a combination
of the elemenzs, oxygen and hydrogen, in a fixed ratio.
Water is, therefore, a discrete compound; being com-
posed of at least two elements chemically combined in
definite proportions by weight.

The molecular structure of water can be conveniently
depicted as shown in Figure 2.1-1. The unique physical
and chemical characteristics of pure water are inherently
related to the structure and behavior of the individual
water molecules.

Unlike many other compounds, water is extremely po-
lar; viz., opposite sides of the molecule tend to behave
somewhat like the poles of a magnet. This behavior re-
sults from both hydrogen atoms being positioned on one
side of the molecule. The side with the hydrogen atoms
has a small positive charge while the opposite oxygen
side is more negatively charged. Because of the charge
distribution, the water molecule spins with a measurable
eccentricity called the dipole moment. The dipole mo-
ment of water is 1.84 Debye units compared with ( for
organic solvents such as benzene or carbon disulfide.
Water is 2 much more powerful solvent for minerals and
crystalline compounds in general than are the less polar
organic solvents.

Another distinctive characteristic of water molecules
is their powerful attraction for each other. Referring to
Figure 2.1-1, the atoms of hydrogen are attached to an
oxygen atom by valence bonds represented by solid lines.
Valence defines the degree of combining power of each
type of element. Oxygen, having a valence of 2, requires
2 atoms of hydrogen to form the water molecuie because
hydrogen has a valence of only 1. However, each hy-
drogen atom is also attracted to oxygen atoms in nearby
water molecules and form a hydrogen bond as indicated

by the dashed line in Figore 2.1-1. Hydrogen bonds are
much weaker than valence bonds.

Depending on temperature, water may exist as single
H,0 molecules (in water vapor) or as a chain of up to
8 molecules linked together in polymeric fashion by the
hydrogen bonding forces. This is why water remains a
liquid at ordinary temperature. Consider, for compari-
son, H,;S (hydrogen sulfide) that ordinarily is a gas even
though each molecule of H,S is approximately twice as
heavy as H,;O. In H,S there is no hydrogen bonding as
in water.

Hydrogen bonding effects also explain why ice (solid
state water) floats. In the ice state, water molecules ori-
ent in groups and form distinct crystals with some open
spaces in the crystal lattice. On melting, the spaced array
collapses and the cold liquid is more dense than the slightly
cooler solid. Were it not for this unique density inver-
sion, the world’s oceans might freeze from the bottom
up.

Although most water molecules tend to cling together
by hydrogen bonding as just discussed, a few actually
separate as follows:

() HOH— H* + OH"
water  hydrogen hydroxyl
ion ion

This separation process is called ionization. In pure
water with nothing dissolved in it, only about one mol-
ecule in ten million undergoes ionization. How the con-
centration of hydrogen ions and hydroxyl ions are influ-
enced by other materials dissolved in water and how this
affects water properties will be discussed later.

Table 2.1-1 lists numerical values of some important
physical properties of pure water.

1.02 Water Constituents

Water is such a powerful solvent that it dissolves at
least a small amount of most inorganic matter and also

103
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Table 2.1-1
Some Physical Properties of Water
Specific  Surface Vapor
Temp Densily Volume Tension  Pressure  Viscosity
°C g/mi mijg  dynesfem' mmHg  Centipoises
0 0.8882 1.00013 - — Solid
4 1.0000 1.00000 75.06 6.101 1.567
30 09957 1.00440 71.18 31.824 0801
(1.000 at
20.2°C)

100 0.9584 1.04340 £58.85
'Ws. Air

760.000 0.284

many organic compounds. For the most part, it is these
materials, either in solution or suspended, that cause water
to exhibit unwanted properties.

In oil production operations, the major problems caused
by or promoted by water are:

equipment corrosion,
injection well plugging,
scale deposition,
microbiological fouling.

N N

As a result of its solvent power, liquid water does not
exist as a pure substance in nature. Thus, what is broadly
referred to as water, is really a range of aqueous solu-
tions of various components and concentrations. The most
common contaminants in water are dissolved minerals,
gases and suspended insoluble matter such as clays and
organic matter. In Table 2.1-2, waters are classified or
named according to their sources, uses or gross prop-
ertes.

Table 2.1-2
Classifications and General Characteristics of Water

105°

H
O_LH 20 /

0
2.37 A

Figure 2.1-1. Structure of the water molecule.

1.03 Behavior of Dissolved Substances

Readers not familiar with common natural elements
and their chemical symbols should refer to Item 1.05 and
the first two columns of Table 2.1-3. The list shows the
names of the substances that are commonly dissolved in
water and their corresponding chemical symbols as shown
in water analysis reports. The table will be discussed in
more detail later.

Although it is occasionally done, it is incorrect to con-
sider most substances existing in solution as combined
compounds. A water analysis indicating the concentra-
tions of dissolved salts in molecular form is only con-
jecture and is based on calculations of hypothetical com-
binations. Water analyses usually list ion concentrations.

Dissolved Gases®

Typical TDS'
Range—mg/L Qs H,S CO, Other Common Constituents
1. Salinity Classas
a. Fresh 2,000
b. Brackish 2,000-10,000 )
¢. Brine >10,000 ~
d. Hard <2,000 CaCO, hardness >100 mg/L
&. Soft <2,000 CaC0, hardness <60 mg/L
2. Source Classes
a. Produced (Formation) 5,000--150,000 P P oil, suspended soiids
b. Seawater 35,000-40,000 P silt, slimes
c. Surface (lakes, rivers) 2,000-5,000 P siit, clays
d. Well water 2,000-10,000 v v P
3. Use Classes
a. Injection Variable Dependent on scurca:
b. Cooling 200-2,000 P bacteria, slimes
c. Process waste 5,000-20,000 P v chemicals, solids and
d. Municipal waste 200-3,000 P v organics

'TDS = total dissolved solids
2P = commonly present

mg/L = milligrams /liter
V = variable but possible
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Water Properties and Components

Table 2.1-3
Common Dissolved Constituents of Water
Chemical Alormic or Equivalent
Symbol'  Radicle Weight Weight
1. Cations
Sodium Na* 23.0 23.0
Potassium K* 39.1 39.1
Calcium Ca** 40.1 20.0
Magnesium Mg*™ 24.3 12.2
Iron Fe** 55.8 : 27.9
Manganese Mn** 54.9 27.5
Barium Ba™™ 137.4 68.7
Strontium Sr++ 87.6 438
Aluminum AT 27.0 8.0
2. Anions
Chloride ClI- 35.5 35.5
Sulifate 50, 96.0 48.0
Carbonate COs” 60.0 30.0
Bicarbonate HCGC, 61.0 61.0
Hydroxide OH~ 17.0 17.0
3. Gases®
Oxygen O,

Hydrogen Suifide  H,S
Carbon Dioxide CO,

(1) + and — valences shown are those usually valid in water so-
lutions.

(2) Water analyses show concentrations of dissolved gases in their
molecular form as .indicated.

Inorganic dissolved salts can best be considered as ex-
isting in solution as positively {(+) charged cations and
negatively (—) charged anions. For example, when a
crystal of sodium chloride (table salt) dissolves in water,
the crystalline structure disintegrates and ions start to form,
as follows:

NaCl s Nat + CI7

sodium chloride sodium  chlonde
molecule ion ion
(cation)  (anion)

The molecule of NaCl is stable and electronically neu-
tral. As it dissolves, the sodium atom loses an electron
to the chlorine atom; thus, both become ions because of
their charges. It is these charges that distinguish ions from
atoms.

Presence of charged ions allows the water to become
electrically conductive. Salt (NaCl) in solution also in-
creases water viscosity, density and surface tension. From
this, it may be seen how the properties of water are al-
tered by substances dissolved in it.

When water dissolves NaCl, the negative oxygen at-
oms of water molecules are attracted to the positive so-
dium ion while the positive (hydrogen) side of the water
molecules attach to the negative chlonde. This attraction
is called hydration and is sufficient to overcome forces
that tend to reform the salt crystal. Ultimately the so-
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lution becomes saturated with NaCl; that is, the solu-
bility limit is reached. About 330 grams (g) of NaCl will
dissolve in a liter (L) of water at 20°C (64°F). If the
saturated solution is cocled or concentrated by evapo-
ration, sodium and chloride ions start to recombine and
visible salt crystals reform. This behavior is indicated by
the double arrows in the previous equation depicting ion-
ization of NaCl.

Salt deposits occasionally form in gas wells when for-
mation water (saturated with NaCl) enters the wellbore
and is cooled and evaporated by evolution of gas. De-
posits are removed with fresh water.

Another example of salt behavior is that of calcium
sulfate, CaSO,. Many producing formations contain an-
hydrite crystals or unhydrated CaSQ,. Formation water
dissolves some amount of anhydrite depending on tem-
perature, pressure and concentrations of other salts such
as NaCl. Solubility varies from about 1.5 to 6.0 g/L.

Both pressure and sodium chloride increase the amount
of anhydrite that dissolves. When pressure declines as
the formation water moves into a rock fracture or the
wellbore, the concentration of CaSO, (calculated as such)
exceeds the solubility limit (at a lower pressure) and solid
phase CaSO, scale is formed.

The reactions may be depicted as follows:

Solution under pressure:

() CaSO, — Ca™ + 80,7

anhydrite  calcium  sulfate
ion ion
(cation) (anion)

Precipitation at reduced pressure:

(b) Ca™ + SO,” + 2H,0 — CaSO, - 2H,0
gypsum or

calcium sulfate
dihydrate

At this point, we should also note that the calcium
ion, Ca**, has two positive valence charges whereas so-
dium, Na™, has only one. The sulfate ion, SO,~, has a
negative valence of two; thus, one part of SO,~ can com-
bine with one part of Ca™™ and form the neutral CaSO,
salt. Complex ions such as SO,”, which are composed
of two or more atoms of different elements, are called
radicles. The radicle complex is so stable that even so-
lution in water does not separate the constituent atoms,
and the whole radicle takes on a charge to become an
ion. One part of SO,~ requires two parts of Na* to form
highly soluble sodium sulfate salt, Na,SO;.

Going back to the previous reaction equation (b), which
represents precipitation of calcium sulfate at reduced
pressure, note that water, H,O, is involved. The dihy-
drate or gypsum form (as shown) predominates at tem-
peratures below about 120°C (250°F) and is the precip-
itate form of calcium sulfate scale most frequently found
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106 Corrosion and Water Technology for Petroleum Producers

in producing wells. Anhydrite can precipitate at higher
temperatures, for example, in boilers.

Calcium carbonate, CaCOQ,, is another salt that causes
troublesome deposits or scales in producing operations.
The chemistry of CaCO, solution and precipitation is quite
interesting and oil production personnel should be fa-
miliar with it.

Solid phase CaCQj; exists as such in formation rocks
along with many other calcium containing (calcareous)
minerals. Most of these have low solubility in neutral
water but CaCO, dissolves easily in water that contains
carbon dioxide, CO,.

For practical purposes, the water solubility of CaCO,
is directly related to the concentration or partial pres-
sure* of CO, in the gas phase in equilibrium with the
water. Solution and precipitation of CaCO, may be il-
lustrated by the following equations:

(c). Solution of CaCO; by CO, at elevated pressure

CaCO; + CO, + H,0 — Ca(HCO,),
calcium
bicarbonate

(d). lonization of soluble calcium bicarbonate in water

Ca(HCO,), - Ca** + 2HCO,”
calcium  bicarbonate
ion ion

{e). Dissociation of bicarbonate and release of CO, at
reduced pressure

2HCO;” —- CO;”
carbonate
ion

+ CO, T + H,O

(f). Precipitation of insoluble calcium carbonate

Ca’* + €O, —CaCO,l
calcium ion  carbonate ion
(equation b)  (equation c)

In these equations two additional complex ions or rad-
icles, HCO;™ and CO;~ are introduced. Most natural
waters contain bicarbonate, HCO;", in proportion to the
amount of CO, present. Because CO; is a gas, it quickly
escapes from water at reduced pressure and the water
analysis usually does not show CO, as such.

The HCO,;™ (equation d) persists for some time in the
water after pressure is reduced, but part of it gradually
decomposes according to equation e. Both heat and re-
duced pressure force equation e to the right, forming CO,~
that then reacts with Ca*" to reform CaCO,.

While the solubility of Ca(HCO,), is quite high, the
solubility of CaCO, is less than 0.05 g/L in CO, free

*Partial pressure = mol fraction of CO, in gas X total pressure (see
Section 1, Item 8.11).

water. CaCO, scale deposits accumulate in oilfield
equipment such as heater treaters, injection wells under
vacuum, and many other locations. Scale problems and
their prediction will be dealt with in more detail in Chap-
ter 2 of this section.

1.04 Hydrolysis Reactions

An important chemical reaction involving water (as
H;0) is the hydrolysis of certain gases and salts. Hy.-
drolysis is a chemical reaction in which a compound reacts

‘with water to form an acid, a base or both. Such reac- )

tions change the acidity or alkalinity of the solution and
thus its tendency to precipitate scale, corrode metals, and
alter other chemicals. ‘

A substance that dissolves in water to generate hy-
droxyl ions (OH™) or carbonate ions (CO,") is referred
to as a base and the solution is said to be basic or al-
kaline. Bases neutralize acids. Examples of bases are:

1. Ammonia, NH; (ammonium hydroxide is NH,OH),
2. Sodium hydroxide, NaOH (caustic soda),

3. Sodium carbonate, Na,CO, (soda ash),

4. Sodium bicarbonate, NaHCO, (baking soda).

Acids are substances that increase the hydrogen ion
(H" concentration when dissolved in water and have the
ability to neutralize bases. Some common acids are:

1. Hydrochloric, HCI (muriatic acid),
2, Sulfuric, H,50,,

3. Acetic, CH,COOH,

4, CarbOﬂiC, H2C03 (COZ in HQO).

Bases and acids react to form salts that may be neu-
tral, alkaline or acidic (when dissolved). The neutral salt,
Na(l, is formed by reaction of a strong acid, HCI, with
a strong base, NaOH.

Alkaline salts, formed by reaction of a strong base with
a weak acid, dissolve in water to produce basic or al-
kaline solutions. An example is sodium carbonate (soda
ash) formed by reaction of the NaOH, a strong base,
with H,CO,, a weak acid.

Acid salts hydrolyze in water to reform, in effect, the
strong acill and weak base that generated them initially.
Following is a sample reaction:

2FeCl; + 6 H,O= 2 Fe(OH); + 6 HCl
ron iron hydroxide  hydrochleric acid
chloride (a weak base) (a strong acid)

A water solution of iron chloride is acidic.

1.05 Water Constituents Found by Analysis

Water analyses (or mineral analyses as they are some-
times called) show concentrations of the major constit-
uents that existed in a sample of the water when it was
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Water Properties and Components

analyzed in the laboratery. A series of analytical tests
are conducted to determine the concentration of dis-
solved ions that are usually present. A typical routine
analysis will find more than 99 wt.% of all substances
present in solution.,

Table 2.1-3 lists the soluble constituents that are most
often shown by water analysis reports. Notice that they
are separated into three groups:

1. Positively charged cations,
2. Negatively charged anions,
3. Gases.

All the cations are metal elements and all the anions
are non-metal elements or groups of non-metal elements
(radicles). These substances exist in solution as charged
ions as discussed under Item 1.03.

In addition to the soluble matter and gases dissolved
in the water sample, many analysis reports also show the
total amount of insoluble materials that were present.
These are usually small particles that were suspended in
the water when the sample was taken. Detailed analysis
of the suspended solids in water samples is usually not
performed but their general nature may be indicated in
the report, i.e., calcium carbonate scale, iron sulfide,
clay, sand, etc. Table 2.1-4 lists the types of insoluble
materials most often found in oilfield waters.

Table 2.1-4
Suspended and Organic Matter Found tn Water
Insoluble tnorganics Organics
Calcium Carbonates and Bacteria, Molds and Yeasts
Sulfates Algae, Protozoa, Diatoms
Clays Decaying Vegetation

Quartz or Sand Tannins—Wood Extracts

Iron, Manganese, Aluminum  Soaps and Polymers
Oxides Cil

Iron Sulfides

Barium Sulfate

Feldspar

Siftica’

'Silica may exist either suspended or dissolved (as SiO.).

1.06 Some Properties of the Metal Cations and
Their Salts

Each of the cations listed in Table 2.1-3 can, under
proper conditions, combine with any of the anions to
form a salt. When the combination occurs, the total
number of the positive (+) valence charges of the cat-
ions must exactly equal the total of the negative (—) an-
ion valences. For example, one monovalent Na* can
combine with one monovalent Cl~ to form NaCl salt.
Two Na' ions are required for one SO, ion to form
Na,S0,. Only one divalent Ca** is required for one di-
valent SO,~ to form the CaSO, salt. Two Al™*" ions
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combine with three SO, ions to form Al,(80,); and so
on.
Each of the more than 45 salts possible from the Table
2.1-3 list possess their own physical and chemical prop-
erties, and detailed knowledge of all of them is not nec-
essary in petroleum operations. However, the following
general observations will be helpful:

1. All the common salts of sodium (Na) and potassium
{K) are very water soluble. Their chloride and sulfate
salts are neutral but the bicarbonates, carbonates and
hydroxides are alkaline.

2. Chloride salts of Ca, Mg, Ba, and Sr are water sol-
uble but solubilities of their sulfate salts vary as fol-
lows: .

BaSO, < SrS0O, < CaS0, < MgS0,
Lowest Highest

The carbonate and hydroxide salts of Ca, Mg, Ba,
and Sr all have low water solubility with Mg(OH),
being least soluble in neutral non-acidic water.

3. The chlorides and sulfates of iron, manganese and
aluminum are water soluble and their solutions are
acidic, Their other common inorganic salts (carbon-
ates, hydroxides, sulfides, etc.) have low solubility
in water but are soluble in acids,

1.07 Water Properties Determined by Analysis

The presence of dissolved or suspended matter in var-
ious amounts causes water to exhibit certain qualities or
characteristics that are measured as the following prop-
erties:

1. Acidity

Capacity to neutralize bases or alkaline materials.
Usually caused by carbon dioxide, organic acids,
mineral acids or hydrolysis of acid salts.

2. Alkalinity (basicity)

Capacity to neutralize acids. Usually caused by bi-
carbonate (HCO,™), carbonate {C0O,™), and hy-
droxyl (OH™) ions.

3. pH
A measure of the hydrogen ion activity.

Acidity, Alkalinity and pH are interrelated properties
and are important with respect to the ability of a water
to cause corrosion, scale and other problems. Alkalinity
is routinely determined quantitatively in the laboratory
but is normally not expressed as such in water analysis
reports. The water analyst converts alkalinity to HCO,™,
CO;™ or OH™ and the concentration of those ions are
shown in the water analysis. Acidity is also a quantita-
tive determination but is usually a special test.

The expression, pH, is derived from the German word
potenz (power) and H, the symbol of hydrogen. The nu-
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Figure 2.1-2. Scale of pH values and the three zones of alkalinity.

merical value of pH is an indicator of the intensity of
the acidic or basic properties of water (not the quanti-
tative capacity to neutralize). Figure 2.1-2 depicts a scale
of pH values as used on pH meters,

In pure water at pH 7, both the hydrogen ion concen-
tration, (H"), and the hydroxy! ion concentration, (QH™)
(see equation a, ltem 1.01) are equal and the solution is
said to be neutral. Acidic solutions have pH values of
less than 7. The stronger the acid, the lower the pH num-
ber. Basic solutions have pH values greater than 7 with
alkalinity increasing as the pH grows larger (and vice
versa). _

Indicated on Figure 2.1-2 are three zones of pH: A,
B, and C. Zone A is from pH 4.2 down and alkalinity,
as such, is actually zero. High concentrations of CO, can
force the pH of mineral free water down into this range.
Water solutions of organic acids such as formic or acetic,
sometimes used for well acidizing, produce pH values
of 1 to 2, whereas strong acid solutions, such as 10%
HCI, are below a pH of 1. Spent HCI solutions from
well stimulation treatment typically show pH values of
210 3.5. A water sample with a pH of less than 4 should
be considered as contaminated since natural waters are
never this acidic. All low pH waters are corrosive to
steel,

Most natural waters fall into the pH range represented
by zone B of Figure 2.1-2. Bicarbonate, HCO,", alka-
linity increases over this pH range (4.2 to 8.3) and free
CO, acidity declines. Being volatile, CO, escapes readily
from water as discussed under Item 1.03, and the water
pH increases. This effect has two very important prac-
tical ramifications, viz.:

a, Corrosiveness tends to decrease and carbonate scal-
ing tendency tends to increase as CO, is lost and al-
kalinity increases,

b. Unless special sampling procedures are used to pre-
vent loss of CO,, the bicarbonate concentration (al-

kalinity) and pH shown by the water analysis do not
accurately reflect the original water composition.

Zone C of Figure 2.1-2 is the range of highest alka-
linity. Between about 8.3 to slightly above pH 12, both
HCO,™ and COQ,” ions exist in solution. Some natural
waters have a pH in the lower end of this range. How-
ever, CO,” alkalinity most often results from decom-
position of HCO,™ as depicted by equation e under Item
1.03. Appearance of CO;~, with attendant precipitation
of CaCO; scale, occurs when seawater is deaerated with
gas or by vacuum (see Section 1, Chapter 6). A similar
situation results when water with high bicarbonate al-
kalinity is used in open cooling systems. Waters with
high bicarbonate alkalinity lose CO, and tend to form
CaCOQ; scale when heated in heater treaters or after en-
tering injection wells under vacuum.

Above about pH 12, hydroxide alkalinity appears due
to presence of free hydroxyl, OH™, ions. Such high al-
kalinity is reached in boiler blowdown water and when
caustic is added to drilling fluids, for example. When
OH™ is shown in a water analysis, the HCO,™ will be
zero because the two ions react.

Buffer “capacity is another alkalinity related water
property. Solutions that resist change in pH when acids
or bases are added are called buffer solutions. High bi-
carbonate concentration can cause a buffering effect. The
HCO,™ reacts with either a strong acid or a strong base
(and thus impedes pH change) as indicated:

(@) HCO;™ + H® — H,0 + CO, 1
acid
(b) HCO,™ + OH™ — CO;™ + H,0

base

Due to reaction (b), bicarbonate ions and hydroxide
alkalinity do not co-exist in dilute solutions.
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4. Salinity

This term is used to classify the dissolved mineral
content of waters. Chloride salinity indicates the to-
tal concentration of chloride, C1”, present. The sa-
linity value is high in strong salt waters or brines.
Sodium chloride, NaCl, salinity is similar except the
chloride content determined by analysis is expressed
as NaCl.

5. Total Dissolved Solids (TDS)

The sum of all dissolved ions (cations plus anions)
shown by the water analysis. TDS by evaporation
is determined by carefuily heating and evaporating
a small volume (usually 50 to 100 ml) of water and
weighing the dried salt residue. Results are shown
as milligrams per liter (mg/L) or parts per million
(ppm}. The TDS by evaporation number is usually
lower than the TDS by summation of ions deter-
mined by analysis due to loss by evaporation.

6. Density

‘Weight per unit volume expressed as grams per liter
(g/L), pounds per gallon (Ib/gal), kilograms per cubic
meter (kg/m?), etc.

7. Specific Gravity (Sp. Gr.)

The ratio of the density of the water being tested to
the density of pure water (no dissolved salts) at a
stated temperature. Being a ratio, sp. gr. has no units
such as g/L or lb/gal. Specific gravity is usually
measured with a hydrometer, which is a slender
sealed glass instrument that is weighted on the bot-
tom. The hydrometer floats at various depths in a
volume of water being tested and the value of sp.
gr. is read from a calibrated stem at the surface of
the water. Hydrometers are usually calibrated at 4°C
where the density of pure water is exactly 1.000 (see
Table 2.1-1). If the temperature of the water being
tested is higher than 4°C, the measured temperature
is recorded and reported, i.e.,

20°C 25°C
ac”ec’

Sp. Gr, at etc.

Dissolved salts increase water density and, there-
fore, specific gravity. Because the amount of in-
crease is different with different salts, the density or
specific gravity values cannot be used directly as a
measure of TDS. However, the following equation
provides an approximation that is sufficiently ac-
curate for estimating total dissolved solids (TDS) in
oilfield waters having salinities of 10 to 150 g/L
(10,000 to 150,000 mg/L or ppm):

TDS as g/L = (Sp. Gr. — 1) x 1380
or
TDS (g/L
N (/L)

Sp. Gr. = 1
P 1380
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(Average error = *6%.
Computed from 1000 water analyses)

8. Total Suspended Solids (TSS)

The weight of insoluble, suspended matter filtered
from a measured volume of water, preferably ex-
pressed as milligrams per liter (mg/L). Plastic
membrane (Millipore) test filters, retaining solids
larger than 0.45 micrometers (microns or pm), are
commonly used to determine TSS (see Chapter 4).

9. Turbidity

An optical property relating to light adsorption and
scattering in water. This empirical measurement
provides a number whose magnitude is affected by
the amount and kind of suspended matter. The ac-
tual concentration of suspended matter is not indi-
cated and there is generally no reliable correlation
between turbidity readings and the weight of sus-
pended solids. However, the turbidity test is easy to
perform with commercial turbidimeters and a change
in turbidity usually signals a change in kind or amount
of suspended solids.

An accurate and easy to use turbidimeter is shown
schematically in Figure 2.1-3. A unit of this type
used downstream of floodwater filters can rapidly
sense and signal solids leakage through the filter beds,
for exampie.

10. Biochemical Oxygen Demand (BOD)

The quantity of dissolved oxygen required during
stablization of decomposable organic matter by
aerobic biochemical action,

11. Chemical Oxygen Demand (COD)

The quantity of oxygen consumed during chemical
oxidation of organic matter under controlled con-
ditions. The value is used for monitoring plant wastes
and streams but does not directly indicate the quan-
tity of carbonaceous matter nor the amount of or-
ganics that are biologically oxidizable.

1.08 Units of Concentration

Water analysts use several terms or units to express
concentrations of dissclved and suspended substances in
the water analysis reports. Oil production personnel should
understand the meaning of the units and how to use them
for comparison and calculations.

Table 2.1-5 lists the seven common units of concen-
tration, their abbreviations and a brief description of each.
More detailed explanations of the units are given in the
following paragraphs. The first three, milligrams per li-
ter, parts per million and milliequivalents per liter should
be committed to memory.

(1) and (2) The preferred unit for indicating the weight
of each constituent per unit volume of water is milli-
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Figure 2.1-3. Flow diagram of a surface scatter turbidimeter. (Courtesy Hach Company).
Table 2.1-5
Concentration Units for Water Constituents
Unit Abbreviation Description
(1) Milligrams per liter mg/L Number of milligrams of substance in each liter of water
{2) Parts per million _ ppm Approximately equal to mg/L
ppm
—— = mg/L of water
sp. gr.
(3) Miliequivalents per liter meq/L mg/L
equivaient weight
(4) Equivalents per million e.p.m. ppm
equivalent weight
(5} Grains per gallon gpg mg/L % 17.1
© g)?gir?\:nioiimonate Faualert mak es G200, (mv\?e{tl-ero ;Loar? f;)sm) X equivalent?:r)eight of ion
b4 from Table 2.1-3
(7} Weight Percent wt % g/100 miliiliters {ml)
mg/L
10,000
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grams per liter, mg/L. However, parts per million, ppm,
is still used, especially to indicate concentration of dis-
solved O, or H,S. For many purposes, mg/L and ppm
can be used interchangeably. In low salinity waters hav-
ing a sp. gr. of close to 1.000, the error is small since
the water density is 1 kilogram (or 1 million milligrams)
per liter, Therefore, 1 milligram in 1 kilogram is 1 part
per million by weight in low salinity water, Precise cor-
relation of ppm and mg/L can be computed for any water
by taking sp. gr. into account (see Table 2.1-5).

(3) One very important unit of concentration that is
not readily understood is milliequivalents per liter (meq/
L). It is actually quite simple.

Referring to Table 2.1-3, column 3, note that each
cation and anion has a particular atomic or radicle weight
assigned to it. For the single element ions, viz., all the
cations and the chloride ion, the atomic weight values
are the individual element weights,

Element weights are based on a standard that states
that carbon-12 has a weight of exactly 12. Weights of
other elements are compared with the standard, i.e., the
atomic weight of potassium is 39.1 which is

39.1
12
or 3.258 times heavier than carbon-12.

The radicles (sulfate, bicarbonate, carbonate and hy-
droxide) are assigned radicle weights that are the sum of
the atomic weights of their constituent elements. For ex-
ample, the standard atomic weight of oxygen, O, is
slightly less than 16 and the standard atomic weight of
hydrogen, H, is slightly more than 1. Therefore, the rad-
icle weight of the hydroxide (or hydroxyl) ion, OH™, is
17 as shown in Table 2.1-3.

Equivalent weights shown in column 4 of Table 2.1-
3, are the atomic or radicle weights divided by the num-
ber of element or radicle valences (see Item 1.01), For
example, sodium has a valence of 1 (indicated by the
single + by the symbol) and its atomic and equivalent
weights are the same. When the ion valence is 2 or more,
the equivalent weight is 1/2, 1/3 or other fraction of the
atomic or radicle weight as can be seen by examining
the numbers in Table 2.1-3,

A milliequivalent of any ion or salt is the equivalent
weight divided by 1000.

From Table 2.1-5, it may be seen that milliequivalents
per liter, meq/L, of any ion is simply the milligrams per
liter concentration (shown by the water analysis) divided
by the equivalent weight of that ion (from Table 2.1-3).
For example, 1000 mg/L of Ca™" is equal to:

1000
—— or 50 meq/L of Ca**
20 ‘
Likewise, 1000 mg/L of SO, is equal to:

1000 _
Ty or 20.8 meq/L of SO,~
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The number of milliequivalents per liter (meq/L) for
each ion shown in a water analysis, is usually listed
alongside the column showing the milligrams per liter
(mg/L). The reason for listing meq/L is that this unit
of concentration is useful in making certain chemical
calculations such as scale prediction. For example, as-
sume that a water analysis shows 1000 mg/L each of
Ca*" and SO,” and you want to know how much cal-
cium sulfate (CaSO,) is in the water. The meq/L of each
of these ions is 50 for Ca*™ and 20.8 for SO, as was
calculated previously. :

Even though the concentrations of Ca*™ and SO,~ ex-
pressed as mg/L are equal, we see that the concentration
of SO,™ as meq/L is less than the meq/L of Ca**. In
this case, the maximum concentration, as meq/L, for
Ca30, is limited by and cannot be greater than the meq/
L of SO,”. Therefore, the concentration of CaSO, in this
particular water is taken as 20.8 meq/L.

When the meq/L of Ca*" in a water analysis is less
than that of SO,”, the meq/L of CaSO, is equal to the
meq/L of Ca**.

To translate the 20.8 meq/L of CaSO, in the previous
example back to mg/L or ppm, the equivalent weight of
CaS0, must be known. This is easily determined by re-
ferring back to Table 2.1-3 for the equivalent weights of
Ca™" and SO,” and adding the two numbers, viz.:

20 + 48 = 68
(equivalent (equivalent (equivalent
wt.of Ca*™)  wt. of SO,7) wt. of CaSOQ,)

mg/L

From Table 2.1-5, meq/L = - -
equivalent weight

or meq/L X equivalent weight = mg/L
and 20.8 X 68 = 1414 mg/L CaSO,

Meq/L will be used for scale prediction calculations in
Chapter 2.

(4) and (5) Equivalents per million and grains per gal-
lon are rarely used in modern water analysis reports but
are listed for reference if they are ever encountered.

(6) Calcium carbonate (CaCO,) equivalent (unit 6 in
Table 2.1-5) is still used in water softening calculations
and is the standard unit of expression for alkalinity and
hardness.

a. Hardness is a water property that was originally a
measure of the amount of soap required to produce
foam or suds in cleaning operations such as washing
dishes or bathing in the home. Referring back to Ta-
ble 2.1-2, notice that low salinity fresh waters (such
as waters used in homes or as cooling and boiler
feedwater in industrial plants) are classed as hard or
soft depending on their hardness expressed as CaCOs,.

The total hardness value of a water, as CaCOs, is
computed from a water analysis by converting the mg/
L of Ca**, Mg** and Fe'™ to CaCO, equivalent by
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112 Corrosion and Water Technology for Petroleum Producers
the calculation procedure shown in Table 2.1-5 and lustrate how water analyses are employed for certain cai-
taking the sum: culations and correlations.

Total hardness as CaCO; = (Ca* " as CaCO;) 1. Sample 1 water was obtained from a shallow (depth:

+ (Mg* " as CaCOs) + (Fe** as CaCO;)

b. As discussed under Item 1.07, the alkalinity of a water
results from the presence of HCO;™, CO;” or OH™
ions. In most natural waters, only HCO,~ ions or
HCO;™ and a small amount of CO,™ are present. To-
tal alkalinity as CaCO; is computed by converting the
alkalinity ions to their CaCO; equivalent and adding
the CaCO, values. If both HCO,™ and CQ;,~ are pres-
ent, total alkalinity is the sum of HCO;™ (as CaCO;)
plus CO,~ (as CaCO,). If CO,~ and OH™ are present
{rare), total alkalinity is the sum of CQO,™ (as CaCO;)
plus OH™ (as CaCQy).

Examples of total hardness and total alkalinity cal-
culations are given in Item 1.09.
{7) Weight percent is used to indicate high concentra-

tions such as the amount of various salts added to water
to increase density.

1.09 Examples of Water Analysis Calculations and
Interpretations

Table 2.1-6 shows tabulated analytical results (water
analyses) from four water samples, as analyzed by com-
mercial testing laboratories. The data will be used to il-

35 m or 115 ft) well completed in an alluvium sand.
Intended use of the water was for the cooling system
and as boiler feed in a gas processing plant. Oxygen
content and pH of the water were measured at the
wellhead during sample collection.

Sample 1 was labeled as fresh water, but from in-
spection of the water analysis results, the well water
is more properly classed as a brackish water (see Ta-
ble 2.1-2). The analysis also shows that the major
dissolved salt constituent is NaCl.

The water contains no hydroxide (OH™) or carbonate
(CO;7) and therefore, alkalinity is due entirely to the
165 mg/L of bicarbonate (HCO;™). Alkalinity ex-
pressed as CaCQO, equivalent was computed for this
water as follows:

50
Total alkalinity as CaCQ,; = 165 X a

or 135 mg/L.

For this calculation, the concentration of bicarbonate,
HCO,™, was taken from the water analysis and the
equivalent weight of HCO,™ was taken from Table
2.1-3,

Table 2.1-6
Examples of Water Analyses
SAMPLE 3
SAMPLE 1 SAMPLE 2 Formation SAMPLE 4
Fresh Water Seawater (Connate) Water Froduced Water

lon mg/L meq/L mg/L meq/L mg/L meq/L mg/L meq/L
Na* 1364 58.3 11,144 484.5 31,602 1374.0 28,643 1241.0
K* . 8 0.2
Ca** 101 51 464 23.2 18,662 8331 14,010 700.5
Mgt 28 2.3 1,350 111.0 2,838 232.6 2,470 202.5
Fe*~ 3 0.1
Ba++ 0
St 0
CI- 2265 63.8 19,800 562.1 89,499 2,621.1 75,500 2126.8
50,7 24 05 2,600 54.1 410 85 432 9.0
HCO,~ 165 2.7 149 25 617 10.1 502 8.2
COy” 0 0 0 0
oR- 0 0 0 0
TDS 3955 35,807 143,559 121,457
Sp. Gr. 1.003 1.026 1.104 1.088
pH 7.9 7.8 6.2 7.4
pHs @ 50°C 6.9
Q. 21 38
H:S 0 139 190
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Water Properties and Components

Hardness was computed to determine water softening
capacity required if the water were used as boiler feed,
as follows:

Total hardness as CaCO, = Ca** + Mg** + Fe*™

expressed as CaCO,

50 50
or, for Sample 1: | 101 X — | + (28 x —
20 12.2

50
+ (3 X m) = 373 mg/L as CaCO,

Notice in the analysis of Sampie 1 that both the actual
pH value and a value for pH, is shown. As mentioned,
actual pH was measured at the wellhead when the sam-
ple was taken. The pH, value was computed after the
anlysis was completed. pH, is the theoretical pH that the
water would have if it were exactly saturated with CaCO,,.
Calculation of pH; for predicting CaCQ, scaling ten-

- dency from water analyses will be discussed in detail in
Chapter 2 of this section.

For Sample 1, actual pH was higher than pH, at 50°C
(122°F) and this indicated that CaCO, scale precipitation
would. probably occur if this water were used in the gas
plant as planned.

Based on the water analysis and the calculations just
described, the company in charge of water management
for the new plant concluded that the well water was un-
suitable for its intended use for the following reasons:

a. Excessive Hardness

The projected cost of softening the water (removing
hardness ions) was prohibitive since hardness would
have to be reduced from 373 mg/L as CaCO; to near
zero for boiler feed use.

b. Scale Precipitation

Deposition of calcium carbonate scale in lines and
heat exchangers was a virtual certainty even if the
raw water were used “once through.” Scale control
would be especially difficult if the water were con-
centrated (in the tooling towers) by a factor of 3 as
originally planned.

c. Corrosion and Bacterial Problems

Presence of dissolved oxygen and iron in the water
at the supply wellhead indicated corrosion of the well

pump and tubing would be serious and bacterial foul-

ing was likely.

An alternate supply of water from a surface source
was obtained and the water well was abandoned.

2. Samples 2, 3 and 4 are water analyses from a wa-
terflood operation. The seawater (Sample 2) was in-
jected into a producing reservoir containing connate
(formation) water of the composition listed under

113

Sample 3. Sample 4 was a produced water sample
from an oil well.

The seawater used for flooding contained dissolved
oxygen and was therefore considered corrosive. De-
signers of the waterflood equipment specified instal-
lation of gas stripping towers to remove dissolved ox-
ygen to a level of about 0.2 mg/L and use of a sulfite
oxygen scavenger to reduce residual Q, to less than
0.05 mg/L for corrosion prevention (see Section 1,
Chapter 6).

Calculations, performed by the water analyst from the
water analysis alone, indicated that during gas strip-
ping (for O, removal) the seawater alkalinity would
increase and the pH would rise from the original 7.8
to 8.3 or 8.4 due to generation of CO,~ by decom-
position of HCO,™ (see Item 1.03). It was later de-
termined, however, that the available stripping gas
(O, free) contained 5 mol % CO,. The pH of the sea-
water, in equilibrium at 0.14 MPa (20.3 psig) with
the gas containing 5 mol % CO,, was found to be
6.5 and consequently, the CaCO, scaling tendency
was actually negative. If vacuum deaeration or strip-
ping with a CO, free gas had been employed, treat-
ment of the deaerated seawater with a calcium car-
bonate scale inhibitor chemical would have been
required.

The mineral content of Sample 2 as shown is typical
of most seawaters, but some have slightly higher total
salinities. Notice in the analysis that values are not
listed for certain constituents such as potassium.
Omission of a concentration value for a particular ion
usually indicates the concentration of that constituent
was not determined. Zero value for concentration in-
dicates none was present. Notice also that in all the
analyses the sums of the meq/L values of the cations
(+) and of the anions (—) are exactly equal. When
Samples 2, 3 and 4 were analyzed, the only cations
actually determined in the laboratory were calcium
and magnesium. The.meq/L of both Ca™* and Mg**
were substracted from the total meq/L of all the an-

- ions and the difference was assigned by the water an-

alyst to sodium Na*. From the calculated meq/L for
Na”, the mg/L for that constituent was calculated as
follows:

Na* as mg/L = meq/L X 23
(equivalent weight of Na*)

The computed values for mg/L of Na* were reported
as shown in the analysis reports. This is an accepted
practice and is satisfactory for analysis of most oil
field waters.

Sample 4 represents water from a producing well af-
ter breakthrough of the injected scawater. Compari-
son of the mineral contents as shown by the analyses
indicates the concentrations of ions in Sample 4 falls
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114 Corrosion and Water Technology for Petrofeum Producers
MILLIEQUIVALENTS /LITER
- 120 80 40 0 40 80 120
I { I | | | |
Na | cl
100 =1 100
Ca
0 [~ 7 504
Mg | < HCOjg
10
Fe ™ 7 C03
SAMPLE 3

Figure 2.1-4. Example of a water analysis pattern (Stiff Method).

between that of Samples 2 and 3. The produced water
appeared to be a simple mixture of injected and con-
nate water, and it was desirable to determine the vol-
ume ratio of the two. Since chloride salts of all cat-
ions in the water are soluble (see Item 1.06), the
volume ratio of injected seawater and connate water
required to produce the composition of the produced
water was computed from the chloride content of all
three waters as follows:

Vol % connate water _ (Clyd — Clyy) X 100
in produced water (Cleoy — Cligp)

where Cl ¢ = mg/L CI” in produced water
Cl,, = mg/L CI” in connate water
Cl,; = mg/L CI” in injection water

Calculation:

Vol % connate water
in produced water

(75,000 = 19,900) x 100
= = 80%
(89,400 — 19,900)

Vol % injected

in produced water = 100 — 80 = 20%

1.10 Graphical Plots of Water Analysis Data

In the examples just discussed, Sample 4 (produced
water) appeared to be a mixture of injection and connate
waters, This impression resulted from visually compar-
ing concentrations of individual ions in the three water

analysis reports. To make such comparisons easier, sev-
eral procedures have been developed to convert the dig-
ita] analysis data to graphical plots that form distinctive
geometric patterns for each separate water. Figure 2.1-
4 illustrates one type of water analysis pattern for Sam-
ple 3 (the connate water). In this example, the meq/L
of each ion in the Sample 3 analysis report, were divided
by 1, 10, or 100 and the results were plotted as shown
in Figure 2.1-4. Notice that all cation values are plotted
on the left hand side of the graph and all the anion values
are plotted on the right hand side. Where the water anal-
ysis shows zero or no concentration value for ions such
as Fe** and CO,™, these are plotted as zero in order to
complete the plot pattern. The top horizontal scale can
be varied as necessary to cover the required range of ion
concentrations, However, the scale must be the same for
all waters to be compared. Alternately, many water anal-
ysis laboratories use mg /L for the concentrations of ions
instead of meq/L and the top scale is logarithmic, e.g.,
10, 100; 1000, 10000 mg/L.

If the water analysis data for Samples 2 and 4 were
plotied exactly as shown for Sample 3 in Figure 2.1-4,
the three patterns could be layed side by side and vi-
sually compared. Since the ion concentrations for the three
waters are all different, the three patterns would be dif-
ferent and one might be able to see that Sample 4 is
probably a mixture of Samples 2 and 3. It would cer-
tainly be apparent that the produced water (Sample 4) is
not 100% connate or 100% injected water.

For comparing water analyses where there is reason
to believe that one water is a mixture of two or more
different waters, use of a graphical plotting method as
shown in Figure 2.1-5 is recommended. For this ex-
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Figure 2.1-5. Graphical plot of water analyses.

ample, an appropriate scale of meq/L values was chosen
as shown on the left hand side of Figure 2.1-5. The same
concentration values are used for the right hand vertical
scale but the numbers are not shown on the graph. The
bottom scale of the graph was arranged to indicate zero
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to 100% seawater in one direction and 0 to 100% con-
nate water in the opposite direction. The points along
the left vertical scale were plotted to represent the meq/
L of each ion in the connate water analysis (Sample 3).
The meq/L concentration values from the water analysis
were first divided by 1, 10, or 100 to make them fit
conveniently on the chosen scale as shown. The same
divisors were used for plotting the meq/L of each ion
in the seawater on the right vertical scale. Tie lines con-
necting the concentrations of each ion on the two vertical
scales represent all possible mixtures of the seawater and
connate water. After plotting the concentration of each
ion shown by the analysis of the produced water on the
appropriate tie lines and drawing a best fit ordinate, the
volume ratio of the two original waters in the mixed pro-
duced water was readily seen.

Results of the graphical procedure agree with the pro-
portions of seawater and connate computed from their
chloride contents alone (Item 1.08b). Notice, however,
that the 8O,~ concentration in the produced water was
considerably lower than expected. This observation in-
dicated a possible CaSO, scale problem and deposits of
CaS0, were found in the producing well pump.

This method of plotting water analysis data has also
been useful for other purposes. In one case, for example,
the ion distribution in produced water from a particular
producing well did not conform to any combination of
injected and original connate water. The data points for
the produced water plot on a graph similar to Figure 2.1-
5, were widely scattered, and it was concluded that an
unknown foreign water was probably present. Further
investigation revealed that a hole had been corroded
through the casing of that producing well, and water from
an upper zone was leaking into the well. The casing leak
was located and repaired.
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Mineral Scales and
Water Compatibility

2.01 Introduction

The name “scale” is broadly applied to any hard de-
posit formed on equipment in the presence of water. By
this definition scale deposits in o0il producing operations
may be insoluble corrosion products (such as iron sul-
fide, iron carbonate or iron oxides) or mineral scales that
are precipitated directly from water. This discussion will
deal primarily with the latter.

It should be kept in mind that corrosion products, bac-
terial matter, heavy oil and formation fines often code-
posit along with the precipitating mineral scales. The
mixed composition of a scale shown by a composite
chemical analysis can be misleading, especially if the
scale deposit is layered. When taking samples of depos-
its for laboratory analysis to determine their source, mul-
tiple portions of the total deposit thickness should be se-
lected or if feasible a representative section of the scaled
equipment should be submitted.

2.02 Mineral Scales and Problems of Predicting
Their Occurrence

The mineral scales most frequently encountered in oil
and gas production operations are listed in Table 2.2-1.
Typical ranges of their water solubilities are also listed
for comparison.

Calcium carbonate scale (CaCQ,) is probably the most
common type, but CaSO, (gypsum)} is frequently en-
countered. The occurrence of BaSO, is less widespread
than the calcium scales but it is a serious problem in
many locations such as the Gulf Coast region of the
U.S.A. Both BaSO, and SrSO, appeared with increased
frequency after seawater flooding was initiated in rela-
tively new fields in the North Sea and Gulf of Suez.
Scaling by mixtures of CaSO, and SrS0, has been rec-
ognized as a potential problem in portions of the huge
Ghawar Field in Saudi Arabia where seawater is being

injected.’ Limited solubility is the underlying reason why
these substances form scale deposits that reduce well
productivity and clog perforations, pumps, valves and
flowlines.

The solubility or amount of scaling material that can
be held in water solution is influenced by temperature,
pressure, and concentration of other ions and dissolved
gases. Precise calculation of scale solubility in any spe-
cific water under various conditions is a formidable task
and complex computer programs have been developed
for the purpose. Simpler methods can be used for prac-
tical estimation and will be discussed later.

When both solubility and concentration are known for
a specific water composition, a value called the scaling
tendency or scale index (SI) can be computed:

SI = Concentration — Equilibrium Solubility.

Positive SI numbers indicate scale can precipitate be-
cause the concentration of scale material exceeds its sol-
ubility. Negative SI numbers result when solubility is
higher than concentration. The calculated SI is not quan-
titative for CaCO,, but most predictive calculations for
CaS0, indicate the amount of total scale that may form.
None of the commonly used S1 calculation methods pro-
vide information on the rate of precipitation (scaling ki-
netics) nor whether an adherent deposit will result.

To complicate matters even more, the scale prediction
calculations must utilize data from water analyses that
often are not truly representative. For example, a water
sample coliected at a wellhead may have already expe-
rienced partial loss of barlum, strontium, calcium, sul-
fate and carbonate ions by scale precipitation downhole.
Further loss may occur in the sample bottle prior to anal-
ysis.

2.03 Solubility, Supersaturation and Deposition

In their natural state most waters such as seawater,
ground waters or formation (connate) waters are at equi-
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118 Corrosion and Water Technology for Petroleumn Producers

Tabte 2.2-1
Common Qilfield Scales

Typical Water Solubility

Composition (Mg/L)™M
Calcium Sulfate—CaSQ,# 1500--6000
Strontium Sulfate—SrS0, 300--600
Calcium Carbonate—CaCQ,® 10--80
Barium Sulfate—-BaSO, 3-80

DAt atmospheric temperature and pressure
®Precipitates as:
CaS0, - 2H,0 (dihydrate or gypsum)
CaS0, ' 1/2H:,0 (hemihydrate)
CaS0, {anhydrite)
®CaCO, solubility increases in proportion to concentration of CO,
dissolved in the water

librium with respect to their dissolved mineral constit-
uents, Equilibrium solubility of minerals simply means
that the rate of solution of the specific mineral with which
the water is in contact, is exactly balanced with the rate
of reprecipitation of that mineral. For example, a for-
mation water in contact for a long period of time with
CaSQ, crystals (anhydrite) and CaCQ, (limestone) in the
rock will contain some constant concentration of Ca*™,
SO,"" and HCO; " ions. In addition, there will be certain
levels of concentration of Na*, Mg* and C1~ in solution
and generally lower amounts of K™, Fe™, Ba*™*, S¢™7,
Si0; and trace metals.

Dissolved gases such as CO;, H;S and light hydro-
carbons are usually present in ground and formation
waters. Dissolved air (principally O; and N;) is the ma-
jor gas constituent of surface waters.

The concentration of each dissolved constituent is
controlled by (1) availability for solution, (2) inherent
solubility, (3) presence of other ions and dissolved gases
and (4) physical conditions (primarily temperature and
pressure but water motion can be important). In other
words, solubility is not a fixed value and can vary con-
siderably even for low solubility substances such as those
listed in Table 2.2-1. '

When a water is saturated with a scale forming ma-
terial under equilibrium conditions, a change in condi-
tions can either reduce or increase solubility and trigger
precipitation or cause more of the material to dissolve.
Precipitation occurs when concentration exceeds solu-
bility under the new conditions.

Precipitation to relieve excess concentration is nor-
mally not instantaneous and the water solution can per-
sist in an oversaturated or supersafurated state for a con-
siderable period of time. This is particularly true for the
sulfate scales (calcium, barium and strontium sulfates).
Supersaturation represents the quantity of scale forming
material that is in excess of solubility and is therefore
available for precipitation.

Even after precipitation starts, only part of the new
scale crystals adhere to the rock or metal surfaces and
build solid deposits.

The mechanics of scale deposition are quite different
from that of precipitation. As logic would predict, scale
deposits tend to build on rough surfaces particularly where
some pre-existing scale is present,

Fluid velocity is also an important variable in the cre-
ation of deposits, but the effect is not simple. During the
process of precipitation and deposition, the new scale
crystals must lose both their layer of hydrating water and
their surface electrical charge. Fluid motion promotes both
of these effects by sweeping the starting crystals to sur-
faces where dehydration, charge dissipation and com-
paction can more readily occur. High velocity also tends
to carry away the least adherent particles leaving only
the most dense and hard to remove residue.

Velocity is involved in yet another deposit promoting
action, viz., the orifice effect. All mineral scales and
barium sulfate in particular are prone to deposit down-
stream of constrictions such as casing perforations, chokes
and pump passageways. In many cases, the only signif-
icant deposits in wells are at these locations. This can
be attributed in part to reduction in solubility as a result
of pressure drop. All the sulfate scales including barium
sulfate are somewhat more soluble at high pressure, and
a reduction in pressure is one of the physical conditions
that can create supersaturation. An effect of possibly
greater practical importance, however, is the rapid relief
of supersaturation caused by the sudden pressure drop at
an orifice. This effect can provide ample scaling material
to create a deposit in a limited zone at the downstream
side of the constriction.

Definite prediction of the amount and location of scale
deposits is practically impossible. However, knowledge
of the opportunity for scale to form is essential for ad-
vance planning in water handling operations such as wa-
terfloods and cooling systems.

2.04 Importance of Scale Prediction Calculations

The inability to predict exactly where and to what ex-
tent scale deposits will form might lead one to question
whether scaling tendency calculations are worthwhile.
One useful application was described in Section 2, Item
1.09a. In that example, calculation of the CaCO, scaling
tendency for the proposed plant cooling water (Sample
1, Table 2.1-6) predicted a potentially serious scale
problem and was instrumental in the decision to avoid
use of the water.

Scale prediction calculations are especially important
in water injection operations. When two or more waters
are 1o be mixed prior to injection, the operator must know
in advance if scale solids that can plug injection wells
are likely to form as a result of mixing. It often happens
that mixtures of incompatible waters are scale forming
even when the individual waters are not. This situation
can also develop when a single water that is incompat-
ible with the in-place formation water is used for flood-
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Mineral Scales and Water Compatibility

ing. For example, the seawater (Sample 2) and forma-
tion water (Sample 3) listed in Table 2.1-6 and discussed
in Section 2, Item 1.09b, individually have little or no
tendency to precipitate CaSO, scale. However, mixtures
of the two waters are oversaturated with CaSQ,, and
gypsum {CaSQ,-2H,0) scale has formed in and around
the producing wells after seawater breakthrough. The
problem and consequences of water incompatibility will
be -discussed in more detail later in this chapter.
Methods for performing the scale prediction calcula-
tions based on water composition will now be described.
Emphasis will be given to practical guidelines on con-
ditions that promote scaling and to calculation proce-
dures that field personnel can use without detailed
knowledge of the physical chemistry involved.

2.05 Prediction of Calcium Carbonate Scaling

The basic chemistry of CaCO, precipitation was out-
lined in Chapter 1, Item 1.03 and prediction was intro-
duced in Item 1.09.

The Langelier equation® is most often quoted as the
foundation of calculations for predicting the occurence
of CaCO; scale. The value of pH, (pH a water would
have if it were exactly saturated with CaCQs) is given
by:

pHs = (pKzr _ sz') - pCa++ - pAlk

where pK,' and pK,’ are empirical constants, pCa*" is
the negative logarithm of the calcium ion concentration
in mols per liter, and pAlk is the negative logarithm of
total alkalinity expressed in equivalents per liter.

Because high total dissoived solids (TDS > 5000 mg/
L) influences the validity of the Langelier Saturation In-
dex, Stiff and Davis® extended and simplified the em-
pirical calculations for application to oilfield brines. By
their method:

pH, = pCa + pAlk + K

where K is a constant, the value of which depends on
TDS and temperature.

To account for differences in the influence of various
dissolved ions on the value of K, all major ions shown
by the water analysis are first converted to a common
basis called ionic strength. Table 2.2-2 provides factors
for converting individual ion concentrations (from the
water analysis) to ionic strengths. The values of indi-
vidual ionic strengths are then added to obtain the total
ionic strength for that water. Total ionic strength (sum
of ionic strengths of individual ions) is then applied to
the chart of Figure 2.2-1 to obtain a value of K at various
temperatures. Values for pCa and pAlk are obtained from
Figure 2.2-2 using mg/L of Ca”" for pCa and the sum
of the mg/L. HCO,™ and CO,~ for pAlk.
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Table 2.2-2
Factors for Converting lon Concentrations to Individual lonic
Strengths

lon Mg/L Meq/L'
Na* 22 x10°° 5x10™
Ca** 50 x107° 1 x107°
Mg** 8.2 x 107° 1 %1078
crr 1.4 x 1078 5x 107
50,” 21 x107°® 1 %107
HCO,™ 0.8 x 1075 5% 107

'Concentration values taken from a water analysis are multiplied by
the listed factors to obtain ionic strength.

Values obtained as described are substituted in the
Langelier equation to obtain a scale index, viz.,

SI = pHaenay — pH. oOr
pH — (pCa + pAlk + K)

The SI number derived may be negative (when pH; >
pH), zero or some positive number. A negative SI value
indicates the water, as represented by the water analysis,
will not precipitate CaCO, at the temperature of the cal-
culation. A positive SI number indicates the water is ov-
ersaturated with respect to CaCQ; and scale precipitation
is possible. An example calculation is given later.

Based on correlations with actual field scale problems,
serious scale deposition usually occurs when the calcu-
lated SI value is +1.0 or greater.

Reliability of the SI calculation for CaCQ, scale pre-
diction is improved when both pH and alkalinity are de-
termined immediately after the water sample is collected
in the field. In rare cases, the water sample is collected
in a pressure container (to avoid loss of dissolved gases)
and transported to a laboratory for analysis. As a prac-
tical matter the scale prediction calculations must usually
rely on analysis of aged samples.

The pH value shown by the water analysis report can
be as much as 1.0 or more pH units higher than that of
the water as it existed in equilibrium with produced gas
in the field system. The pH change results from loss of
dissolved gas and conversion of HCO;™ ions to CO,~
ions, which increases alkalinity (see Chapter 1, Item 1.03).
Both pressure reduction and heating promotes CO, loss
and alkalinity increase.

Experience has shown that CaCO; scale is most likely
to occur in oilfield water systems (at reduced pressure)
when the produced gas (originally present in the water)
contains mote than 2 mol % CO,. When both gas and
water composition are known. it is possible to back cal-
culate original water pH under field conditions. Com-
puter programs are available for the purpose.

When a computer program is not available or use of
a more sophisticated calculation method is not feasible,
the following simple method developed by the author
can be employed to estimate approximate system pH:
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Figure 2.2-1. Values of K at various ionic strengths. (From Stiff and Davis).

Step 1. Calculate ratio R:

p - 8/LHCO;” x 0.82
MCO; X Sf

ysis using a hand calculator is also shown in Appendix
3A.

2.06 Sulfate Scales—General

where: N . . .
Precnpitatlon of calcium, barium and strontium sulfate

scales is usually caused by one or more of the following

Mgo, = mol fraction CO; in the gas. (from gas
conditions:

analysis) .
S¢ = CO, solubility factor at various temperatures 1. Mixing of incompatible waters (high sulfate waters
and total pressure, from Figure 2.2-3. such as seawater mixed with brines containing high
concentrations of calcium, barium or strontiurm).
Step 2. Read equilibrium water pH from Figure 2.2-4 2. Reduction in pressure.
for the value of R calculated by Step 1. 3. Evaporation and concentration of brines by gas evo-
lution in wellbores or by heating in surface equip-
ment.
. Temperature change.

Use of the calculated pH instead of the water analysis
pH in the SI calculation often improves reliability of 4
CaCO, scale prediction.

Example calculations of SI for CaCO; and systern
equilibrium pH are given in Appendix 3A, Item 3A.1.
A method for calculating pH, direct from a water anal-

As an example of Condition 1, concentrations of the
sulfate scales in excess of solubility result when a water
with > 10 meq/L sulfate content mixes with a different

www.iran—-mavad.com

Slgo wigo sole @230

R R I R TITE =




Mineral Scales and Water Compatibility 121

water containing high (> 900 meq/L) concentrations of
calcium or strontium, or essentially any amount of bar-
10000 Ca AIK ‘ ium. The excess of concentration over solubility (super-
' \\ 1 1 saturation) precipitates as scale to re-establish solution
equilibrium.
The water solubility of CaSO, (anhydrite) at 100°C
(212°F) decreases from about 2100 mg/L at 1000 bars
pressure (14,500 psi) to about 850 mg/L at 100 bars
{1450 psi).* Solubilities of BaSO, and 8180, also de-
crease with reduction in pressure. The pressure effect
can shift solubility of the sulfate salts sufficiently to cause
a saturated water solution to become supersaturated. This
situation can occur when a formation water reaches a
wellbore, for example. However, it is unlikely that pres-
sure drop alone can account for the heavy scaling that
often occurs in wells producing from low pressure (>
35 MPa or 5000 psig) reservoirs. As discussed in Item
2.03, the pressure drop at orifices and similar constric-
tions can promote rapid relief of supersaturation and
consequent scale deposition. In most cases of severe
scaling, supersaturation is the result of previous mixing
10l ' : L 4 of incompatible waters and pressure reduction probably
0 05 10 15 20 25 30 35 contributes most by accelerating precipitation.
pCa OR pAlk " The solubility of calcium sulfate decreases with in-
creasing temperatures over certain ranges. Calcium sul-
fate (gypsum) solubility in pure water at 40°C (104°F)
Figure 2.2-2. Chart for converting concentrations of Ca** is approximately 1Y, times greater than the solubility at
and (HCO;~ + COy7) to pCa and pAlk. (From Langelier). 100°C (212°F). Large amounts of CaSO, scale often form
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Figure 2.2-3. Values of S; at various temperatures and system pressures (BAR = 1 ATMOSPHERE or 14.5 PSIG).
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Figure 2.2-4. Approximate pH vs R Values.

in heated emulsion treating vessels especially when pro-
duction from different formations are mixed. In most se-
vere cases, the high rates of scaling are the combined
result of mixing incompatible waters and the temperature
effect on CaSQ, solubility.

In contrast to calcium sulfate, the solubilities of bar-
ium and strontium sulfates are highest at high tempera-
tures and decline on cooling. The consequence is that
formation waters saturated at reservoir temperature with
these salts can form scale as the produced water cools
in the well or surface equipment. However, supersatu-
ration created by mixing of different waters is much more
likely to cause heavy scaling than is temperature reduc-

“tion alone.

2.07 Calculation of Sulfate Scale Solubilities

Methods for computing calcium sulfate solubility at
various temperatures have been developed by Skillman,
McDonald and Stiff,’ Metler and Ostroff,® Carlberg and
Matthews’ and Vetter and Phillips.® The Skillman,
McDonald and Stiff publication provides information for
a computor program.*

Numerous publications provide some data on char-

*Copies available from the American Petroleum Institute, 211 North
Ervay, Dallas, Texas 75201-3688.

acteristics and solubilities of barium and strontium sul-
fates. Some of the most notable are the papers by Tem-
pleton,® Davis and Collins,'® Jacques and Bourland,"" and
Weintritt and Cowan.'? Ostroff’ provides an equation
for calculating barium sulfate solubility in waters that
contain predominately sodium and chloride ions and ljt-
tle magnesiurn or calcium ions.

A comprehensive computor program for calculating
water solubilities of all the alkaline earth sulfates and
many other limited solubility materials at various tem-
peratures in the presence of other ions is commercially
available. The program is called ECES. **

2.08 Practical Estimation of Calcium Sulfate
Solubility Directly from Water Analysis

The calculation procedure described here was devel-
oped by the author and is designed primarily for use by
field personnel who may need to compute calcium sul-
fate scaling tendency only occasionally or for a limited
number of waters or water mixtures at a time.

The empirical method has given satisfactory results for
a variety of waters ranging from undersaturated to sat-
urated and oversaturated with calcium sulfate.

**Available from OLI Systems Inc., 52 South Street, Morristown,
New Jersey 07960.
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Mineral Scales and Water Compatibility

Step 1.

Step 2.

Step 3.

Step 4.

Step 5.

Step 6.

Examine the water analysis. If dissolved ion
concentrations are listed only as mg/L (or ppm),
convert to meq/L by the method and examples
discussed in Section 2, Chapter 1, Item 1,08,

The concentration (meq/L) of CaSQ, in the water
is numerically equal to the lowest meq/L value
of either Ca** or $O,~ shown by the analysis.
Record

[CaSQ,] = meq/L of CaSQ, present.

Compute excess common ion, ECI, by subt.ract_—
ing the lowest meq/L of either Ca** or SO,”
from the other. Record

ECI = common ion in excess of [CaSQO,].

Add meq/L of Na* and Mg** and record

NM = sum of Na* and Mg*™ as meq/L.

Compute
_NM
ECI
Compute
K, = {CaS04] - R

Interpretations:

K, = or < 6, water is undersaturated with CaSO,
at 60°C (140°F). Use solubility calculation
Step 6.

K, = or > 9, water is oversaturated with CaSOQ,
at 60°C. Use solubility calculation Step 7.

Note: K; values in the range of 6 to 9 are near
saturation. When R < K, use calculation Step
7. When R > K, [CaSO,] is approximately equal
to solubility at 60°C and S.I. for CaSO, is near
Zero.

For undersaturated waters (K; = 6), compute

Sgo = [CaSO ](936 + NM)
= a — ——
% “\NM 2808

where S¢, is approximate solubility of CaSO, as
meq/L in the water at 60°C and atmospheric
pressure.

To obtain a value for solubility at other tem-
peratures, multiply Sg times the appropriate
factor from Table 2.2-3.

123
Table 2.2-3
Temperature
°C °F CaS0, Solubility Factor at 1 Bar*
30 86 1.30
40 104 1.15
50 122 1.05
60 140 1.00
70 158 0.95
80 176 0.90
a0 184 0.82
100 212 0.75
110 230 0.67
120 248 0.55
130 266 . 047

*CaS0, solubility at 60°C increases approximately 2.3% for each
7 MPa (1000 psi) increase in total pressure above atmospheric.

Step 7.

Step 8.

Notes:

For saturated or oversaturated waters (K, = 6),
compute

_ R

" [CaSO,]
When M > 0.12, compute S5 = 1.20 K
When M = 0.12, compute Sg = 0.68 K,

To obtain a value for solubility at other tem-
peratures, multiply Se times the appropriate
factor from Table 2.2-3.

Compute

SI = [CaSO,] — Solubility

When SI is a negative number (Solubility >
[CaSQ,]), the numerical value of SI is the ap-
proximate meq,/L of CaSQ, the water can dis-
solve at the temperature of the calculations.

When SI is a positive number ([CaSQ,] > Sol-
ubility), the numerical value of SI is the ap-
proximate meq/L of CaSO, scale the water can
precipitate at the temperature of the calculation.

meq/L CaSO, X 68 = mg/L or g/m’
meq/L CaSO, X 23.8 = 1b/1000 bbl

To convert CaSO, to CaSQ,. 2H,0 (gypsum)
multiply concentration (any units) times 1.68.
ECI reduces CaSQO, solubility
NM increases CaSQO, solubility

Waters undersaturated at 60°C may be oversat-
urated at higher temperatures.

Example calculations using this procedure and water
analyses listed in Table 2.1-6, are given in Appendix
3A, TItem 3A.2.

2.09 Barium and Strontium Sulfate Scales

Most

batium sulfate scale deposits also contain some

strontium sulfate.™ Until recently, the appearance of

www.iran—-mavad.com

Slgo wigo yele @250

L I T T—————————




124

strontium in oilfield scales has been primarily in the
presence of barium sulfate.!','? Scale deposits that are
principally strontium sulfate are now known to occur in
the North Sea, Gulf of Suez, Saudi Arabia and several
other Jocations around the worid.

As indicated in Tabie 2.2-1, strontium sulfate is much
more sojuble than barium sulfate but is less soluble than
calcium sulfate. Sodium chloride at concentrations up to
about 8 wt % (80,000 mg/L) increases solubility of all
the sulfate scales. Presence of calcium and magnesinm
in brines that contain cliloride as the major anion, ap-
parently does not decrease solubility of barium and
strontium sulfate.'®

Excess common ion (ECI) decreases barium and
strontium sulfate solubility. As similarly defined under
Ttem 2.08 for CaSO,, excess common ion is the excess
of either Ba™™ or Sr™™ ions over the SO, or the excess
of SO,™ over the Ba™ or Sr**, when the concentration
of each is expressed as meq/L.

Corrosion and Water Technology for Petroleum Producers

Figure 2.2-5 illustrates the level of strontium and bar-
ium sulfate solubilities in oilfield brines. The informa-
tion is useful for detecting potential scaling problems es-
pecially in mixed waters, The solubility curves were
derived by averaging a series of computer generated sol-
ubility values in actual and hypothetical brines with sal-
inities (total dissolved solids, TDS) from 12,000 to greater
than 200,000 mg/L. In all cases, the sum of the Ca*™*
and Mg™" ion concentrations was less than 20% of the
total cations and Cl~ was the major anion. The results
agree reasonably well with published data.'®'!"1

The dashed curves in Figure 2.2-5 for SrSO, illustrate
the influence of excess common ion, ECI. The desig-
nations of ECI = 2x or 20x means the meq/L of excess
common ion (either Sr™* or 80,7} is 2 times or 20 times
greater than the concentration of SrSO, expressed as
meq/L.

For comparison with solubility data such as that of
Figure 2.2-5, the concentration of SrSO, is taken di-

1000
800

SRSO, ECI=0

600

i

SRSO, ECI=2x

o . —— —h So— —— — ] — e —

500 4 =
/ -~

400
300
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Figure 2.2-5. Approximate solubilities of strontium sulfate and barium sulfate in oilfield brines at 60°C.
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Mineral Scales and Water Compatibility

rectly from the water analysis as numerically equal to
the lowest value (as meq/L) of either St** or SO,".

Large excesses of commen ion (usually SO,7) over
SrS0, concentration, decrease solubility of SrSQ, well
below that indicated in Figure 2.2-5. Concentrations of
excess SO,” in the order of 95 meq/L reduces solubility
of SrSQ, to about 0.2 meq/L in brines containing 50,000
mg/L TDS. SrSO, concentration expressed as meq/L is
converted to mg/L by multiplying times the equivalent
weight, 91.6.

The concentration of BaSQ, in a water or water mix-
ture is determined from the water analysis in the same
way as that described for SrSO,. Because the solubility
of BaSO, is so low, indications of possible BaSQ, pre-
cipitation are most often found by computing the hy-
pothetical analysis of a mixture of two or more waters
in lieu of an actual analysis.

The final hypothetical composition of a mixture of
waters is easily determined from the water analysis of
each component water. Multiply the concentration of each
ion listed in the individual analysis times the volume per-
cent, expressed as a decimal fraction, of that water in
the final blend. The sum of the fractional concentrations
of each ion is the total concentration of that ion in the
mixture. An example calculation for determining com-
position of a mixture of two waters is given in Appendix
3A, Item 3A.2(b).

The lower curve in Figure 2.2-5 indicates approximate
solubility of BaSQ, in oilfield brines where ECI is ap-
proximately zero. Again, excess common ion (usually
S0,7) reduces BaSQO, solubility. When excess SO, (over
the concentration of BaSQ,, as meq/L) is 10 meq/L or
higher, the solubility of BaSQ, is less than 0.05 meq/L
(6 mg/L) in brines with TDS of less than 100,000 mg/
L. The meq/L of BaSO, multiplied times equivalent
weight (116.7} is the concentration expressed as mg/L.

When calculation of a hypothetical analysis of a water
mixture indicates concentration of BaSO, will be greater
than solubility, precipitation is apt to occur until con-
centration approaches solubility.

Precipitation of 1 meq/L of Ba** must also precipi-
tate 1 meq/L of SO,~. Loss of SQ,~ by precipitation as
BaSO, can be estimated to determine the amount of SO,
remaining for precipitation of the more soluble SrSO.,.

2.10 Water Compatibility for Mixing

The term compatibility as used here relates to the
chemical reactions resulting when two or more waters
are mixed. If the waters are compatible, no new solids
are formed on mixing. Incompatible waters interact to
form new solids and the total suspended solids (TSS) of
the mixture is greater than the sum of the fractional TSS
of the individual waters prior to mixing.

Any of a variety of reactions can create new solids.
For example, insoluble iron sulfide or iron oxide parti-
cles may form when a water containing dissolved iron

125

is mixed with other waters containing dissolved H,S or
Q,.

Any amount of new solids adds to the suspended sol-
ids load already present and reduces the quality of the
mixed water for subsurface injection. In general, the most
serious problems of incompatibility (largest amounts of
new solids) result when a water with high sulfate (SQ,)
content is mixed with one or more waters with high cal-
cium content. The exampie calculations given in Ap-
pendix 3A, Item 3A.2 (b), shows that a mixture of 20
vol % of seawater and 80 vol % of the example connate
water is capable of precipitating 6 meq/L (408 mg/L)
of CaSQ, (or 685 mg/L of gypsum) at 60° (140°F). This
fact alone shows that the two waters are incompatible
and should not be mixed prior to injection. This is true
even if no adherent scale deposits form and the new scale
solids simply stay in suspension in the mixed water stream,

2.11 Determination of Compatibility

Mineral scaling tendency calculations from the water
analyses are helpful for predetermination of compatibil-
ity prior to water mixing. The water compositions should
also be examined for presence of iron, hydrogen sulfide
and oxygen that may form iron precipitates. Minor
amounts of other precipitatable constituents such as
manganese may also be present.

In addition to scaling calculations, compatibility stud-
ies often include laboratory mixing tests to physically
measure the quantities of scale solids formed. Samples
of the waters to be mixed are individually prefiltered to
remove existing solids. Measured amounts of each fil-
tered water are blended in a suitable (usually glass) con-
tainer to provide the expected range of proportions, i.e.,
25/75, 50/50 and 75 /25 parts by volume. The mixtures
are then held (closed) for 24 to 48 hours at expected
temperature. Heavy precipitates are visible but it is good
practice to refilter the mixed waters and weigh the amounts
of new solids. The mixing tests can be carried out under
air free nitrogen to prevent oxidation and precipitation
of iron. This is not necessary if iron is absent and min-
eral scales are the primary precipitates.

2.12 Incompatibility and Production Well Scaling

Incompatible waters generally should not be allowed
to mix prior to injection because of the possibility of
injection well plugging. However, injection waters that
are incompatible with the in-place connate water are fre-
quently used for flooding.

Interwell plugging due to water incompatibility has not
proven to be a serious problem. The mixing zone within
the formation is limited and any solids that may form
are distributed through a large volume of rock porosity
because of delayed precipitation and water movement.

Bulk mixing during miscible displacement of connate
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126 Corrosion and Water Technology for Petroleumn Producers

water by injection water does not occur except in frac-
tures or rock voids. However, as the flood front ap-
proaches a producing well, the opportunity for bulk mix-
ing increases exponentially. Tn many cases, injection water
fingers to the producing well through fractures or high
permeability zones and tixes with connate water close
to or in the wellbore. Scale deposited in close proximity
to the weilbore is detrimental to well productivity.

When water incompatibility is known to exist in a wa-
terflood operation, the usual practice is to periodically
squeeze treat the producing wells with scale inhibitor (see
Item 2.14 below). Treatment of the injection water for
scale control at the producing wells is futile due to ad-
sorption loss of the inhibitor chemicals within the for-
mation.

Even when scaling tendency calculations and water
mixing tests predict that scale desposition is likely after
injection water breakthrough, scale inhibition treatment
of all producing wells is often not necessary. In some
fields where floodwater incompatibility exists, only 50
to 60% of the producers have suffered enough scale ac-
cumuiation to justify scale removal and inhibition treat-
ments.

Some operators install perforated metal test coupons
at the producing wellheads to detect early signs of scale
accumulation. This type of testing is not always reliable,
especially during carly stages of scaling.

A diligent program of monitoring the production from
each well is helpful in deciding which producers are good
candidates for scale treatment. Breakthrough and rate of
volume increase of the incompatible injection water can
usuaily be detected by the chloride ion concentration test
(see Chapter 1, Item 1.09b). The producers with the
slowest rate of increase in the volume percent of injec-
tion water are most apt to suffer scale buildup. Another
guideline indicator of detrimental scaling is that the av-
erage oil production over a period of several days or a
few weeks declines at a faster rate than the increase in
total water production. When total water production and
volume percent of injection water increases at a com-
paratively rapid rate, the expense of scale control treat-
ments may not be justified.

2.13 Scale Removal

Calcium carbonate scale and most corrosion products
can be dissolved and removed with 15% HCl acid. Qily
deposits are often pretreated with a paraffin solvent be-
fore applying acid. Wetting agents and alcohols in the
acid increase solution rate of oily scale deposits. Iron
chelating agents such as HEDTA or citric acid are added
when iron corrosion products are present. These addi-
tives help prevent reprecipitation of dissolved iron from
the spent acid. Acid volumes required for scale removal

in and around wellbores are generally 10 to 30% of that

required for well stimulation jobs.
Calcium sulfate or gypsum deposits are not removed

effectively by acid treatment. These are removed by a
two stage treatment consisting of presoaking the deposit
with a converter solution and then acidizing with HCJ
acid. Converter solutions contain caustics (NaOH or
KOH), soda ash or ammonium bicarbonate and convert
CaS0, to CaCO, and Ca(OH), which are acid soluble.
Organic acids such as hydroxyacetic (glycolic acid) are
also used as converters, usually in combination with
caustics. Some gypsum solvents are available that do not
require acid, but a follow-up acid wash is usually ben-
eficial,

Barium and strontium suifate scales must be removed
mechanically since they are not amenable to removal by
acid or other chemicals.

2.14 Scale Inhibition

The three most widely used classes of scale inhibitor
chemicals are:

1. Amino-phosphonates,

-2, Phosphate esters of amino-alcohols,

3. Sodium polyacrylate polymers.

The chemicals are usually sold as water solutions (20
to 30% active). Alcohols are generaily added to lower
the freezing point and to hold the inhibitor chemical in
solution,

Inhibition of producing wells to retard scale accu-
mulation is most often done by formation squeeze in-
jection of a water solution of the inhibitor. Following
are some general guidelines for such treatments:

1. Prior to injection of the inhibitor solution, allow the
well to produce long enough to flush out any spent
acid, converter solution or scale solvent that may have
been used previously to remove existing scale de-
posits. The volume of produced water required for
flushing is at least three times the volume of scale
removal chemical and overflush that was previously
injected. Injection of inhibitor too soon after a scale
removal treatment can result in severe plugging and
loss of production.

2. The scgle inhibitor chemical should be prediluted with
water (in which it is soluble) to a final concentration
of 1 to 2 vol %. Higher concentrations generally do
not lengthen squeeze life and more chemical is wasted
during early returns.

3. Avoid use of phosphate ester base inhibitors for
squeezing formations hotter than about 80°C (176°F)
when long squeeze life is desired.

4. The diluted inhibitor slug volume should be sufficient
to provide 0.2 m® (55gal) of original inhibitor chem-
ical for each 30 m (100 ft) of formation thickness.
Alternately, the diluted slug volume may be calcu-
lated as 1% of the daily water production, with a
minimum of 12 m® (100 bbl).

5. Inject at a slow rate and overflush with a volume of
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Mineral Scales and Water Compatibility

oil or water sufficient to displace the inhibitor slug
into the formation, plus 10 vol % excess.

6. Precede and follow the scale inhibitor slug with a (.5~
1.0 m® (4 to 8 bbl) pad of oil containing a preselected
demulsifier chemical.

7. When treating water sensitive formations containing
clays, add 2 wt % potassium chloride (KC!) or other
anti-swelling clay stabilizer that is known to be ef-
fective prior to injecting the inhibitor solution.

Surface treatments for scale inhibition are usually done
by continuous, direct chemical feed. If necessary to avoid
precipitation in strong brines, the inhibitor chemical may
be prediluted with low salinity water and the feed rate
increased proportionately. The feed rate should be as
nearly continuous as possible. Final inhibitor treating rate
(usually 2 to 10 mg/L) is adjusted by visually observing
scale accumnulation in the equipment or on test coupons,
Frequent analysis to monitor the concentrations of scale
forming ions in the water throughout the system provides
data for a continuing material balance. However, the an-
alytical results must be analyzed statistically to reliably
detect small changes due to scale precipitation.
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Practical Microbiology

3.01 Terminology and Classifications

Microscopic life forms are present in essentially all oil
field water systems. The descriptive name, microbes, can
be used for all of them. More commonly, they are re-
ferred to as bacteria or simply as “bugs.”

Scientifically, it is necessary that they be classed by
family, genus and specie. A genus (plural: genera) is
the main subdivision of a family. Each genus generally
includes many species. The genus name is capitalized
and precedes the species name, which is not capitalized,
ie.,: -

Desuifovibrio desulfuricans
Streptococcus lactis

Each part of these scientific names have meaning to
microbiologists. Vibrio, for example, indicates a curved
rod shape whereas streptococcus means a chain-like cluster
of spherical (coccus form) organisms. A description of
a straight, rod-shaped bacteria will include the word ba-
cillus. Spiral shapes are called spirilla.

Microbes can be either plants or animals. The plants
are most prevalent and can be subdivided under names
such as bacteria, algae, fungi {or fungus), molds, yeasts,
etc. Algae contains green chlorophyll which allows them
to utilize the energy of sunlight to convert carbon diox-
ide to complex organic compounds that make-up their
cells. The others can grow without sunlight and obtain
their energy by other means.

In oil production operations, it has become common
practice to refer to all types of microbes as bacteria and
to group them according to oxygen requirements as fol-
lows:

Aarobic organisms Require oxygen

(aerobes)

Anaerobic organisms Inhibited by oxygen
(anaerobes)

Facultative Oxygen not required but most

grow best when some O; is
present. Generally counted
as aerobes.

Table 2.3-1 is a practical listing of the most trouble-
some microorganisms.

3.02 Nutritional Requirements and Energy Sources

In common with other forms of plant life, the basic
food elements for bacteria are nitrogen, phosphorous,
potassium and small amounts of other minerals such as
magnesium, calcium and iron. A source of carbon is also
required, and this ranges from carbon dioxide to hydro-
carbons such as methane and heavier,

In the absence of sunlight, bacteria generally derive
the energy required to grow and reproduce from various
types of electrochemical oxidation-reduction reactions (see
Section 1, Item 1.07). Probably the most important of
these in production operations is the reduction of SO,
ion in water to H,S. Another is the oxidation of ferrous
iron (Fe™™) to ferric iron (Fe*™ ™).

3.03 Bacteria Related Problems and Mechanisms

The two major problems that result from growth of
bacteria in oil field water systems are corrosion and foul-
ing.

1. The major contribution of bacteria to corrosion in water
injection systems is generation of hydrogen sulfide
(H,S) in water that is normally sulfide free (not nat-
vrally sour). Bacterially generated H,S is also a ma-
jor cause of corrosion on buried pipelines and on the
external surfaces of well casing (Section 1, Itern 8.04).
As noted in Table 2.3-1, Desulfovibrio sulfate re-
ducers are the most notorious generators of H,S, and
their contribution to corrosion of steel is two-fold.
This can be most readily explained with the help of
the following simple chemical equations.'

(a) SO, + 2H" + 4H, — H,S + 4H,0
sulfate (hydrogen (molecular
ion ion) hydrogen)
129
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Table 2.3-1
Microorganisms Found In Qil Field Waters

1. Profozoa

Small animals inhabiting contaminated, open waters. Easily
identified microscopically because of relatively large size. Pro-
tozoa five on smaller organisms and their prasence indicates the
water has a high level of microbial activity. Controlfed with bio-
cides.

2. Algae and Diatoms

Plants that grow only in open, sunlit waters (Figure 2.3-1). Rec-
ognized by green (scmetimes dark green) slime on water sur-
face or basin walls. Controlled by copper compounds. Cil and
H,S inhibit growth.

3. lron Bacieria

Occur as slimey chains or filaments (Figure 2.3-2). Composed
of bacteria cells surrounded by gelatinous iron oxide excretion,
Common in- shallow well waters from sands containing iron.
Identified by microscopic observation after solution of iron ox-
ide. Control requires chemical treatment of producing sand and
detergent-acid cleansing. Frequently found genera are Gallio-
nella, Crenothrix and Sphaerotilus.

4. Sfime Formers

This is a general grouping of aerobic and facultative bacteria
and fungi that form slime deposits sufficiently thick to be felt and
seen. Typical genera are; Pseudomonas, Flavobacterium, Mi-
crococcus, Aerobacter, Aspergillus and Nocardia. Controlled by
elimination of dissolved oxygen and treatment with biocides.

5. Sulfide-Producing Bacteria

Most impostant of these are the sulfate reducers that metabolize
sulfate ions (SQ,7) in water to form H,S. Desulfovibrio desulfur-
icans is the most prevalent specie and is described as motile
obligate anaerobes (meaning they move freely and do not like
oxygen). Detected by black colonies in deep tube, nutrient agar
medium containing sulfate and iron (Fe**) salt. Another sulfide
producer is Clostridium nigrificans, which is thermophilic (pre-
fers efevated temperatures).’ Clostridium tetani {causes teta-
nus) has been isolated from oilfield waters.? Controlled by lim-
iting aerobic bacteria growth and biocide treatment.

6. Suifur Oxidizers

Aerobic bacteria that oxidize sulfur and produce suifuric acid.
Beggiatoa and Thiobacillus are examples, The organisms pro-
liferate in open conduits handling sour produced water and in
soils near sulfur plants. The organisms can cause acid pollution
problems and promote disintegration of concrete structures. Re-
movat of sulfur nutrient is best means of control.

and

(b)Fe™™ + H,S— FeS +2H'
(iron (iron
ion) sulfide)

According to Equation (a), both hydrogen ions and
molecular hydrogen are utilized by sulfate reducers
to convert SO,” to H,S. The source of molecular hy-
drogen is the cathodic reduction reaction (Section 1,
Item 1.06), and consumption of hydrogen promotes

Figure 2.3-1. Diaforns and algae filaments. Approx. 50,

continued corrosion by preventing cathode polariza-
tion (Section 1, Item 1.10). In other words, the sul-
fate reducers cause corrosion on steel surfaces ex-
posed to air-free salt waters by both production of
H,S and by cathode depolarization,

Sulfide generation and cathode depolarization on steel

Figure 2.3-2. iron bacteria filaments (primarily iron oxide
residues). Approx. 100x.
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surfaces can also be shown by an alternate equation.”
SO, + B8H° —5§5"+4H,0
(atomic
hydrogen}
and

Fe'* + 87 — FeS
The atomic hydrogen, H°, formed at metal cathodes
is utilized directly for sulfate reduction and molecular
hydrogen, H,, is not involved. This appears to be the
most likely mechanism.

Concentrations of 2 to 20 mg/L of bactertally gen-
erated H,S have been detected in normally sweet in-
jection water after passage through long, bare steel
flowlines. This is sufficient to cause cracking of high-
strength (high-hardness) steel equipment (Section 1,
Item 7.05).

The slime-forming bacteria (Table 2.3-1) can pro-
mote metal pitting in aerated salt waters by differ-
ential oxygen concentration cell action (Section 1, Item
1.06).

2. Fouling by heavy growths of microorganisms reduces
water through-put rates in piping and contributes to
injection well plugging. Bacterially generated slimes
in combination with corrosion products, clays, scales
and other particulate matter, form a mixture that can
readily seal injection formation faces. Vigorous growth
of sulfate-reducing bacteria produces not only cor-
rosion and pitting, but can generate enough iron sul-
fide particles to damage some injection wells.

Shallow water supply wells producing low salinity
water with traces of oxygen from sand formations
frequently become clogged with iron bacteria (Table
2.3-1).

3.04 Occurence and Growth Habits

Being living organisms, bacteria are difficult to pre-
dict with respect to where and to what extent they will
grow. Water analyses do not indicate the specific prob-
ability of microbial problems in water systems. The op-
portunity for infection is always present but complex
combinations of environmental factors determine whether
or not sertous growths develop. Following are some con-
ditions that favor growth:

1. Mixed salts in solution, up to about 7 wt %. Some
organisms tolerate higher salinities but growth is lim-
ited. Presence of magnesium, sulfate and trace metals
is conducive to growth. The mixing of produced brines
and fresh waters prior to injection often promotes
bacterial problems. Traces of organic substances may
be involved in this situation.

2. Oxygen in concentrations from a few parts per billion
to full saturation. Severe bacterial problems can re-
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sult from intermittent oxygen entry followed by pe-
riods of absence.

3. Temperatures between 30 and 55°C. Some organisms
survive outside this range. Significant growth ceases
above about 80°C.

4. Low flow velocities. Heavy growth is always on sur-
faces, viz., colonies are sessile. Nearly stagnant con-
ditions under sludges and deposits in tanks and ves-
sels are favorable.

5. Mixed populations of aerobic, facultative and anaer-
obic organisms. Many organisms grow best in close
association with dissimilar types. This effect is called
symbiosis.

The role of dissolved oxygen is important and often
not clearly understood. Serious bacterial infections in
oilfield water systems are most frequently associated with
frace oxygen contamination, even intermittent.

Sulfate reducers, known to be strict anaerobes, can
thrive under overlying layers of aerobic slime formers in
fully aerated waters. Proof of this can be readily seen in
recirculating cooling water systems. After scraping away
the thick aerobic slime deposits on cooling tower hard-
ware (bolts and braces), black iron sulfide is usually found.
The iron sulfide is formed from corrosion of the iron by
bacterially generated H,S. Figure 2.3-3 illustrates the
growth conditions on the metal surface. Similar condi-
tions often exist in water injection lines and tanks where
there are continuous traces of O, or occasional slugs of
higher concentration.

3.05 H,S Generation in Producing Reservoirs

Several cases have been reported where oil and gas
production from whole reservoirs has turned sour after
initiation of secondary recovery waterfloods. An ex-
ample is the Wilmington Field in California where sea-
water was used for flooding. In all reported instances
where this has happened the production was initially sweet
(sulfide free). There appears to be no doubt that souring
resulted directly from the activity of sulfate reducing
bacteria within the reservoir rock. A question that re-
mains, however, is whether the bacteria were introduced
with the floodwater or were present as dormant cells
(spores) within the earth.

Several studies have demonstrated that bacteria of the
Desulfovibrio genus can survive in petroleum reservoirs,
and at least one patent has issued on their use for en-
hanced oil recovery.4 In practice, the presence of H,S is
detrimental due to reduction in value of oil and gas, ne-
cessity for gas sweetening, and increased corrosion of
equipment.

Case histories of four fields in the U.S. and Canada
where the problem has occurred reveals the following
similarities:
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Figure 2.3-3. Anaerobic conditions created at a metal surface by shielding effect of aerobic organism slime layers.

1. Reservoir temperatures were all less than 82°C (180°F).
From this observation and the general knowledge that
bacterial growth diminishes at higher temperatures, it
appears that 80-82°C is the maximum reservoir tem-
perature range above which sulfide generation should
not occur.

2. In all four cases, the injected floodwaters contained
high concentrations of sulfate ion (SO,”) relative to
the native connate water in the reservoirs.

3. Material balance calculations {sulfur in—sulfur out)
indicate the typical efficiency of bacterial conversion
of SO,~ to H,S is in the range of 60 to 70%. From
this, the following correlation was drawn;
Maximum H,S concentration (ppm) reached in the
produced gas = mg/L (or ppm by weight) of SO,
in floodwater X 1.5.

4. Starting from the time that H,S first appeared in the
produced gas, the H,S concentration increased to the
ultimate maximum at a fairly uniform rate over a pe-
riod of about five years. From this, the following cor-
relation wags drawn:

Maximum rate of increase (ppm/year) of H,S in pro-
duced gas = ultimate maximum concentration (com-
puted from SO,~ concentration in floodwater) X 0.2.

These observations and guidelines may be useful for
engineering and design calculations but should not be
construed as infallible. Theéy are presented as informa-
tion of interest and not as recommendations for systems
design.

A question that is often asked is whether or not res-
ervoir souring can be prevented by chemical treatment
of the floodwater when conditions are conducive to bac-
terial growth. This approach does not appear economi-
cally feasible due to (1) the large volumes of floodwater
to be treated, (2) the high total cost of chemical steri-
lizing agents and (3) probable loss of chemical in the
reservoir. Use of low sulfate content floodwater should
be considered but this is often not practical.

3.06 Detection and Assessment of Bacterial Activity

Direct microscopic counts can be made for protozoa,
iron bacteria and certain other organisms filtered from
water with a membrane filter.” However, direct counting
of general aerobic populations and sulfate reducers is not
feasible for oilfield waters,

Sophisticated laboratory procedures have been devel-
oped for growing and observing bacteria. However, many
organisins that grow abundantly in water systems cannot
be cultured satisfactorily in the laboratory. Further, all
organisms do not grow on any one culture medium. De-
spite the limitations, plate and tube culture tests are the
best available means for measuring populations of most
microorganisms.

In general, bacteria are cultivated in a substrate con-
sisting of agar (a plant extract with properties similar to
gelatiny and the necessary nutrients, The culture medium
is inoculated with measured portions of water being tested
and then incubated for several days. After plate cultur-
ing, visible colonies develop as spots on the agar gei,
and each is presumed to have developed from a single
organism. By counting the number of colony spots, the
number of organisms per milliliter of original water is
estimated,

Alternately, the original water is diluted by a series of
transfers f{mn tube to tube of the inoculated culture me-
dium, until the last tube shows no growth.® Calculations
from the number of dilutions, in multiples of 10, indicate
how many times the original water was diluted to the
point that no bacteria cells were transferred. By simple
back calculation, the original population, as cells per
milliliter, is established.

Various laboratories use different culture medias and
some report counts for specific genera and species. Prob-
ably the most widely used media for testing oil ficld waters
are patterned after those described in American Petro-
leum Institute (API) Recommended Practice RP38.7
Modified API media are commercially available in spe-
cial serum bottles for inoculation in the field and these
are frequently used by oilfield service companies. Two
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types are available: (1) clear yeliow for sulfate-reducing
bacteria and (2) phenol red broth for general aerobic bac-
teria counts. Disposable, sterile, plastic syringes (avail-
able from hospital suppliers) are used to inject test water
through a rubber seal on the bottles.

For each type of medium, the original water sample
is serially diluted until the dilution factor is at least 107,
The inoculated bottles are then held at a temperature of
25 to 38°C, or preferably within 5°C of the original water
temperature in the system being tested. Bacteria growth
in the sulfate-reducing broth bottles is indicated by the
solution turning visibly dark. Growth in the phenol red
aerobic broth is indicated by a color change from red to
yellow and trbidity. The highest dilution in the bottle
series that shows definite growth (in duplicate) defines
the range of the bacteria cell count in the original water,

The broth bottle serial dilution technique is suffi-
ciently reliable and so easy to use that a detailed use
procedure is given in Appendix 4A at the back of this
book.

3.07 Interpretation of Bacteria Counts

The numerical value of bacterial counts cannot be rig-
idly interpreted. This is true not only for the counts ob-
tained with the field serial-dilution test method (Method
1, Appendix 4A} but also for counts made on water sam-
ples tested in microbiological laboratories. The principal
reason is that the numbers of free floating bacteria in
water samples do not always correspond to the absolute
rate of bacterial growth on the metal surfaces in the water
handling system.

Several factors influence the ratio of free floating cells
in the water to the surface clinging cells. However, the
number of free floating cells, viz., the bacteria count in
the water, generally increases when the level of bacterial
activity in the system increases. Consequently, bacteria
counts are primarily useful for indicating whether activ-
ity is increasing, decreasing or remaining fairly constant
over a period of time (at same sample point in a system)
and for reflecting differences between sample points. A
consistent count increase with time at a single point or
a large increase between test points indicates possible
trouble. For example, if counts are consistently higher
downstream of a tank than upstream, you may assume
bacteria are growing in the tank. Air leakage into a tank
or pump will often be indicated by increasing down-
stream counts.

While precise interpretation of count numbers is not
possible, the count ranges are useful as an aid in decid-
ing on a course of action. Table 2.3-2 provides a general
interpretation guide for use when judgements must be
made from a limited amount of data. The guide has value
for decision making, but it is generally preferable to run
repeated tests and look for differences as explained pre-
viously, rather than to rigidly interpret the count values.
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Table 2.3-2
A Guide for General Interpretation of Bacterial Count Data
Type of  Count No. Probabie Significance
Bacteria  (Cells/mi)
Sulfate 110 Low Count. Not generally a problem.
Reducing
10-10?  Significant. Repeat tests for trends.
10°%-10°  Significant, Repeat tests and inspect
system for slimes and corrosion.
10°-10" Serious. Probability of corrosion and
fouling is high. Inspect system.
Prepare to initiate remedial
measures.
10°-10° Very Serious. Initiate remedial
measures immediately.
Aerobic 10-10* Low Count. Not generally a problem,

10°-10° Moderate. Repeat tests.

10°-10°  Significant, Slime growth probable.
Inspect system. [nitiate remedial
measures if slimes are found.

10°-10°  Serious to Very Serious. Inspect
system to determine extent and
location of slime deposits. Initiate
remedial measures.

3.08 Direct Examination of Deposits

‘When cell count data imply significant or serious bac-
terial infections are present, the next best step is a visual
inspection of affected equipment. Even consistently high
counts do not necessarily mean that an expensive treat-
ment program is justified. However, if sensibly heavy
slime deposits or corrosion are evident when counts are
high, consideration should definitely be given to reme-
dial measures.

Direct examination of surface deposits requires access
to the interior of flowlines and water tanks. Heavy growths
are easily visable and samples can be scraped off for
analysis.

At low velocities, bacterial growths may build to 1.0
cm (0.25 in.) thickness on pipe and vessel walls. The
deposits may be brown, black or grey and always feel
slick. Dried bacterial slime will burn with an acrid odor
leaving little or no residue.

Corrosion test coupons and pipe nipples (see Section
1, Item 10.03) should always be examined for slime de-
posits when first pulled. Retrievable coupons that are
mounted flush to the interior of large volume pipelines
can be used for slime detection in situations where it is
not feasible to shut in the whole line for direct exami-
nation.

Debris collected by scraping pigs should also be an-
alysed for non-hydrocarbon organic matter that may sig-
nal heavy bacterial growth. The presence of iron sulfide
in scrapings from large water lines handling normally
sweet water (i.e., seawater) is a reliable indicator of sul-
fate reducing bacteria growth.
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Table 2.3-3
Some Bacterial Control Agents

Alkyl—Aryl quaternary ammonium chlorides
Chlorine—Hygnaochlorites

Faity amines and salts

Alkyl thiocarbamates

Acrolein

Aldehydes

Chlarinated phenols

3.09 Bacterial Control Chemicals

Only a limited number of chemical compounds are used
for inhibiting bacterial growth in oilfield water systems.
Many potentially effective materials are either too toxic
to humans or too expensive for use in large volume, once
through operations. Table 2.3-3 lists the most common
classes of bacterial control chemicals used in the indus-
try.
ryChemi(:a]s that slow or inhibit bacterial activity are
generally referred to as “biocides.” Actually, complete
sterilization is rarely if ever achieved at normal use con-
centrations.

Strong chlorine solutions, such as 0.5 to 2.0 wt %
calcium hypochlorite, can be circulated as a slug through
flowlines and tanks to decompose slimes and effectively
sterilize. Slug volume is adjusted to provide ten minute
contact time at the pumping rate. Chlorine (hypochlor-
ite) stugs are used in similar fashion for sterilizing water
supply wells.

Continuous application of chlorine is not normally ad-
visable for produced water systems because it is a pow-
erful oxidizing agent and tends to create solids. Electro-
lytically generated hypochlorite is used for treating raw
seawater upstream of deaerators.

3.10 Field Application of Biocides

Commercial oilfield biocides, such as the quaternary
ammonium chlorides, fatty amines or acetate salts, thio-
carbamates and complex aldehydes, are often injected
into water systems continuously at 5 to 20 mg/L (ppm).
The chemicals may be injected directly with a chemical
metering pump, or a stock solution of the biocide in low

salinity clean water is prepared and used to provide in-
creased volume for more accurate metering.

A generally preferred procedure for more economical
treatment of large volume water systems consists of in-
jecting 50 to 200 mg/L for four to six hours every three
to five days and alternating the type of chemical every

two to three weeks. Dosage concentration and frequency

is adjusted from cell count data. A model program might
alternate between a quaternary, a thiocarbamate and a
fatty amine.

Successful control of (primarily) suifate reducing bac-
teria has been reported by Aramco in the world’s largest
seawater flood system (Saudi Arabia’s Ghawar Field).®
Current bacterial control treatment consists of alternate
injections of glutaraldehyde at 1500 mg/L for 1 hour
and a quaternary ammonium chloride at 500 mg/L for
1 hour. The 1 hour treatments are applied twice each
week. This program is believed to be more effective than
twice weekly treatments at 150-200 mg/L for 3.5 to 4
hours. The lines are pig scraped as frequently as once
each week to remove deposits that harbor bacteria col-
onies.
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Water Quality for
Injection

4.01 Introduction

Water quality requirements vary with water use. For
example, water quality required for human consumption
is different from that needed for various industrial pur-
poses. Quality is a measure of how well the water con-
forms to the requirements of the specific application. Since
most of the water handled in the oil industry goes back
into the ground, the character of the individual earth for-
mations primarily determines the water quality required.
More specifically, it can be said that the primary mea-
sure of water quality for injection purposes is the con-
centration and nature of suspended matter (solids) that
tend to clog rock pores and flow channels.

An accurate but often surprising observation is that in
laboratory tests a core sample from an injection for-
mation can nearly always be severely plugged by a few
pore volumes of the injection water being used in the
field. Unless meticulously prefiltered, even carefully
collected and preserved field water samples will seal the
face of the rock core and drastically reduce water
throughout during the flow tests. Laboratory flood tests
using cores are generally unreliable for prediction of well
plugging by suspended solids,

In normal operaticn, injection wells are rarely if ever
completely plugged. Conversely, some plugging (re-
striction of intake capacity) probably always occurs re-
gardless of the treatment given the water.

4.02 The Fate of Solids Entering Rock Interstices

All injection waters contain some particles of sus-
pended insoluble matter. These are typically clays, sil-
iceous silt, fine sand, hydrated iron oxides, iron sulfide,
calcium carbonate, bacterial slimes and microorganisms.
Produced brines and some well waters contain heavy hy-
drocarbons and lighter oils that often wet and coat the
other solids.

When considering the problem of injection well plug-
ging (decreased intake capacity) one must be concerned
with (1) the concentration of the solids, (2) their capa-
bility for plugging small pores or flow channels and (3)
the capacity of various rock formations to accept and
store the solids. This raises the question of what happens
to the suspended solid particles when the water enters
the rock.

An injection formation may be visualized as a highly
efficient filter. This concept is confirmed by the follow-
ing summary of numerous studies concerning invasion
of rock by fine solids:

1. Effective ‘size of rock matrix pore openings in con-
solidated rock, usually ranges from 5 to 15 microm-
eters (m) regardless of rock nature (petrography).

2. To cause plugging, solid particles must be small
enough to enter the rock pores. Otherwise, an exter-
nal filter cake is formed that has a higher perme-
ability than that of the rock matrix.

3. Rock pore flow channels are tortuous and solids that
are small enough to enter quickly encounter constric-
tions that impede deep migration.

4. In core flow tests with water containing small (<5p.m)
uniform solids in suspension, particle penetration is
usually no more than 4 to 5 cm, and depth of max-
imum penetration is independent of pressure (below
fracture pressure) or core permeability up to about
350 millidarcies (md).

When mixed size solids are present (typical of injec-
tion waters), a filter cake develdps from particles lodged
within but near the rock surface and ultimately on the
surface. Small solids finally become trapped within the
surface cake.

The permeability of the “inner filter cake” (particles
lodged within the pores near the surface) is usually equal
to or greater than that of the filter cake on the surface.
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Thus the factor that largely controls the rate of continued
entry of water into the rock matrix is the permeability of
the surface filter cake or skin (neglecting saturation ef-
fects, capillary and viscous forces). Due to bridging of
pore openings by invading particles, only a fraction of
the total available pore space is filled by the volume of
the particles. It is doubtful that the volume of particles
actually in the rock matrix ever exceeds the volume of
the surface cake when significant plugging has occurred.

With the mechanics of rock face plugging established,
the question may be asked as to why some formations
accept large volumes of poor quality injection water while
others quickly suffer reduced intake capacity. The most
appropriate explanation is that the effective area for water
entry into the rock matrix (rock filter surface area) is
much larger in some wells than in others. Naturally frac-
tured dolomites, for example, accept “dirty” waters bet-
ter than uniform sands even when the measured sand
permeability is much higher. Injection wells completed
in uniform sands have only the area exposed to the bore-
hole for water entry. Any large cracks or fractures con-
necting to the injection well borehole greatly enlarge the
rock filter surface face that can exist in injection weils.
Figure 2.4-1 illustrates the concept of variation in area
of rock surface face that can exist in injection wells.

4.03 Sources and Properties of Suspended Solids

Depending on original source and prior exposure, in-
Jection waters commonly contain a variety of solids ag
listed previously. (Item 4.02). Corrosion products, clays
and scale particles occur frequently in combination with
organic matter from bacterial activity. Crude oil and sem;-
solid hydrocarbons are often present in varying amounts
in produced waters. The mixed materials tend to ag-
glomerate or stick together, and it is extremely difficult
to obtain reliable particle size measurements. Under a
microscope, one can often observe particie clumps rang-
ing in size from larger than 100 wm to less than lm,
The particle sizes are prone to change with time and with
changes in water alkalinity after a water sample is col-
lected.

Compacted bulk density of the mixed solids range from
about 0.9 to 2.0 grams per cubic centimeter (g/cc) with
an average of about 1.3. This is equivalent to a filter
cake bulk volume of 0.77 cc/g or 770 cc /kg. Since 1
milligram per liter is equal to 1 kilogram per 1000 cubic
meters (assuming a water sp. gr. of 1), then:

total suspended solids (TSS) as mg/L x 770
= volume of filter cake as cc/1000 m’ of water.

FRACTURED DOLOMITE

UNIFORM SANDSTONE

Figure 2.4-1. lllustration of differences in rock face area in infection wells.
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Water Quality for injection

At an injection rate of 100 m’/day, a water containing
36 mg/L TSS will place approximately 1.0 m® of com-
pacted solids into the rock interstices in one year.

The measured permeability of filter cakes formed by
suspended solids most often found in injection water is
usually less than 1.0 md. Fine solids (< 30 um) that are
coated with oil or bacterial slimes often produce com-
pacted filter cakes with permeabilities of 0.1 md and less.

4.04 Water Quality Rating Methods

Technology for predicting with certainty the water
quality required for long term injection into individual
wells has not been developed. The geometry and capac-
ity of rock flow channels to accept solids cannot be de-
duced from standard core analyses nor well log data.

A general guide based largely on experience, is that
fractured dolomites and limestones can usually accept
waters containing 10 to 30 mg/L of suspended matter
but water going into uniform sands should contain no
more than 3 to 5 mg/L.

Many attempts have been made to devise test methods
for quality requirement predictions and for compara-
tively rating relative injection quality of various waters.">’
The most widely used method that has evolved consists
of a filtration rate test using a porous plastic membrane
as the standard test medium. Details of the test procedure
are given in NACE Standard TM-01-73.% A copy of the
test method is reproduced in Appendix 5A. Some com-
panies use modified procedures and apparatus, but the
technique of NACE Standard TM-01-73 appears to be
generally acceptable. Millipore Filter Corporation, Bed-
ford, Mass., supplies membrane filters and holders that
meet requirements of the NACE Standard. The mem-
brane filter discs are 47 mm in diameter and have a mean
pore size of 0.45 pm.

The filter test method consists of passing a measured
volume of injection water through a membrane filter disc
under constant pressure and measuring the flow rate at
selected volume intervals. A graphical plot of flow rate
vs. water throughout volume produces a curve whose
slope is indicative of test filter plugging rate, By using
a preweighed membrane disc (or a stack of two matched
weight discs), the amount of solids retained from the
volume of water filtered can be determined.

Figure 2.4-2 shows a set of curves produced by plot-
ting membrane filter flow rates vs throughput volumes
using laboratory prepared waters. In these tests the only
solids present were various amounts of precipitated iron
sulfide particles. In this test series, the negative slope
numbers (m, linear displacement from horizontal per unit
length of the line) increased with increasing concentra-
tion of suspended particles. A pure water with no solids
would yield a horizontal plot line.

The filtration curve slope, m, does not always corre-
spond to solids concentration, as demonstrated by the
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Figure 2.4-2. Effect of particle concentration on membrane
filter test plots.

data of Figure 2.4-3. In this case, 0.6 mg/L of small
(< 5 wm) particles produced a steeper data plot slope
than 4 mg/L of mixed large and small particles.

Data plots from the membrane filter tests are actually
indicators of the permeability of the filter cakes formed
by the solids in the water being tested. The thickness (or
length) of the final filter cakes is a function of solids
concentration, but permeability is also influenced by the
nature and size of the particles. As illustrated by Figure
2.4-3, small particles can pack closer and form more dense
(less permeable) filter cakes than mixtures of large and
small particles (or large particles alone). For this reason,
membrane filter tests run downstream of a field water
filter often show steeper data plots than upstream tests
even though the downstream solids concentration is lower
than upstream.

Gelatinous or soft solids such as iron oxides or slimes
produce less permeable filter cakes (steeper data plots)
than hard crystalline solids such as scale solids.

In general it can be concluded that the slope of a mem-
brane fiiter test data plot is a qualitative measure of the
ability of solids to plug small pore openings but provides
no quantitative information on the total plugging capa-
biliry. Obviously a high concentration of solids with strong
plugging tendency is worse than an equal concentration
of a less powerful plugging material. NACE TM-(1-73
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Figure 2.4-3. Effect of particle size distribution.

simply states that the membrane filter test data plots give
a general indication of the quality of the injection water.

4.05 An Empirical Water Quality Rating Guide

Graphical plots of membrane filter test data can be
helpful for characterizing the plugging nature of sus-
pended solids. However, for relative comparisons of water
quality (different waters or point to point tests in an in-
jection system), quantitative determinations of solids
concentrations are vital and generally should be the pri-
mary test for routine water quality monitoring. The NACE
Test Method TM-01-73 provides a suspended solids test
method (Procedure 7.5),

Under some circumstances there is need for a more
definitive method of water quality rating that provides a
numnerical value of the total plugging capability. One such
circumstance might be a program of correlating mea-
sured water quality with injection well performance prior
to a waterflood expansion. Ideally the water quality rat-
ing value would consider both concentration and relative

plugging capability of the solids. Following is a sug-
gested procedure designed for this purpose:

1. Perform a membrane filter test by the general method
described in NACE Standard TM-01-73 (Appendix
5A). Make only two determinations of flow rate at
specific volumes instead of a whole series as pre-
scribed.

The first flow rate measurement should be made after
some water has been filtered and the change in flow
rate/unit volume appears to have stabilized. The
amount of water that should be filtered before taking
the first flow rate measurement is about 30% of the
total volume that will be filtered.

The second flow rate measurement is made just be-
fore the test is terminated. Be sure to measure rhe
total of all water run through the test filter,

Example: Assume that a fairly dirty water is being
tested and only about 1.0 L can be filtered before the
flow rate decreases to about 0.2 ml/sec. Start the test
and flow 250 ml of water through the filter. Stop the
flow, empty the cylinder and restart the flow. Using
a stop watch, measure the time required to filter an
additional 100 ml. The watch may be started at the
50 ml mark on the cylinder and stopped at the 150
ml mark without interrupting flow.

Calculate the flow rate as ml/sec. This is considered
to be the flow rate (QA) at the cumulative volume
(CVA) at which the watch was stopped. In the ex-
ample of the preceding paragraph, the cumulative
volume is 350 ml (250 ml initial plus 100 ml during
the rate measurement).

Continue the test, keeping track of the total amount
of water filtered. Make another flow rate measure-
ment near the end of the test. For example, start the
watch at 850 ml cumulative volume and stop it at 950
ml. Calculate the second flow rate (QB) as ml/sec
at the final cumulative volume (CVB). In this ex-
ample, CVB is 950 ml. Some additional water may
be filtered after CVB and this should be measured so
that the total volume through the filter is known.

2. Use the following equation to calculate an empirical
slope number (ESN):

QA 2500
ESN =log — X ———o—
QB CVB-CVA

3. Record ESN and total volume of water filtered.

4. Determine weight gain of the membrane disc and,
using the measured fofal volume throughput, calcu-
late mg /1 of suspended solids in the water (TSS).

5. Add the numerical values of ESN and TSS. The sum
can be used as an index of relative water quality for
injection with the the following implications:
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Water Quality for Injection

Index Number General Quality Rating

<4 Excellent—Water suitable for maost
formations
4-12 Good to Fair
12-20 Questionable—Water may plug
sandstones
>20 Poor—Water may be suitable for

fractured dolomites but generally
should be clarified.

The empirical water quality rating guide is described
here for information and instruction. It is believed to be
useful for the purposes discussed previously, but any ap-
plication of it is left to the user’s discretion and no re-
sponsibility can be accepted for the results.

4.06 Clay Swelling and Peptization

The intake capacity of injection wells can be reduced
if (1) the formation rock contains a sufficient amount of
certain clays (especially montmorillonite) and (2) the in-
jection water is low in divalent cations {calcium and
magnesium). The occurrence of this effect to a serious
magnitude in waterfloods appears to be rare but the dan-
ger should be recognized when injecting into sandstone
formations. Low salinity fresh water will generally not
damage permeability of clay-containing formations if 10%
or more of the cations dissolved in the native formation
water and in the injection water are calcium and mag-
nesium,’ viz.:
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100 (mg/L Ca™ + Mg*™
mg/L Na* + K* + Ca** + Mg*™*

= 10%

Mineral analyses of the formation and injection waters
should be reviewed prior to starting injection to deter-
mine if each water cations contains the minimum desired
ratio of divalent cations to total cations. If doubt exists
about the clay sensitivity of a particular formation, core
tests can be made to determine if permeability loss is
likely from flooding with a low salinity water.
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Solids and Oil Removal

5.01 Introduction

The major expense for water clarification in oil pro-
duction operations is in the preparation of water for sub-
surface injection. Removal of dispersed oil and oily sol-
ids prior to surface {land or sea) disposal is also a difficult
and costly problem in locations where strict pollution
control regulations apply.

Chapter 4 described the general nature of suspended
substances in oil field waters, their role in injection well
plugging and the nebulous problem of defining required
injection water quality. This chapter summarizes the state
of the art for removal of suspended solids and oil as
practiced in the petroleum producing industry. However,
despite intensive design efforts and numerous innova-
tions that have appeared during the last 25 years, there
is still no clear definition of the best available technoi-
ogy, especially when economic constraints are consid-
ered.

Resecarch on oil separation techniques has been con-
ducted by major oil producers, American Petroleum In-
stitute (API), several universities and U.S. Naval Re-
search., Numerous private concerns that develop and
market water treating equipment have also been in-
volved.

A vast amount of knowledge has accurnulated in the
field and no attempt will be made here to describe all
the water conditioning equipment that is available. The
examples that will be discussed were selected primarily
to illustrate the types of processes that have reached
widespread use in production operations. Equipment and
chemicals to carry out each of the various unit operations
such as filtration, solids contact clarification and flota-
tion are supplied by numerous companies. Identification
of specific companies or tradenames is not intended as
an endorsement nor as a recommendation for or against
any organization or product.

5.02 Solids Removal from Surface Supply Waters

Supply or make-up water for inland flooding opera-
tions most often originates from water wells but water

is occasionally taken directly from rivers or lakes. Water
supply wells are preferably completed in comparatively
deep aquifers bearing brackish or salt water that is unfit
for human and animal consumption or for agricultural
use. Fresh waters are occasionally used where supply is
ample. Seawater is normally used offshore and along
coastlines,

Some deep well waters contain less than 5 mg/L total
suspended solids (TSS) and are free of hydrocarbons and
dissolved oxygen. These waters can be injected directly
without solids removal treatment but should be handled
in totally closed systems to prevent air contamination (see
Section 1, Chapter 6).

Shallow well water from sand aquifers is often visably
turbid initially with more than 10 mg/L of clays, sili-
ceous silt and iron oxides. Water supply wells drilled
along shore lines of rivers, lakes and the sea can also
produce dirty water when first started up. The concen-
tration of suspended matter usually declines with time as
the wells are produced. The initial surge of high TSS
should not be allowed to enter the injection wells. A good
practice is to allow the wells to produce for several weeks
until the TSS content stabilizes before introducing the
water into the injection system. Alternately, temporary
filters should be installed.

As a general rule, shallow and surface water scurces
contain dissolved oxygen but the O, content may be be-
low saturation levels. When any amount of dissolved O,
greater than 0.3 mg/L is naturally present, it is generally
permissable to clarify the waters in open treating systems
without protection from additional air entry. The logic
here is that oxygen will ultimately have to be removed
especially if the supply waters are to be mixed with pro-
duced water prior to injection.

5.03 Open System Clarification

Open system treatment is particularly advantageous for
clarifying surface waters containing more than 50 mg/
L of suspended solids (continuously or occasionally) with
particle sizes predominately less than 20 micrometers
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142 Corrosion and Water Technology for Petroleum Producers

(microns, wm). In general, solids removal is accom-
plished by coagulation, sedimentation and filtration. Prior
settling of large, heavy particles is provided if necessary.

Coagulation is a process for destabilization and initial
aggregation of suspended matter. Chemicals such as iron
or aluminum sulfate are added at treating rates deter-
mined to be optimum by a series of previous on-site tests,
Surface charges (negative zeta potential) naturally pres-
ent on small suspended particles are partially neutralized
by the coagulant chemicals thus allowing the particles to
move closer together to form aggregates or clumps. Ag-
gregation is further promoted by gelatinous polymeric
substances, including hydrated iron oxide or aluminum
hydroxide precipitates, which enmesh the small particle
clumps into weblike masses called flocs. Coagulating and
flocculation aids such as activated (hydrated) silica and
synthetic polyelectrolyte polymers are often used with
the primary iron or aluminum coagulants. In some waters
containing natural coagulants, i.e., dissolved iron, the
polyelectrolyte polymer additives are used alone without
a primary coagulant. Coagulation and heavy floc for-
mation are strongly affected by water alkalinity. For alu-
minum coagulants the optimum pH is usually 6 to 7 but
the pH range for iron can vary from 4 to 10. Control of
pH is a vital part of the preliminary testing program and
the routine chemical treatment during continued opera-
tion.

Another factor that must be controlled in the coagu-
lation-flocculation process is the rate of agitation or mix-

ing. Standard practice is to provide rapid initial mixing -

for chemical dispersion followed by a period of rela-
tively slow agitation that allows the solids bearing flocs
to grow and settle. Specially designed flow through ba-
sins constructed of concrete are used in large volume
plant water treating. For oilfield use, it is generally pref-
erable to employ compartmented steel vessels called
flocculators or solids contact clarifiers. Details of their
design are available from suppliers such as Petrolite, In-
filco, Graver, Permutit and numerous others.

Within the solids contact clarifier units there are pro-
visions for sludge recirculation such that the chemicals
and incoming water are allowed to react in the presence
of preformed solids, sludge concentration with contin-
uous removal, and removal of treated water. Effluent water
is filtered to remove any residual entrained sediment.

5.04 Filters for Surface Waters

Filtration is often used as the sole means of solids re-
moval when TS$ concentration is low and majority par-
ticle sizes are relatively large (> 10 pum). Some onshore
installations for treatment of larger volumes of seawater
utilize open gravity filters. These are typically concrete
basins fitted with underdrains over which are placed
graded layers of gravel topped with sand fiiter media.
The top sand layer is about 30-45 cm (1 to 1.5 ft) thick

and effective sand size is typically such that 90% is larger
than 0.4 mm. Gravity downflow rates range from 1.5 to
6.5 L/min/m* (0.04 to 0.16 gal/min/ft%),

Graded bed pressure filters are used for filtering aer-
ated seawater offshore and for surface waters inland, es-
pecially in remote locations and where total water vol-
ume is relatively low. More detail on design of pressure
bed filters is presented later in this chapter.

The efficiency of pressure bed filters for removal of
fine particles (> 20 um) is improved by feeding 0.2 to
2.0 mg/L of an organic polyelectrolyte coagulant aid into
the incoming water line upstream of the filter units. This
technique works especially well with upflow “deep bed”
pressure filters. The point of polyelectrolyte injection
should be positioned to allow at least about 1.0 min con-
tact time before reaching the filter.

In a series of efficiency tests conducted on production
platforms in the Cook Inlet, Alaska, upflow filters with
polyelectrolyte prefeed consistently reduced TSS in the
seawater from an average of 80 mg/L to 2-3 mg/L. The
suspended solids were primarily glacial silt particles
ranging from 1.0 to 10 pum in size.

Some offshore instaliations clarify seawater with dia-
tomaceous earth (D.E.) filters. The number of inland in-
stallations using this method appear to be dwindling es-
pecially when handling corrosive municipal and plant
waste waters occasionally used as floodwater supply.

D.E. filters employ a body feed of fine grain diato-
maceous earth (silica remains of diatom one-cell plants).
The filter units contain multiple screen plates or frames
covered with woven fabric. Each plate is an integral fil-
ter in a group that is manifolded to a common outlet,
The fabric covered plates or frames are initially pre-
coated with a slurry of D.E. prior to each run and more
is collected from the incoming water to which the body
feed was added. Water solids are trapped by the accu-
mulating D.E. filter cake. The amount of body feed is
adjusted according to quantity and nature of solids to be
removed and the allowable throughput rate (character-
istics of the specific filter instaliation). Typical body feed
rates are 5 to 15 ppm fed directly into the raw waler
ahead of the filter unit.

D.E. filters process about 0.05 rn:‘/min/m2 (1.25 gal/

-min/ft*} compared with 0.6 m®/min/m? (12 gal/min/

ft®) for some high rate upflow pressure bed filters. How-
ever, the filtering area in D.E. filters, per unit area of
Space occupied, is on the order of 20 times greater than
that of fixed bed pressure filters.

D.E. filters can effectively remove smali particles down
to0 0.5 wm size when operating properly. However, they
have several disadvantages for ordinary oilfield appli-
cation. The maximum recommended solids ioad in the
water being treated is 30 mg/L, they require frequent
operator attention, disposal of used D.E. is a problem
and the screens are casily damaged which allows leak-
age. L’eau Claire Systems, Inc. (New Orleans, LA}, has
recently introduced a simplified D.E. filter design uti-
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Solids and Oit Removal

lizing tubular screens and either wet or dry filter cake
flushing which is reported to eliminate many of the prob-
lems traditionally associated with conventional D.E. op-
eration.

Various types of centrifugal separators are used to re-
move large (> 40 pum) solids. The most popular design
is the static cyclone type similar to those used to reduce
solids content in circulating drilling fluids. Some parti-
cles as small as 5 pm are removed but the removal ef-
ficiency for particles smaller than 20-30 wm is very low.
The best application for centrifugal separators in water
clarification is for solids load reduction upstream of D.E.
filters or solids contact clarifiers where space limitations
prevent use of settling basins. ‘

Tubular and cartridge filters are available in a variety
of designs and retention ratings. Low cost disposable
cartridges are used as guard filters downstream of main
filters or clarifiers to trap stray carryover particles. They
are used beneficially to remove sand grains or other
abrasive particles ahead of positive displacement pres-
sure pumps. They are also used as final filters at indi-
vidual injection wellheads. Low solids holding capacity
and the problem of cartridge disposal generatly limit use
of disposable cartridge filters to low volume systems or
to the guard applications mentioned. Cartridge elements
are rated for solids size retention ranging from < 1 pm
to > 100 wm but the most popular rention range in oil-
field use are the 10 to 25 pwm elements.

Tubular in-line pressure filters are available with
reuseable clements that eliminate need for frequent car-
tridge replacement and disposal. The elements are back-
washed in place either automatically or manually. Figure
2.5-1 shows the external appearance of a three element
manual unit (Ronningen-Petter Internal Backwashing
Multiplex Filter). In use, unfiltered water enters the bot-
tom inlet and flows up and around the internal filter ele-
ments which are stainless steel or fabric screens rein-
forced by perforated stainless steel backings. Woven fabric
sleeves have retention levels down to 1 to 3 wm. Slotted
metal and wire mesh screens are available in retention
ratings of 25 pm to 1600 pm which provides versatility
in media selection for specific needs. After clarification
during passage through the tube element walls, the cleaned
water moves into the top manifold and on to use. Inter-
nal backwash units utilize filtered water from in-service
elements to flush and clean one other element at a time
as required. The individual filter assemblies typically
contain 2 to 16 tubular elements providing up to 3.75
m’ (40 ft*) of filter area. Multiple assemblies can be used
to provide essentially unlimited throughput capacity.

5.05 Clarification of Produced Waters

The techniques and equipment required for optimum
Cleaning of produced waters containing oil and oily sol-
ids are quite different than the methods discussed pre-
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Figure 2.5-1. External appearance of a three element man-
ual unit (Ronningen-Petter Internal Backwashing Muitiplex
Fifter),

viously for surface supply waters containing only oil free
solids. In fact, large expenditures have been wasted in
attempts to use conventional solids removal procedures
for oily brine treatment.

Open system treatment of oily produced brines, par-
ticularly those containing hydrogen sulfide, can generate
large amounts of new solids. Exposure to air promotes
precipitation of calcium carbonate, elemental sulfur, iron
oxides and iron sulfides. Evaporation of light hydrocar-
bons and oxidation of heavier fractions increase adher-
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144 Corrosion and Water Technology for Petroleum Producers

ence of oil films to other solids and promotes stabili-
zation of gummy emulsions. Corrosivity is also increased,
For these reasons, most produced water handling sys-
tems are kept closed to exclude air.

5.06 Closed System Filtration

Closed in-line pressure bed filters are the most widely
used type of solids removal equipment for produced waters
because of simplicity and low cost. Their efficiency is
generally low after several months use because of foul-
ing by hydrocarbons and bacterial growth. A limited
number of installations utilize steam and detergent or
solvent cleaning on a regular schedule to maintain the

filter beds. Such practice is generally not feasible in or- °

dinary oilfield operations,

Figure 2.5-2 illustrates the components of a typical
downflow pressure bed filter. Graded sand and anthra-
cite coal are the most popular filter media. Throughput
rates are typically 0.1 m’/min/m? (2.5 gal/min/ft®) with
the fine-grain media illustrated in Figure 2.5-2. Larger
grain sizes allow longer filter runs and higher flow rates
but efficiency of small (< 20 pm) particle retention is
reduced.

Stacked or multimedia filter beds provide coarse to
fine filtration (in a downflow flow pattern) with deep bed
penetration and longer filter runs at high flow rates. A
typical multimedia filter contains a 0.5 m (1.6 ft) layer
of 1.0-1.5 mm anthracite over 0.2 m (0.66 ft) of 0.5
mm sand with one or more layers of 2.0 mm and larger
garnet or gravel under the sand. Rated throughput ca-
pacities up to 0.8 m’ /min/m* (20 gal /min/ft®) are avail-
able.

In all pressure bed filters, media size and available

WATER
IN
{ BAFFLE
SPREADER
FREEBOARD
LAYERS
OF COARSE "1-55‘0-2“”)
GRAVEL OR (1.5-
GARNET :
\ SAND OR ANTHRAG
17 s STRAINER HEADS

FILTERED ON LATERALS

WATER
out SOLID SUB-FILL

Figure 2.5-2. Typical downflow pressure bed filter.

water pressure (head) primarily determines the flow rate.
Flow rate limits the throughput and controls the number
of filter units required. As the media becomes clogged
with solids, the intergranular velocity at a specific flow
rate increases until shear forces compress portions of the
bed and hydraulically fractures it. Some of the trapped
particles then escape into the effluent,

Normal operating pressure for single and multimedia
vertical bed filters is about 500 kPa (72 psi). When pres-
sure drop across the bed reaches about 25 kPa (3.6 psi)
the filter run is terminated, flow direction is reversed and
the bed is backwashed to avoid solids breakthrough. In
high rate filters, allowable pressure drop is 1.5 to 2.0
times greater. Backwash rates are specified according to
bed design and must be sufficient to expand the volume
of the top layers by about 50-60% upward into the free-
board zone.

Upflow filters utilize multimedia beds and are physi-
cally similar to the downflow type. Excessive expansion
of the bed during normal upward flow (0.3 m’/min/m?
or 7.5 gal/min/ft?) is restrained by a steel grid at the
top of the bed. Water entering the bottom encounters
coarse media first and the fine top media last. With the
high upflow rates, fine particles penetrate through the
lower bed layers and lodge in the fine grained top layers.
Depending on particle size distribution, the whole bed
may be substantially filled with solids at the termination
of the filter run. Bed cleaning is accomplished by ex-
panding the bed first with air or natural gas and then
injecting a mixture of air or gas and water to unload the
trapped solids.

As stated under Item 5.04, deep bed upflow filtration
with a polyelectrolyte prefeed has been successfully used
where small (<< 10 pm) solids are being removed. The
same type of system with a cationic (positively charged)
polyelectrolyte prefeed and relatively large (1-2 mm) sand
layers is used as a combination oil coalescer and filter.
An example of this type unit is the L’eau Claire oil filter.
A detergent is periodically added to the flush water dur-
ing gas/water purge cleaning to strip adherent oil from
the sand media.

5.07 The Problem of Oil Carryover

A closed emulsion treating facility for separation of
produced water, oil and gas is depicted in Figure 2.5-3.
The treatment train may be more or less complicated than
that shown but usually includes some combination of the
vessels indicated.

Complete separation of the three fluid phases (gas, oil,
and water) is desired but is rarely if ever achieved. Op-
erational control is normally dictated by the maximum
allowable water content of the separated oil (usually no
more than 0.5 vol %).

The major concern of this discussion is the amount
and condition of oil remaining in the water discharge
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Figure 2.5-3. Closed loop emuilsion treating facility.

(carryover oil)., Carryover oil in produced water is rec-
ognized as a serious problem from both an economic and
technical viewpoint. Its worldwide impact is growing for
the following reasons:

1. Average produced water-oil ratios are increasing.

2. The number of water injection wells is increasing as
mote fields are converted to secondary and tertiary
recovery. (il and oily solids are primary contributors
to injection well plugging.

3. Public awareness of surface pollution and restrictive
legislation are limiting surface disposal options.

Residual oil in the produced water phase usually exists
as free entrained oil, emulsified oil and oil that is cling-
ing to solid particles. Free oil may be characterized as
the portion that will separate and float to the surface of
the water when held in a holding tank or skimmer vessel.
Emulsified oil exists as a more or less stable dispersion
of small droplets. Each discrete emulsion droplet has an
outer layer or skin of emulsion stabilizing agent. The

surface layer exhibits a net electrical charge that is suf-
ficiently strong to produce mutual repulsion to other like
charged droplets and thus retards coalescence or the
merging of several droplets to form one larger mass.

The rate of gravity separation of dispersed oil from
water is determined primarily by the density difference
between the two immiscible liquid phases, the size of
the oil droplets and the viscosity of the water.

When all other factors remain constant, the rise or fall
rate of a small (1 to 100 pwm) spherical particle in water
is approximately proportional to the square of the mean
radius. The stabilized terminal velocity (V) is given by
the following equation (Stokes Law):

2g a%d, — d
V= g a’(d, 5)
5n

where a is the radius of the sphere in ¢m, d, and d, the
densities of the water and the sphere respectively in g/
cm’, v the coefficient of water viscosity in poises and
g is the gravitational constant in cm/sec?. Dissolved salts
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Figure 2.5-4. Gravity separation of crude oils from produced brines—ltypical rates.

in the water increase density contrast but also increase
water viscosity that in turn slows the rise or fall velocity.

Typical rates of gravity separation of crude oil from
produced brines in a field holding tank are illustrated in
Figure 2.5-4. It can be seen that the separation rate de-
chines rapidly during the first hour and is typically low
after two hours. Generally about two hours retention time
is sufficient to remove most of the oil that will gravity
separate. However, the holding tank must be designed
properly with adequate baffling to avoid short circuiting
regardless of the size of the tank.

‘When all other conditions are constant and there is no
change in the nature of the oil and water, the residual
oil concentration in the water phase after quiescent hold-
ing for two or more hours tends to be independent of
initial o1l content as indicated by the data curves of Fig-
ure 2.5-4.

5.08 Factors Influencing Qil Dispersion and
Stabilization

Even pure oil can be caused to break up into small
droplets and disperse into water. The mechanical energy

required is largely dictated by the oil-water interfacial
tension (IFT), IFT is the force required to shear an oil/
water boundary and is measured as dynes per centime-
ter.

Crude oils are never pure in the sense that they contain
a variety of substances that are not simply hydrocarbons.
Some components contain oxygen and nitrogen atoms in
their molecular structure that gives them an affinity for
water. These so-called polar groups act as natural sur-
factants*and lower both surface and interfacial tension,
making the mutual blending of oil and water easier.

Depending on the nature of surfactants present and to
some extent the volumetric ratio of the principie liquids,
crude oils and water can produce water-in-oil (w/0) or
oil-in-water (0/w) emulsions. Most natural crude emul-
sions are of the w/o type wherein water is the internal
dispersed phase. Only a limited number of crude oils
naturally produce invert o/w emulsions. These can be
difficult to break and the separated produced water often
retains significant amounts of dispersed oil.

Some crude cil emulsions consist of oil dispersed in
water droplets that in turn are dispersed in oil, the ex-
ternal continuous phase (o/w/0). Such complex emul-
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sions probably occur naturally to some extent but the
author has observed them on several occasions in pro-
duction from wells being treated with water dispersibie
amine base corrosion inhibitors.

Emulsion upsets are known to occur when a group of
wells producing to a commen tank battery are all treated
with corrosion inhibitor over a short time period. A high
concentration wave of inhibitor entering the emulsion
treating facility produces “bad” oil that must be recycled
to reduce water content prior to custody transfer. In this
situation, it has been observed that carryover oil in the
water phase is also increased.

Laboratory tests have demonstrated that with certain
crude oils even ordinary concentrations, e.g., 15-30 mg/
L, of corrosion inhibitor significantly lower IFT and pro-
motes dispersion of oil into water. As pointed out in Sec-
tion 1, Chapter 3, Item 3.02, the amine constituents of
ordinary oilfield inhibitors have surfactant properties and
chemical emulsifiers are frequently added that promote
oil-in-water (o/w) emulsification.

Another source of IFT lowering surfactants are the de-
mulsifiers, e.g., chemicals used to break w/o emulsions
in field operations. Again, laboratory tests have dem-
onstrated that even small excesses of demulsifier chem-
ical over that required to break the primary emulsion can
cause transfer of oil into the produced water. The prob-
lem is particularly severe when inhibitor stabilized o/w/
o emulsions are present and when higher than normal
demulsifier addition is required to produce saleable oil.
The latter situation often develops when volume
throughput exceeds design capacity of the oil treating
equipment,.

The author has recommended for many years that in
addition to testing the water content of lease oil, the
chemical service companies supplying corrosion inhibi-
tors and demulsifiers should be required to monitor ef-
fects of their products on the carryover oil content of
produced water downstream of the emulsion treating fa-
cility. Such a program has been carried out for more than
ten years in several fields in West Texas. The type and
treating program for corrosion inhibitors are modified to
avoid excess slug concentrations and demulsifier addi-
tion is similarly monitored. Results have been a consid-
erable reduction in average oil content of produced water
and reduced expenditure for injection well clean out. No
loss in corrosion inhibition has been noted and demul-
sifier treatment costs have not increased.

In addition te the natural and added surfactants in the
produced fluid stream, mechanical factors also aggrevate
the carryover oil problem. Overloaded centrifugal pumps
running at excess speeds can act as homogenizers and
promote stabilization of oil in water dispersions. Liquid
impingement as sharp angle piping bends and splashmg
inside surface tanks has a similar effect.

In producing locations where special oil removal
equipment is being contemplated or has already been in-
stalled, all the contributing factors discussed here should
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be studied and remedied as feasible to reduce the car-
ryover oil load in the system.

5.09 Removal of Qil and Qily Solids by Coalescence

In Figure 2.5-3, a coalescer vessel is shown taking
water from the free water knockout (FWKQ) and the
emulsion treater. Some coalescers are nothing more than
compartmented tanks with internal baffles that reverse
flow direction several times to promote separation of
loosely entrained oil. Others use granular coalescing me-
dia such as medium coarse sand or carben particles that
are intended to temporarily trap and concentrate oil drop-
lets to larger sizes that separate more quickly. Granular
media coalescers are prone to fouling by clumps of oily
solids in the same manner as filters.

Entrained oil droplets that are too small to rise rapidly
for gravity separation can be caused to coalesce into larger
drops by passage through porous olecphilic (oil wetta-
ble) plastic media such as polypropylene or polyurethane
foam or fabric. One device of this type is illustrated in
Figure 2.5-5. In use, oily water flows to the interior of
the cartridge and out through the walls where coalesc-
ence occurs. Multiple cartridges are used in a single
housing to handle large water volumes,

Plastic foam coalescing media can process produced
water that contains little or no oil wetted solids but foul-
ing by oily solids is usually a problem. An oleophilic
foam separator designed to remove both oil and oil wet-
ted solids is depicted in Figure 2.5-6. Coalesced light oil
migrates through the foam pack and is automatically drawn
off. Heavy oil, paraffin and cily solids are retained in
the body of the foam pack by processes of adsorption,
coalescence and entrapment. As clogging of the foam
pack progresses, pressure drop increases and triggers an
automatic regeneration cycle. During regeneration, water
flow direction is reversed to close the check valves and
compress the foam pack. Water is flowed back and forth
to alternately compress and inflate the foam. The foam
pack is then purged with gas and rinse water and re-
turned to service. Compressible foam coalescers have been
in use in the petroleum industry since 1981.

5.10 Short Path Separators

Under constant conditions, an entrained particle in water
tends to rise or fall at a fixed rate called terminal veloc-
ity. The time for separation therefore depends on the length
of the path through which the particle must move to reach
either the surface of the water or the bottom of the con-
tainer. In ordinary settling tanks or retention basins, the
mean water depth is generally at least 1.0 to 2.0 m (3.3
to 6.6 ft). A 10 wm particle of silt with a density of 2.7
g/cm’® requires more than 3 hours to fall through 1.0 m
of water depth.

Short path separators provide closely stacked parallel
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CROSS-SECTIONAL
VIEW

(1} Perforated polypropylene core

(2) Corrugated primary coalescing medium
(3} Plastic perforated outer cage

(4) Polymeric outer wrap

(5) End seal with O-ring

Figure 2.5-5. Representation of liquid/iiquid (LL) oil coalescing filter cartridge. (Courtesy Pall Well Technology Corporation).

plates or small diameter tubes through which the water
flows without turbulence. Within the confined flow
spaces, oil droplets and sludge particles have only a short
distance (usually 4 to 10 cm or 1.5 to 4.0 in.) to rise or
fall to reach a solid surface where they concentrate. In-
clined parallel plate separdtors are available worldwide
from several manufacturers including Monarch Separa-
tors Inc., Houston, TX, Pacesetter Separator Co., Cor-
pus Christi, TX, (formerly Pielkenroad Co.) and Facet
Enterprises, Tulsa, OK. Various mechanical designs and
special features are provided under the trade names of
Parallel Plate Interceptor (PPI), Tilted Plate Separator
(TPS) and Corrugated Plate Separators (CPS). The es-
sential elements are depicted in Figure 2.5-7 to illustrate
the principle of operation. Their primary advantage is
that they provide in a small*space, with a flow through
time of 15-30 min, the same degree of separation achieved

in a much larger gravity settling tank in two hours or
more. They do not remove emulsified oil unless demul-
sifier chemicals are added upstream.

5.11 Separation by Flotation

Flotation is a well developed technology that has been
adapted to oilfield use for cleaning produced waters. The
operating principle depends on increasing bouyancy of
entrained oil and solids by attachment to gas bubbles.

Gas bubbies are generated by (1) releasing pressure
on water that has been previously charged with dissolved
gas or (2) by mechanically dispersing gas into the water
in a finely divided state. The latter procedure called in-
duced gas or froth flotation is most widely used in oil
production operations.

www.iran—-mavad.com

Slgo wigo sole @230

4——‘




Solids and Qif Removal

Figure 2.5-8 shows skeletal features of a four com-
partment, induced gas flotation machine. Qily water flows
through each compartment or cell in sequence. In each
cell is mounted a rotating gas induction (cavitator) mech-
anism with a stationary dispersion assembly as illus-
trated in Figure 2.5-9. Gas from the upper region of the
housing is sucked downward into the induction/disper-
sion device where it mixes in the form of small bubbles
into the incoming water. Treating chemicals added to the
oily water ahead of the flotation machine promotes sep-
aration (breaking) of oil/water emulsion and attachment
of gas bubbles to oil droplets and solid particles. The
resulting mixture of gas bubbles, oil and small solids
float rapidly to the top of each cell as a froth or foam.
Concentration and skimming is provided by a fixed sur-
face baffle that directs the oily foam over an adjustable
weir into a skimmings recovery channel taking effluent
from all cells. Oily waste is continuously accumulated
and drained off, and part of the released gas is recycled.

Some early oilfield installations used air as the flota-
tion gas. Most now employ field gas to minimize cor-
rosion and microbial fouling. Use of air free gas in the
sealed flotation machine offers the additional advantage
of stripping dissolved oxygen from the treated water.
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However, explosion proof electric motors and other ap-
propriate safety devices must be provided.

A flotation system design with no mechanical moving
parts has recently been put on the market. Gas is intro-
duced by means of an educator nozzle as depicted in
Figure 2.5-10. Flotation bubbles are created when the
gas/water mixture collides with the striker plate at high
velocity. A skimming trough is provided near the top of
the vessel to draw off the oily froth. Four cells in series
are normally used to provide multiple pass treatment.

Regardless of the bubble creating mechanism em-
ployed, all flotation devices are subject to upset and mal-
function if concentrated slugs of oil enter the machines.
Flotation is therefore normally used as a final or end of
the pipe treatment downstream of primary separation
equipment such as that depicted in Figure 2.5-3.

5.12 Qil Removal Process Control

Regardless of the type of oil removal process used,
reliable data are necessary to determine if the treated water
1s sufficiently free of residual oil and oily solids to meet
requirements for either surface disposal or subsurface in-
jection.

SCAVENGE GAS
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OIL AND GAS
DISCHARGE
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Figure 2.5-6. Oilfwater separator using oleophilic foam. (Courtesy Marco Seattle Company).
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Figure 2.5-7. Elements of a Short Path Separator.

Allowable oil content for surface disposal may be con-
trolled by government regulatory agencies such as the
EPA in the United States. Most states in the United States
also impose local limits. The applicable laws and reg-
ulations should always be obtained prior to planning a
surface disposal system.

The discussion in Section 2, Chapter 4 (Water Quality
for Injection) provides guidelines for estimating allow-

able amounts of suspended matter including oily solids
in water to be injected subsurface. However, no general
concensus has been reached on the concentration of free
entrained oil that may be considered detrimental to water
injection wells. Some operators set a goal of no more
than 50 mg/L (or ppm) as the average daily maximum
measured as free floating oil.

When setting any numerical limit, a practical problem
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arises as to how to measure oil concentration in water
with reasonable accuracy. First, if anything less than to-
tal removal is achieved (usual situation), the oil concen-
tration will probably vary significantly during each day.
Secondly, portions of water removed from the system
for analysis can provide erroneous data because of oil
separation in the sample containers or even in automated
continuous on-line analyzers.

Considerable improvement has been made in contin-
uous automatic oil analyzers but such instrumentation has
several drawbacks for use in typical oilfield operations.
These include high initial and maintenance costs, the need
for multiple testing units in large fields, and the chronic
problem of fouling by oily solids,

General practice is to periodically collect mulitiple grab
samples during an operating day and eventually accu-
mulate sufficient data to establish a statistical daily av-
erage oil concentration. Analysis for oil content may be
run on site but samples are usually submitted to a local
analytical laboratory. Samples should be taken on a reg-
ular schedule both up and downstream of any type oil
separation equipment to monitor removal efficiency. A
recommended sample collection procedure is outlined in
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Appendix 6A as an aid in improving reliability of grab
sample analysis.

5.13 Oily Waste Disposal and Injection Well
Cleaning

All of the various methods for separation of oil and
oily solids discussed in preceding sections of this chapter
produce some volume of relatively concentrated waste.
Free oil and associated solids may be diverted to the lease
stock tanks and eventually disappear into the pipeline.
High water content backwash from filters or coalescers
and separated sludges from flotation units must be elim-
inated in some other way.

Some locations are fortunate in having one or more
high capacity disposal wells that will accept heavily con-
taminated water. The disposal wells can be repeatedly
fractured to maintain injectivity if the location, thickness
and lithology of the disposal formation permits. How-
ever, the water base waste (backwash and flotation over-
flow) is often simply recycled back through the system
and eventually ends up in the primary waterflood injec-

SKIMMINGS RECOVERY CHANNEL MOTOR/GEAR REDUCER WATER/FROTH
MECHANISMS LEVEL
FLOTATION
MECHANISM
BREATHER
VALVE
GAS INLET ] LEVEL
\ ——i=|= j__\ | C>  CONTROLLER
| B | e IR
18 e TE T T ] waTeR
= | | l l OUTLET
| ] t )
) 1 ' ' ] 1/
™~ e 7
WATER OIL QUTLET
INLET
TREATING COMPARTMENTS

Figure 2.5-8. Induced gas flotation machine for water clarification. {Courtesy Petreco Division, Petrofite Corporation).
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MOTOR

GEAR REDUCER

' .~ SURFACE BAFFLE
R / ~ ADJUSTABLE

GAS BUBBLE
CONTROL RING

( g e SKIMMING
EDDY CURRENT —g.é-.-.og | X GATE
i a0000 .
BAFFLE < f 2 ; SKIMMINGS
e Y, RECOVERY
CHANNEL

VANED
CAVITATOR MECHANISM

Figure 2.5-9. induced gas flotation cell mechanism. (Courtesy Petreco Division, Petrofite Corporation).
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RECIRCULATION
WATER
RECIRCULATION

Figure 2.5-10. Static induced gas flotation cell. (Courtesy
L'eau Claire Systems, inc.).

tion wells during periods of upset. About the only al-
ternative is controlled incineration, which is too expen-
sive for most oilfields.

Gradual bleed-off of oily solids into waterflood injec-
tion wells is not necessarily all bad, especially if the pro-
ducing formation is naturally fractured. Slow fillup of
conduit fractures may indeed improve the flood pattern
and conformance. The situation that should be avoided
most is intermittant entry of concentrated slugs of solids
that can bridge and plug near the injection wellbores.

When formation face plugging does occur to the ex-
tent that injection pressure approaches fracture pressure
or intake capacity becomes too low, the injection wells
must be cleaned and stimulated. Simple backwashing is
often ineffective and may actually prove detrimental. An
additional problem is that oil and oily solids in the back-
wash water must be separated for disposal by some means.
Ordinary acid treatments of injection wells do not dis-
solve heavy hydrocarbons in the accumulated well sludge
deposits and frequently provide only temporary improve-
ment.

The best answer appears to be periodic cleaning by
injecting limited volumes of acid containing high con-
centrations (10-15 vol %) of micellar surfactant solvents
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such as NL Treating Chemicals CheckerSol additive.
These materials are capable of solubilizing heavy oils
and other organics and dissolving most of the usual res-
idue such as corrosion products and carbonate scale par-
ticles. After a soak period (12-24 hours), the solubilized,
dissolved and dispersed plugging material is swept away
from the injection wells by resumed water injection.
The micellar solubilizing chemicals are now being used
extensively at lower concentration (5 vol %) for acid
stimulation of producing wells. In badly fouled water
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injection wells, higher concentrations of the additives (10-
15 vol %) promote more complete solubilization of oily
sludges and extend the time period between treatments.
In fact there is growing evidence that a regular program
of injection well cleaning with the acid/surfactant sol-
vents may prove more cost effective than installation and
operation of surface water treating facilities such as gas
flotation. This is especially true where there are no ad-
equate means for disposing of the concentrated waste
discharge from the surface treating equipment.
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Conversion Factors

U.S. to metric factors:

To convert from Ta

acre .. hectare
FETR ..o reserennnsnsrnsevaersnsnsrannes metre?
AETETBBL 1uverrmrrrrrasmeneresscnsan metre?

barel (42 US gal) ..

harrsbiday {1 kg/dm?) ..tonnefannum

bamel/US lon ........ ..metre*/tonng
Britlsh Thermat Unit ...ceveereciniaes joule
BTUbhp-hour ... wattkilowatt
BToot’ ... kilojoule/metre?
BTUUS gallon . kilojoule/metre?
8RYminute ..... wall
BTUMr-foot? °F ... watvmetre® *C
BTU/pound mass ... jouleg/gram
centipoize ... ..pascal-second

centistoka milllmetre®/second

...metre*/day
foot¥fgound ...... metre’dlogram
foot-pound-forca
1| foot-poundsminute
gallon US liquid ...

qaiton UJS Hquid ...

grinAgallon US ., ,..gramvmetre?
horsepower Kifowart
harsepower-hour ........... S megajoule
inch .... ... millimetrs
inch? ... ....millimetre?
ineh? ... ... millimetre®

kilowatt-hour .. . ...megajoule
mile, RAULEAN .....ccereeeranaseen... XilOMELTE
mite, US slatute , ...Kitometre
mile* US statute .
mile (U5 stat,)rhour ..
ounce forcs av ........
punce mass av ...
punce US {luid ..
qunea US fluid
pint US dry
pint US llquid
pound force .,
pound mass av .
paund farcesinh? ...
pound mass/Aoor®
pound mass/US gallon .
ton force US .......
ton mass U5 short ..
ton mass US short

... Xilopascal

. kilograrvmetre®
gram/centimetre®
kilongwton
Xilogram
...lonne

Multipiy by
0,40469
4,046.9
1,233.5
0.15899
58.0304
0.37528
1,055.1
0.3930%
37.2590
278.718
17.5843
5.67026
2.32600
0.00100
1.00000
0.98692
0.30430
28.1361
0.02832
0.02832
0.06243
1.35582
0.0226¢
3.78531
0.00379
17.1184
0.74570
2.68452
25.4000
645.160
16.3871
3.60000
145200
1.60934
2.58989
1.60934
0.27301
28.3495
29.5735
0.02957
550.611
473177
4.44622
0.45359
5.89476
16.0185
0.11983
8.09644
907.185
0.907138

Equivalent metric to U.S. factors:

To convert from To
heClan . cooiiiviiemennrinssanansnnens acre
metre? .... ..acre

metre? . \.acre-fest

metra? ... ...harred (42 US gal)
AOANRIANNURY «evveesrrarmnnse e vacecs barreliday (1 kgidm™)
metre*tanne ... barrel/IS ton

joule avvrrees .. Britigh thermal unit

wattkilowart ..
kilcjoule/metre™ .
kilojoule/metre®

...8TUrbhp-hour
...BTWoot®
...ATUAUS gallon
BTW/minute
...BTUihr-foot? °F

wattmetre” °C
joutes/gram .
pascal-secand ...

millimetra¥rsecond ....
micrometre? ..

metre ...

liter ...

matre® ...

metra*/day ...footday
metreKilOQram ...cceemreecririeerean foot¥/pound
foule . foot-pound farce
watt . foot-pound/minuta
1105 G POR PPN gaton US liquid
metre? . gallon VS liquid
pranvmetre? .........o.vvvrenenennen Qrainigalion US
kilowatt ......, horsepawer
megajoule , horsepawer-hour
millimetre .. .inch

MUIEMER? .......eevemeeeeceribnerans inen?
milfimetre? ..., ineh®

megajoute . ...kilowatt-hour
kilometre ... .....mile, nautical
kilometre ... . mile, US statute
Kliomatre? ., ..mile. US statule
kilometre/hr ....mite {US stat./hour
NEWADN .\ veveeneerennrmannminsnans ounce force av
grAm . ran Qunce mass av
centimetra” ... ...ounce US fluid
117 .aunce U5 lluid
centimetre’ ...qint US dry

.pint US fquid
...pound force
...pound mass av
.pound forgesingh?

centimetre?

kilagram
ilopaseal ...

wilogram/metre? .. ..pound massifoat®
gram/centimetee? ..pound mas/US gation
kilonewton . ...c.eeeiins .ton force US

..lon mass US short
...lon mass US shont

Multiply by
2.47105
0.00025
0.10081
6.28981
.72
5.70602
0.00095
2.54443
0.02684
0.00359
{.05687
Q.17611
(.42692
1.000.0
1.00004
1.01325
1.28084
0.03531
35.3147
35.3147
16.0185
0,.73756
44,2539
0.26417
284173
0.05842
1.34102
0.37251
0.03937
0.00155
0.061102
0.27778
0.53996
0.62137
0.38610
0.62137
3.59694
0.03527
0.03381
11,9141
0.00182
0.00211
0.22481
2.20462
0.14504
0.06243
8.34541

“0.11240
0.00110
1.10231

(Courcasy 0il, Gas & Parroches Equipment, July 1986.)

Specific Gravity {sp.gr.) = Approximate g/cm?

Specific Gravity =

*F

'c
40 20 o0 20 40 6 8 100

141.5
131.5 + °API

141.5
sp.gf.

°AP| = -131.5

Temperature

2o 140

160 180 200 220 240 " 26Q 289
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Simplified Outline of
Corrosion Theory

Introduction 1A.1 Basic Definitions

Table 1A-1 defines several of the electrical, physical
and chemical quantities that will be considered in the
following discussion. The definitions are primarily for
review and orientation. The reader is referred to standard
physical chemistry textbooks for more complete expla-
nations of the quantities. References for further study of

This brief section is presented for benefit of persons
desiring a somewhat more theoretical treatment of cor-
rosion processes than that presented in the main text.
Being a summary, no attempt is made to teach funda-
mentals of the mathematics or physical chemistry in-

volved. e . . : . .
the principles described in this section are provided.
Table 1A-1
Definitions
Quantity Unit Symbol Description
Electromotive Force (EMF or Voit E Force or pressure that drives an electric current
Potential) through a closed circuit,
E=IR
Current Ampere Amount of current sent by one volt through a
resistance of one ohm.
E
| = ﬁ (Ohm's Law)
Resistance Ohm R Property of a circuit that retards or reduces
current flow.
E
R= —I'
Electrical Quantity Coulomb C Amperes X Time (seconds)
(or Q)
Faraday F 96,500 Coulombs. Quantity of electricity that will
deposit or dissolve one eguivalent weight of
any substance such as a metal.
Equivalent Weight (Ratio) & Atomic or molecular weight divided by valence.
Eiectrochemical Equivalent ' (Ratio} k Grams per coulomb that is electrochemically

oxidized or reduced at 100% efficiency.

e
k= E (for metals)

Redox Potentiai Volt E° Standard half cell potential under equilibrium

(zero current) conditions. See Table 1.1-1.
Corrasion Potential Volt Econr Potential of corroding metal vs. potential of

reference electrode.
Corrosion Current Ampere beonr Amount of current flow equal to:

(Proportional to Corrosion E
Rate) : —
R

where R is the sum of all resistances in the

cell.
Energy ar Work Joule J Volts x Coulombs

(or W)
Change in free energy, AG, is a measure of

electrical energy available from a system.
Gas Constant (Ratio) R 8.314 J/deg mole
Absolute Temperature Degree K deg C + 273.16
Effective Concentration Activity q Moiality x Activity Coefficient

(or a)

www.iran—-mavad.com

Slgo wigo yele @250




160 Corrosion and Water Technology for Petroleum Producers

1A.2 Fundamentals of Electricity and
Electrochemistry

Electric current flow is manifested as a form of energy
that can easily be transformed into other, more useful
forms such as heat or mechanical movement. The gen-
erally accepted physical concept of electricity is that of
electrons moving predominantly in one direction, pre-
sumably from atom to atom, through a conducting sub-
stance. An electrical conductor is by definition a mate-
rial through which electrons move with relative ease. The
direction of electron flow must always be from a point
of high potential to a point of low potential, and the po-
tential difference, AE, between the two points is the
driving force or voltage.

Any property or condition that opposes or dlmmlshes
electron flow can be considered and treated mathemat-
ically as resistance. Resistance in a conductor can be either
ohmic, inductive or capacitive in nature but the Ohm’s
Law relationship applies precisely with proper interpre-
tation.

Figure 1A-1 iljustrates the relationship of E, I and R
in a metallic circuit. For any value of E, a variable amount
of current I will flow, depending on the slope, m, of the
straight line representing R. Metallic conduction pro-
duces no change in the chemical properties of the con-
ductor.

When part of the electrical circuit is an electrolyte such
as salt water, electric energy moves through the liquid
by means of both negative and positive carriers known
as jons (electrically charged atoms or groups of atoms).
Electron transfer (redox) reactions occur at the liquid/
solid interfaces (see Section 1, Item 1.07),

A combination of two electrical conductors (elec-
trodes) immersed in an electrolyte is called a cell. The
total of the positive and negative current (resulting from

- — — — — — ——— ——

Figure 1A-1. Graphic representation of Ohm's Law.

+ and — jon movement) in the electrolyte of a cell g
always exactly equivalent to the total current carried in
the metallic conductors by electrons alone. In contrast
to metallic conduction, electrolytic conduction involveg
chemical reactions that occur at the electrode surfaces
and matter changes form, Electrochemistry is the science
which deals with the conversion of electrical energy into
chemical energy and vice versa.

Electrochemical reactions consist of two or more par-
tial oxidation and reduction (half cell) reactions. The
number of electrons released at one electrode is equal to
the number consumed at the other electrode and there
can be no net accumulation of electrical charge.

In an electrochemical cell such as a metal corroding
in salt water, the chemical work done by the system per
mol of reactant (metal) consumed is nFE, in which n is
the valence change, F is the Faraday and E is the cell
potential or emf. At the same time, the free energy of
the system decreases by the amount G (Gibbs free en-
ergy change), and:

AG = —nFE

The free energy change must be negative (a net energy
loss) for the reaction to be spontaneous. Thus, the sign
of the free energy change can indicate if a corrosion re-
action is possible. However, such calculations are rarely
made for practical corrosion studies since the magnitude
of AG is not an indicator of corrosion rate,

1A.3 Sign Conventions of Electrochomical
Reactions

When Luigi Galvani pubiished his studies of electro-
chemical action in 1791, the structure of matter and the
nature of electricity were not known. An arbitrary con-
vention was established which envisioned flow of pos-
itive current from positive electrode to negative elec-
trode. The cathode was designated as the electrode at
which current enters from the electrolyte or earth and
the anode as the electrode at which positive (conven-
tional) current Jeaves to return to the electrolyte or earth.
This directjon of current flow is opposite to the real path
of movement of electrons, as depicted in Figure 1.1-3,
Section 1. The concept of positive or conventional cur-
rent flow is still used in corrosion engineering and is
always implied when the sign of the current carrier is
not designated (see Section 1, Item 1.09),

Due to the confusion that persists regarding current
flow direction, corrosion scientists and electrochemists
now prefer to designate the anode of a cell as the elec-
trode at which oxidation (electron loss) reactions pre-
dominate. The cathode is the electrode at which reduc-
tion or the consumption of electrons occurs (see Section
1, Ttem 1.07).

In spontaneous local corrosion cells and in galvanic
(dissimilar metal) cells, the electrical energy is supplied
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Simplified Outline of Corrosion Theory

by release of electrons (oxidation) of the corroding an-
ode metal. As depicted in Figure 1.1-3, the cathode is
the positive electrode because its potential is less nega-
tive than that of the anode when measured against a ref-
erence or third electrode. Elecirons flow through the metal
path from anode to cathode to sustain the electrochem-

ical oxidation (anode) and reduction {(cathode) reactions.
" In electrolytic or impressed current cells, electrical en-
ergy is supplied by an outside source such as the gen-
erator illustrated in Figure 1A-2. In this situation, re-
duction (electron consuming) reactions occur at the
electrode connected to the negative pole (electron source)
of the outside generator. This electrode is therefore called
the cathode. Corrosion (electrochemical oxidation) oc-
curs at the anode connected to the positive pole of the
generator. The + and — or positive and negative des-
ignations on the poles or terminals of an electrical gen-
erator or rectifier are used strictly as conventional elec-
trical symbols. These electrical designations (+ and —)
have no meaning with respect to the electrochemical re-
actions that occur at the electrode surfaces in contact with
the electrolyte.

Electrons always flow from the anode through the gen-
erator to the cathode (same as in natural cells) and con-
ventional current flows from anode to cathode through
the connecting electrolyte or soil.

When the potential of an impressed current cell is suf-
ficiently high, electrons can be supplied by anodic oxi-
dation reactions other than corrosion of the anode metal
(see Section 1, Item 1.07). Noble metals such as plati-
mum and conducting non-metals such as carbon can serve

POWER SOURCE
+ -
t ®
© }
LLl
w CURRENT =
2 FLOW g
= S
ELECTROLYTE

Figure 1A-2. Impressed current or electrolylic corrosion cell,
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as anodes without corroding. In fact, impressed current
cathodic protection systems often utilize non-corroding
anodes such as graphite and platinum coated titanium.
Free O, and Cl, gases are formed at the inert anodes
because of electrochemical oxidation of H,O and C!” ions.

1A.4 Measurement of Cell Potential

The oxidation-reduction (redox) reactions in an elec-
trochemical cell are controiled by an ¢lectrical potentia}
at each electrode and the potential of the whoie cell, Ey,
is:

Ecet = Epeq T Erigne

where
E,.x = half cell potential of the left hand electrode
Eigne = half cell potential of the right hand electrode

The absolute value of E_, is experimentally difficult to
determine since the value changes as current is drawn
from the cell.

In practice, the emf of a cell is measured with a zero
current potentiometer using an internal standard or ref-
erence cell whose potential is known. When the potential
of the whole cell, E.; and the potential of either elec-
trode is known, the potential of the other electrode (half
cell) can be determined.

A common laboratory reference electrode (half-cell of
known potential) is the standard hydrogen electrode
(SHE). It consists of a platinized platinum electrode dip-
ping into a solution of hydrogen ions whose activity equals
1.000 while hydrogen gas bubbles over the electrode at
a pressure of 1 atmosphere. The potential of the standard
hydrogen electrode is arbitrarily assigned the value of
0.000 volt, and all other reference electrodes and half-
cells are compared to it.

1A.5 Standard Half Cell Potentials

Standard oxidation (redox) potentials, E,, (such as listed
in Section 1, Table 1.1-1) refer to the emf of cells in
which one of the half cells is the standard hydrogen elec-
trode (SHE). When a metal electrode surrounded by a
solution of its own ion at unit activity, is found to be
the negative pole of a galvanic cell of which the SHE is
the other electrode, the potential of the metal-metal ion
half cell is assigned a negative value, It is said to be
negative to the hydrogen electrode. Metals above hy-
drogen in Table 1.1-1 will electrochemically oxidize (lose
electrons) and go into solution replacing hydrogen. For
example:

(a) Zn® + 2HY = Zn** + H,

This equation represents the difference in the follow-
ing two half-cell reactions:

(b) Zn°— Zn*" + 2e (anodic oxidation reaction)

and
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(c) 2H* + 2e — H, (cathodic reduction reaction)

Experimentally it has been shown that the standard emf
of reaction (a) is 0.763 v. The measured emf is assigned
a negative (—) polarity.

Metals below hydrogen in the list do not easily force
the displacement of hydrogen from solution (equation ¢)
and their standard oxidation potentials are given a pos-
itive sign {+) for reference purposes.

1A.6 Non-Standard Potentials

The potential of a system in which reactants are not
at unit activity, may be calculated by the Nernst Equa-
tion:

E E0+23RT1 a (oxid)
= 3—1lo
nF & a (red)

where E is the actual half cell potential, E, the standard
redox potential, R is the gas constant, T is the absolute
temperature, n is the number of electrons transferred, F
is the Faraday constant, a (oxid) and a (red) are activities
of oxidized and reduced species. It can be shown by the
equation that as the amount of oxidized species, a (oxid),
increase; E anode becomes more positive or less nega-
tive (see following discussion of polarization effects).
E, for iron at 25°C, at unit concentration (1 gram-ion
in 1000 g H,0), is approximately -0.44 volts vs. SHE
(see Table 1.1-1). When Fe*™™ ion concentration is near
zero, E can be —0.7 volts vs. SHE. When Fe* ™ ion con-
centration at the anode surface is very high, E can be-
come more positive and drop to —0.2 volts vs. SHE."

. 1A.7 Polarization

Electrode polarization is defined as the deviation from
the open circuit (zero current) potential resulting from
the passage of current. Passage of current alters the ef-
fective concentration of a (oxid) and a (red) in the Nernst
Equation. As current flows, the anodic and cathodic po-
tentials are displaced from their equilibrium or rest val-
ues and approach each other.

Electrochemical polarization is caused primarily by two
factors affecting the reaction kinetics:

1. A slow step in the reaction sequence. This is called
activation polarization.
and

2. A deficiency of reactant available to the electrodes as
a result of slow diffusion.

This is called concentration polarization and primar-
ily affects only the cathode reduction reactions.

Equation (¢} under paragraph 1A.5 above indicates re-

duction of hydrogen ions to molecular hydrogen. The
reaction occurs in two parts:

(d) 2H* + 2¢ — 2H°
(e) 2H°— H, (slow step)

As part (d) occurs at the cathode, E, 4.4 is diminished
due to the slowness of part (e).

This is an example of activation polarization. If, how-
ever, a cathode depolarizer such as oxygen is present,
part (e) does not occur and instead:

(f) 2H* + 4,0, + 2e » H,0

which is a fast reaction. Thus, in the presence of oxy-
gen, corrosion is rapid since B4 Temains close to the
value of E° 0. Cathode polarization is small and an-
ode/cathode AE remains large.

The effective availability or rate of diffusion of H*
ions to the cathode (equation d) is also limiting and this
is an example of concentration polarization. One reason
why acidic solutions are highly corrosive to iron is be-
cause concentration polarization is minimal at the cath-
ode.

1A.8 Polarization Curves and Mixed Potential
Theory

Graphical plots of electrode (half cell) potentials vs.
corrosion current illustrate the corrosion process. Figure
1A-3 is a schematical polarization diagram depicting
corrosion of pure zinc in hydrochloric acid. Note that 1,
for the H™/H, cathode reaction, corresponds to E, =
0.00 for the SHE half cell while I, for the Zn** /Zn an-
ode reaction, corresponds to the E, = 0.76 value listed
in the electromotive series (Table 1.1-1). This is the ini-
tial or open circuit potential for the zinc/zinc ion half
cell.

In the overall reaction, zinc metal dissolves (corrodes)
and H, gas is displaced from solution. The potentials of
the anodic and cathodic reaction sites (local electrodes)
are displaced as corrosion continues due to polarization
represented by the straight lines labeled Zn — Zn®* +
2e and 2H" + 2e — H,. At the point of convergence of
these hypothetical polarization curves, oxidation and re-
duction is occurring equally, viz.: zinc dissolution is equal
to hydrogen evolution. The cell potential at this point is
called the mixed or corrosion potential, E,,,. The cor-
responding corrosion current density, L., indicates the
rates of both zinc corrosion and hydrogen evolution.

The relationship between I, and corrosion rate can
be calculated by Faraday’s law:

M, = kC

M, = weight of metal loss, grams
k = electrochemical equivalent of the metal
C = coulombs, or I, (as amperes) X seconds
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Figure 1A-3. Polarization diagram of zinc corroding in acid.

For zinc, k = 3.4 X 10™ grams/coulomb. The k value
for iron is 2.9 X 107* grams/coulomb. This translates
to the value of 9.1 kilograms (20.1 Ib}/amp-year dis-
cussed under Section 1, Item 1.21, for electrolytic cor-
rosion of steel. A current density, I, of 1 |.u,a.mp/cm2
roughly corresponds to a corrosion rate of 1 mil pene-
tration/year or 5.5 mdd for most metals.’

Referring again to Figure L A-3, it can be seen that the
position of the point L, is determined by the slopes of
the cathode and anode polarization curves. For example,
if the slope of the cathode polarization curve is moved
sharply downward, it would intersect the anode polari-
zation curve at a lower value of I, and the rate of cor-
rosion would decrease, This effect can occur if a chem-
ical inhibitor is added that slows the cathodic reaction
(H; generation). The cell is then said to be under cathod-
ic control and the chemical additive would be classed as
a cathodic inhibitor. The slope of either curve is com-
puted as

AE

Iapp]ied

and thus has the mathematical dimension of R as in Ohm’s
Law (Fig. 1A-1). For this reason, any condition which
retards polarization (a change in halif cell potential E} is
called polarization resistance. For example, it was shown
in Item 1A.7 that presence of oxygen retards cathode
polarization and, in this case, polarization resistance is
high since E.., remains high.

1A.9 Experimental Determination of L,

It has been established that in an active corrosion cell
the rate of metal loss is proportional to I, or it can be
said that the corrosion rate is determined by corrosion
current. Therefore, several procedures3 have been de-
veloped to measure L. in order to prove the mixed po-
tential theory and to rapidly measure corrosion rate un-
der controlled conditions.

In one method, a metal specimen, called the working
electrode, is placed in an electrolyte together with a ref-
erence electrode. Current is impressed onto the working
specimen by creating a voltage difference between it and
a third or auxiliary metal electrode in the same solution.
The combination of the working electrode and the aux-
iliary electrode immersed in an electrolyte and connected
to an outside power source is, therefore, an electrolytic
cell. When the auxiliary electrode is made the anode,
the working electrode becomes the cathode and is ca-
thodically charged. Since this is an electrolytic cell, the
cathodic charge or voltage is assigned a negative (—)
polarity sign (see 1A.3). As current is incrementally in-
creased, the voltage or potential of the working electrode
is measured against the reference whose potential re-
mains relatively constant. Each change in potential is
plotted for each controlled change in current to establish

E
the relationship 1 This is called a potentiodynamic test

in the cathodic direction. Application of current is con-
tinued until each additional increment of current pro-

www.iran—-mavad.com

Slgo wigo yele @250




164 ‘ Corrosion and Water Technology for Petroleum Producers

+
Initial
Mixed_ leor
Potential N (Approximate)
Emeasur ad

I

log scale)

applied (

Figure 1A-4. E Log | Curve,

duces a large but consistent change in potential and the
plot becomes linear. If E is plotted against the logarithm
of applied current I, the result is called an E log I curve
(see Fig. 1A-4). The bend or knee in the curve where
the linear (Tafel) slope commences is taken as the point
where I 15 equivalent to T,

The E log I procedure has been applied in field tests
where a well casing is the working electrode. The casing
potentiat is measured at the well head against a copper-
copper sulfate (Cu/CuS0,) reference as current is in-
crementally applied from a power source such as a weld-
ing generator through an auxiliary anode bed. The test
data are used to estimate cathodic protection current re-
quirement.*

Such data plots represent the cathodic polarization curve
for the specific working electrode (casing) and its spe-
cific environment. Note that in practice the data curve

for is not a well defined straight line and validity

applied
of thgp graphical determination of the value of I, (and
thus the cathodic protection current requirement) is still
being debated.®

1A.10 Linear Polarization

An alternative (and more accurate) procedure to the E
log I method for finding L., is called linear polarization.
This technique (also called polarization resistance) is im-
portant to petroleum operations as a very rapid way to
measure corrosion rates in the field. A description of test
instruments using this method (corrosion meters) is given
in Section 1, Item 10.03.

The sensing elements of the corrosion meters may be
simple cylinders of metal as shown in Figure 1.10-6.
One cylinder acts as the working electrode and one ig
the auxiliary. A power supply in the instrument forceg
a voltage difference between the working and auxiliary
electrodes. The auxiliary may also serve as a reference
(Magna Corrater™) or a third metal reference electrode
may be provided (Petrolite PAIR™). The applied current
density required to shift the potential of the working
electrode by 10-20 millivolts is measured by the instru-
ment and converted to corrosion rate (usually as MPY),

The working electrode offers a certain reluctance or
resistance (R) to the forced shift in potential and this
effect (within 10-20 mv range) has been found to be pro-
portional or linear to I,,,. The electrochemical relation-
ship is expressed mathematically as:

AE
— =k Icon'
Al

where AE = a small potential change of a corroding
specimen (usually 10—20 millivolts)
AI = the current required to produce AE (mil-
liamperes)

k = proportionality constant, which depends on
the valence and density of the metal and on
the electrode area and spacing

I..x = corrosion current

The term, k L., has the units of resistance as dictated
by Ohm’s Law where:

E
R=-
I
Most field instruments for measuring instantaneous
corrosion rates by the linear polarization or polarization
resistance method are preprogramed to convert measured
current at a fixed AE into mpy (mils penetration per year).
Some research has been done to adapt the linear po-
larization technique to well casing current requirement
for cathodic protection.

el

1A.11 Passivity and Anodic Protection

In laboratory corrosion studies, polarization plots are
derived under carefully controlled conditions for observ-
ing corrosion behavior of various metals in various en-
vironments. In typical experiments, polarization of the
metal specimen is forced by application of either anodic
or cathodic current from a second electrode. The data
plots or polarization curves are usually not simple straight
lines as was depicted in Figure 1A-3.

In the example plot shown by Figure 1A-5, a mod-
erate level of corrosion is indicated by the initial value
of I,. This may be the corrosion rate of clean carbon
steel in aerated salt water. As the potential E of the spec-
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Figure 1A-5. Example of an Anodic Polarization Plot for an Active-Passive Metal.

imen is forced to a less negative (more anodic) range by
applied current the corrosion rate increases along the line
Jabeled M — M™* + e.

At and above a certain potential, the value of I,eq
(corresponding to corrosion rate) drops to a low level
and remains as long as E stays within a certain range
labeled Passive. This means that less anodic current is
now required to shift and hold the corrosion potential
E.. than was initially required through the active region.
An explanation for this effect is that the applied anodic
current causes a very dense and complete layer of pro-
tective iron oxide to form on the metal surface. The metal
_ is now anodically passivated and corrosion will remain
low as long as the potential is held in the required range.
This effect is called anodic protection. If the anodic cur-
rent is interrupted and E drops to the active range, cor-
rosion restarts. If E is forced toe high, very aggressive
corrosion takes place in the transpassive region.

Anodic protection is being applied to steel tanks hold-
ing concentrated sulfuric acid for example. Current and
potential are constantly monitored by electronic equip-
ment utilizing an inert electrode (cathode) mounted in
the tank. This is an appropriate application of anodic
protection because concentrated sulfuric is an oxidizing
acid.

Anodic protection is under consideration for corrosion
control on offshore drilling/production platforms in lieu
of cathodic protection. However, maintenance of the
passivating oxide surface films is difficult in sea water

and there is real fear of catastrophic corrosion if the pro-
tection system fails even for a short period.

Certain stainless steels spontancously passivate with-
out applied current under oxidizing conditions (see Sec-
tion 1, Item 1.15). A polarization plot for 18-8 stainless
in aerated sulfuric acid may look similar to Figure 1A-
5 except curmrent density (indicative of corrosion rate) is
natural and not applied.

1A.12 EMF-pH (Pourbaix) Diagrams

Thermodynamic calculations have been used to con-
struct diagrams indicating equilibrium forms of metal
compounds that are most stable (lowest free energy state)
at specified conditions.® Figure 1A-6 shows a simplified
EMF-pH diagram for the Fe-H,O system where potential
is plotted against pH value (portions omitted), The EMF
is related to oxidation state and pH indicates acidity, both
of which strongly influence solubility and phase stabil-
ity.

In the sample diagram, the lower region marked Fe
indicates essentially stable iron (no corrosion) as might
be achieved by cathodic protection. The left upper por-
tions shows ionic species being the thermodynamically
stable forms of iron and thus implies corrosion. The up-
per right region labeled Fe(OH), suggests that over the
corresponding ranges of metal potential and solution pH,
the iron should be anodically passivated.

In common with other thermodynamic approaches, the
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Figura 1A-6. Gross features of an EMF-pH diagram for
Fe-H,O system.

EMF-pH diagrams represent equilibrium conditions and
should not be used to infer corrosion rates, However,
the diagrams can be an aid in controlled corrosion re-
search experiments. For example, Silverman employed
Pourbaix (pronounced poor-bay)diagrams in the diag-
nosis of real in- plant corrosion problems involving ti-
tanium exposed to a concentrated acidic salt solution and
cadmium in a system containing a corrosive complexing
agent.”

This limited discussion of Pourbaix diagrams has been
included simply to provide the reader a level of recog-

nition when the diagrams are found in technical papers
dealing with corrosion.
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Additional Information on
Corrosion Inhibiting Chemicals

2A.1 Oxygen Corrosion Inhibitors

Because oxygen corrosion or rusting is so common
and obvious to everyone, it is natural that some of the
first compounds used for corrosion control were mate-
rials added to boilers and cooling water systems exposed
to air. Early day operators of steam generators and boil-
ers treated their water with wood chips or bark to reduce
both corrosion and scaling. The tannic acid and other
wood extracts consumed some of the oxygen and also
acted as rust inhibitors.

Later it was discovered that complex salts such as so-
dium chromate (Na,CrQ,), sodium phosphates (Na,PO,)
and sodium nitrite (NaNO,) arrest oxygen corrosion es-
pecially when alkalinity is increased with caustic (NaOH).
Complex phosphates such as sodium hexametaphosphate
{NagPs0,4) were developed about 50 years ago and are
still used in cooling and boiler water treatment.

More recently zinc salts of organic phosphonic acids
have been employed in the treatment of aerated cooling
waters for replacement of chromates. Use of chromates
is declining because of toxicity and pollution control reg-
ulations. Sodium molybdate (Na,MoQ,} is also being used
as a chromate replacement.

The exact mechanism of inhibition by these materials
is not yet understood. Chromates, nitrites and molyb-
dates apparently act by promoting formation of stable
iron oxide films on steel. The films are electrically con-
ductive which indicates they do not inhibit by increasing
electrical resistance. Further, the oxide films are cathod-
ic to the underlying steel surface. For example, when
chromate inhibitor concentration is too low, the chro-
mium containing film actually promotes corrosion at areas
(anodes) where the film is disrupted or broken. When
chromate concentration is high, the entire coated metal
surface behayes as a noble cathode, i.e., it is passivated
(see Appendix 1A, Item 1A.11).

Low-hardness waters containing some dissolved iron
can be inhibited with silicate salts to prevent oxygen cor-
rosion. In this case, the silicate salts themselves do not
form the protective iron oxide film but evidently strengthen
it.

The example of zinc salts of organic phosponic acids
is a case where both the anion (phosphonic acid) and the
cation (Zn*™) help to form a protective inhibitor film.
Zinc is used as an adjunctive inhibitor, not only with the
organic phosphonic acids, but with inorganic phosphoric
acid as well. Ternary mixtures of zinc, phosphate or
phosphonate, and chromate salts form highly effective
oxygen corrosion inhibitors in recirculating cooling sys-
tems.

An example of organic anionic (negatively charged)
oXygen corrosion inhibitors, is the salts of organic acids.
Typically the organic acids have in their molecular struc-
ture, acid groups such as:

COOH

{Carboxylic)

{Sulfonic)

R represents a hydrocarbon chain or ring.

For rust prevention in cutting oils and lubricants the
sulfonic acids have proven to be one of the best of this
class of chemicals. Their structure can be represented as
follows:

H
C
R—-ﬁ/ \(Iz_so3- H*
R——C\C ///,CH
H

Here, R is a fatty or alkyl chain attached to the ring.
Without the —80,~ group, the alkyl substituted ring
compound is simply an oil or heavy hydrocarbon. When
crude oil is treated with strong sulfuric acid (H,SO,),
some sulfonic acids are formed which can be separated.
Their salts are the “petroleuvm sulfonates.” The —SO;Na
group, formed by neutralizing the sulfonic acid with
caustic (NaOH), makes the oily molecule more water
soluble or hydrophilic. Thus, the final material is made
up of a large, oily, hydrophobic {or lipophilic) residue
and the water loving hydrophilic solubilizing group. The
hydrophobic-hydrophilic balance determines the solubil-
ity of the material. In a sense, the material is too oily
to stay dissolved in water and too hydrophilic to remain
in true solution in oil. Therefore, it accumulates at oil /
water interfaces and at liquid /solid intetfaces such as the
surface of a metal immersed in water.

Another good anionic organic inhibitor of oxygen cor-
rosion is mercaptobenzothiazole or MBT. It is usually
employed as a sodium salt:

\

-8 —Na*

N

S

The carbon atoms in the rings are omitted here for sake
of simplicity.
In practice, the inhibitor chemicals are rarely used alone.
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Literally thousands of combinations in various propor-
tions have been employed in commercial inhibitor prep-
arations.

In open cooling water systems, the total concentration
of mixed inhibitors is usually held within the range of
50 to 100 mg/L (ppm) by frequent additions. In plant
operations, the cooling water treatment program is nor-
mally controlled by a contract water service company.

In closed systems, such as automotive radiators, a one
time treatment of as much as 0.5 weight percent is ap-
phied.

2A.2 Cationic and Mixed Charge Organic
Inhibitors

A majority of the inhibitor compounds used for treat-
ing oil and gas wells contain one or more of the amines
discussed in Section 1, Item 3.02. The amine functional
groups are attached to large alkyl hydrocarbon chains or
form a part of imidazoline ring structures to which long
alkyl chains are attached:

a. CH; (CH.),NH,
n = 1110 17 typically (alkyl chain}

b. RNH(CH,),NH,

Primary monoamine

Diamine with primary

R = CH3(CHy),~ and secondary aming
n=1¥1o 17 groups
N—-CH, Imidazoline with tertiary
amine group
c. R,-C
~
N—-=CH,
I
Rz
Ry = CHi{CH,),~

R; = Same or may be H™,
"(CHZ)HNHQ, etc.

The amine groups are alkaline (basic) and readily take
on hydrogens ions (protons) to assume a net positive
charge;

RNH, + H® — RNH,*
(amine) (hydrogen (protonated
ion) amine)

Hydrogen ions are, of course, readily available from
water and acids. The protonated amine is a cationic (pos-
itively charged) surfactant which strongly adsorbs to metal
surfaces.

A particularly effective inhibitor composition is formed
when a long chain diamine is protonated with an organic

. acid to form an amine-acid salt or soap:

[RNH, (CH,),;NH,]** - 2[RCOO]"

Here we have both cationic {positive) and anionic
{negative) functionality. Due in part to the anionic func-
tionality, these mixed charge inhibitors can perform bet-
ter in the presence of oxygen than the unreacted amines
alone do.

The amine-acid salts and the imidazolines are the two
products most widely used for preparing general purpose
oil soluble and water dispersible oilfield inhibitors (see
Section 1, Item 3.06). Treating procedures are listed in
Section 1, Item 8.11.

2A.3 Reference List of Inhibitor Chemicals

Table 2A-1 lists many of the most widely used inhib-
itor chemicals according to their group classifications:
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Table 2A-1
Inhibitor Chemicals
Group Class Compound Applications
Inorganic Phosphates Boiler feedwater, with caustic
Anionic Sodium ortho ........ {NasPO,) (NaOH) and dispersants
Sodium pyro ......... {NasP,0;)
Sodium tripoly ....... {NagP;0,4) Cooling water, with phosphonates,
Sodium hexameta . ... (NagPeO1q) chromates and dispersants
Chromates Cooling water, with phosphates,
Sodium chromate (NaCrQ,) phosphonates and dispersants {Use
Sodium dichromate (NazCr,0;) limited by toxicity)
Sodium molybdate (NazvoQ,) Use same as chromates
Silicates Low salinity {fresh) water distribution
Sodium meta {NapSi0,) systems
Sodium ortho (Na,Si0,)
Borates Autornotive cooling systems, with
Sodium meta (NayB,0,) phosphates, nitrite, and MBT
Sodium tetra {Na,B,O;)
Nitrite Same as Borates
Sodium {NaNG,)
Organic Sulfonates Cutting /cooling ocils
Anionic Alkyl Aryt Lubricants
(R-S0;7, Na* or Hydraulic Fluids
Ca*)
Mercaptobenzothiazole {MBT) Automotive (see Borates)
Sodium MBT Glycol dehydration systems (see Section 1,
Chapter 8, ltem 8.15)
Triazoles Antifreeze inhibitors for protection of copper
Benzo
Tolyl
Thioureas Drilling flpid additives
Alkyl (RNH,},CS Detergents (concentrated)
Acetylenic Alcohols {(RC = CROH) Acid inhibition, with complex amines
Propargyl
Hexynol _
Phosphates N(RPO,™ Na, )3 Cooling water, with chromates, phosphates
Aming, polyalkyl and zinc salts {primarily for scale
-sodium salts inhibition and silt dispersion)
QOrganic Amine/Acid Salts Base materials for oilfield inhibitors
Cationic

Typically, high molecular

weight diamines RNH(CHz)sNH;
combined with high R:COCH
molecular weight
organic acids
Imidazolines N—=CH,
e
AR,-C
N
N——-CH,
I
R.
Amides
. R CONH,
Quaternary ammonium B
salts [RaNT*[CY]
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Scaling Tendency
Calculation Examples

3A.1 Calcium Carbonate

(a)

Refer to the water analysis of Sample 1, Table 2.1-
6, Chapter 1, and the calculation procedure under
Item 2.05, Chapter 2, Section 2.

CALCULATE
SI = pH ~ pH; = + 1.0 at 50°C (122°F)

The value of pH, for this water is computed as fol-
lows:

STEP 1—compute ionic strength (use Table 2.2-2)

fon mg/L fonic Strength
Na* 1372 0.03 {includes K*)
Ca** 101 0.005
Mg** 28 0.0023
CI~ 2265 0.032
50, 24 0.0005
HCO; 165 0.0013
Total fonic Strength = 0.0711
STEP 2
K from Figure 2.2-1 = 1.7
pCa from Figure 2.2-2 = 2.6
pAlk from Figure 2.2-2 = 2.6
pH, = 6.9
STEP 3
SI=79 — 69 =+1.0
(pH)  (pHs)

(b)

With an SI value of +1.0, the water (as repre-
sented by the analysis) has a definite tendency to
precipitate CaCOj; scale.
Assume that the water is saturated in the water sup-
ply system with a gas containing 4 mol percent CO,
at 5 bar (72.5 psi) total pressure.
What is the actual pH in the water supply system at
50°C?
‘What is the SI for CaCO, in the system?

See calculation procedure under Item 2.05, Chapter
2, Section 2.

(0)

STEP 1
165 X
mg/L HCO;™ 0.82
R = (mg/ 3 ) =237
0.04 X 1430
(mol fraction (8; from
COy) Fig. 2.2-3)
STEP 2

Applying R to Figure 2.2-4, system pH is about 6.6
compared to the value of 7.9 shown by the analysis.
Substituting this pH value for the analysis pH and
using pH; from (a) above

SI= 66 — 69 =
(pH)  (pH))
The water should not deposit CaCO, scale in the water
supply system at 50°C.

The following is an alternate digital method for cal-
culating pH, without use of charts: .

-(.3

Table 3A-1
Determination of Saturation pH by Hand Calculator’

Calculation Procedure

h BN —

~ N

9.

. Enter ppm Ca as CaCQ,

. Multiply by total alkalinity as ppm CaCO,

. Take log of the product, stare in memory, and clear

. Enter water temperature, degrees Fahrenheit

. Multiply by temperature coeff.: T < 77° = 00142, T > 77° =

0.00915

. Add memory to product, store sum in memory, and clear
. Enter total dissoived solids in mg/L, and take log
. Multiply by 0.10, add constant per temperature: T < 779, 12.65;

T>77° 1227
Subtract memory, round off to nearest hundredth as pH;

Example

Ca = 132, Total Alx. = 107, T = 55° F, TDS = 296 mg/L

log 132 X 107 = 4.15

55 X 0.0142 = 0.78 (+4.15 = 4.93)

log 296 x 0.1 = 0.25 + 12.65 = 12.90 — 4.93 = 7.97, = pH,

'Excerpt from the titled paper by J. R. Hefler, NACE Materials Per-
formance, vol 22, no 4, April, 1883, p 20--22. (Courtesy NACE).
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176 Corrosion and Water Technology for Petrofeurn Producers
3A.2 Caicium Sulfate 20/80 Mixture Sample 4
Refer to the water analyses of Samples 2, 3, and 4, (CaSQ.] =18 _ 9
Table 2.1-6 and the calculation procedure under Item 2.07, E&' " ﬁ;&: gog 33?4 04 ;’ggf :2%;569_2 1444
Chapter 2, Section 2. . 1404 1444 , .
(a) Calculate SI values at 60°C for Sample 2 (scawater) C o733 692
and Sample 3 (connate water). Use meq/L. K, =18 ~19 =16 9-21=7
Over saturated at 60°C Approximately saturated
at 60°C
Sample 2 Sample 3 1.9 2.1
[CaSO,] = 23.2 85 M = Al — =023
ECl = 541 — 23.2 = 31 9331 - 85 = 925 _ _ _
NM = 4845 + 111.0 =506 1374.0 + 232.6 = 1607 S ason - Bo =t ganze.
596 1607
R=—=19 , — =17
31 925
K, =23 -19=4 85 ~17 =68
Undersaturated at 60°C Approximately saturated (c) Forme.at_ion temperature is 90°C (184°F). Compute
at 60°C solubility of CaSO, and SI in these waters at 90°C
1.7 using Table 2.2-3.
M = — =02t
8.5
936 596
Sep = 23.2(—— + —) =413 1.2(6.8) =82
596 2808 20/80 Mixture Sample 4
Sl at 60°C = 232 — 41.3 = —18.1 85-82=+03
0.82(11) = 9 0.82(8) = 7
Stat90°C =18 — 9 = +9 SlatgC =9 -7 = +2

(b) Calculate SI value for a mixture containing 20 vol
% seawater (Sample 2) and 80 vol % connate water
(Sample 3). Calculate SI value for Sample 4 (pro-

duced water), Precipitation of 9 meq/L CaSO, from the 20/80

mixture at formation temperature leaves 18 — 9 =

Composition of 20/80 mixture: 9 meq/L CaSO, which compares with the 9 meq/L
CaSO, found by analysis in Sample 4, the actual

Na®  0.2(484.5) + 0.8(1374.0) = 1196.1 meq/L produced water. With these calculations, it is ap-
Ca™ 0.2(232) +08(8331) = 751.1 meq/L parent that the 20/80 mixture is supersaturated with
Mg™ 0.2(111.0) + 0.8(2326) = 208.3 meq/L CaSO, and that CaSO, scale had previously precip-

CI" 0.2(562.1) + 0.8 (2521.1) = 2128.3 meq/L itated from the produced water (Sample 4) prior to
SO,” 02(54.1) +08(85) = 18.0meq/L analysis. (See also comments in the next to last

paragraph of Item 1.10, Secticn 2.)

Note that the meq/L C1~ of theoretical mixture com-
pares with that of Sample 4 but meq/L SO,~ is twice
that of Sample 4. The low SO,” content of Sample
4 was noted in the discussion of Figure 2.1-5, Item
1.10, Section 2.
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Field Determination of
Approximate Bacteria
Populations in Water

(Modified from API RP38)

Procedure:

L.

Obtain a supply of filled nutrient broth bottles' (sul-
fate-reducing and general aerobic types) and a sup-
ply of sterile disposable syringes (3 ml capacity).’

Each complete test requires at least 12 bottles of each
type and four syringes. If desired, the sulfate-re-
ducing or general aerobic bottles may be used sep-
arately, depending on the type of organism that is
of greatest interest.

Arrange the bottles in duplicate rows of 6 each From
left to nght label the bottles 1, 107", 1072, 1077,

107%, 107 to indicate the dilution factor Be sure to
duplicate so there are two bottles for each dilution.
If both sulfate reducing and general aerobic counts
are being made, you will have 4 rows of 6 bottles
each.

. Pull the small circular metal tab off the top of each

broth bottle. Leave the stopper seal ring in place.
Do not open the bottles or break the rubber seal.

The water sample to be tested should be carefully
collected to avoid contamination. Allow the water
tap to flow at least 3 minutes to be sure a represen-
tative sample is taken.

Collect the sample in a clean sterile bottle and label
as to source, date, time and appearance. Prescrip-
tion bottles are suitable.

If sterile bottles are not available and you want to
run the test on location, you may coilect the sample
directly into a sterile syringe from the flowing water
stream,

. To use the syringe, open the paper package and re-

move the syringe (with the plastic guard covering
the needle). Tighten the needle with a clockwise twist.
Pull the plastic guard straight off the needle. Do not
twist. Do not touch the needle. Be cautious. The
needle is very sharp and dangerous.

. Draw water into the syringe from the water sample

container or directly from the flowing stream. Col-
lect at least 2 milliliters (cc) of water in the syringe.

'Nutrient broth bottles are normally available from companics sup-
plying biocides for oil field use.

Each bottle contains $ ml of nutrient broth. One additional m! is

added to each bottle during testing (10 ml total).
*Sterile disposable syringes may be obtained from medical or hospital
equipment suppliers.

10.

11.

12.

13.

. Point the needle upward at eye level so the plunger

in the syringe is visible through the clear plastic body.
Tap the body of the syringe, if necessary, to cause
all gas bubbles to rise. Slowly move the plunger up-
ward displacing all gas and some water out of the
needle. Stop the top of the plunger at the 1 ml (or
¢c) mark.

. Carefully insert the needle through the exposed rub-

ber seal of the first bottle labeled “17. Push the needle
all the way in so it extends into the liquid.

. Push the syringe plunger down all the way to dis-

place the 1 ml of water into the bottle. Keep the
needle inserted,

Slowly pull back on the plunger to fill the syringe
and then rapidly push the plunger back down to pro-
duce mixing of the bottle contents. Repeat this step
at least 5 times.

Draw about 2 ml of the mixed liquid from the first
bottle and withdraw the needle. Repeat Steps 7, 8
and 9 and transfer 1 ml to the second bottle labeled
1071.* Repeat Step 10 and proceed to successively
inoculate the remaining 4 bottles with 1 ml of liquid
each. Be sure the liquid in each bottle is thoroughly
mixed according to Step 10 before proceedmg to the
next bottle.

Discard the used syringe after inoculating the first
6 bottles. Use a new syringe for each group of 6
bottles and repeat Steps 1 through 11 for each group.

Store the inoculated bottles in a convenient place at
a temperature of 35—45° C. After 5 days observe
the phenol red broth bottles for color change from
red to yellow. The bottles that have turned yellow
will usually also look rurbid when contents are thor-
oughly shaken. The color change and turbidity in-
dicate positive growth of aerobic bacteria.

By this time, some of the sulfate reducer bottles may
have turmed dark. However, these should be stored
and observed after 21 days to be sure of a positive
test. Anaerobic (sulfate reducer) bottles are consid-
ered positive when even slightly dark. Turbidity while
remaining yellow is disregarded.

3] m! of mixed solution from Bottle 1 containg 0.1 or 107" ml of

original water. Thus, Bottle 2 is labeled 10™

! Bottle 3 is labeled 107

and so on.
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180 Corrosion and Water Technology for Petroleurn Producers

14. Estimate the most probable bacterial populations as
follows:

Aerobic Bacteria Test Suilfate Reducing Bacteria Test

Botile No. Most Probable Bottla No. Most Probable
Positive After Popuiation Positive After Population

5 Days Gells /mi 21 Days Cells/mi
1 1-10 1 1-10
10! 10107 107! 10-107
1072 10%-1¢° 1072 107-10°
1073 10°-10° 1073 10°-10°
1074 10*-10° io™ 10*-10°
1073 105108 1078 10%-10°

15. For subsequent tests of water from a single point
source, the number of dilutions used may be in-
creased or decreased as needed to bracket the usual
count range,
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NACE Standard TM-01-73

| technical practices committee (1984 Editorial Revision)
Item No. 53016

NATIONAL ASSOCIATION OF CORROSION ENGINEERS ’\

Test Method

Methods for Determining Water Quality
for Subsurface Injection
Using Membrane Filters

This National Association of Carrosion Engineers Standard represents a consensus of those
individuai members who have reviewed this document, its scope, and provisions. This Stand-
ard is intended to aid the manutacturer, the consumer, and the general public. Iis acceptance
does not in any respect preclude anyone, whether he has adopted the Standard or not, from
manufacturing, marketing, purchasing, or using products, processes, or procedures not in
conformance with this Standard. NACE Standards are subject to periodic review, and the user
is cautioned to obtain the latest adition.

CAUTIONARY NOTICE: This NACE Standard may be revised or withdrawn at any {ime without
prior natice. NACE requires that action be taken to reatfirm, revise, or withdraw this Standard
no later than two years from the date of initial publication. Purchasers of NACE Standards
may receive current information on all Standards by writing to NACE Publications Depart-
ment, P.O. Box 218340, Houston, Texas 77218.

Approved February 1973
Revision approved June 1976
Reaflirmed February 1853
Revision approved February 1984

National Association of Corrosion Engineers
P.O. Box 218340
Houston, Texas 77218
{713) 4920535

Copyright 1984, Natlonal Assoclation of Corrosion Englneers
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The National Assoclation of Corrosion Engineers Issues this Standard in conformity with the best currant technology regarding the
spacific subject. This Standard represents minimum requirements and should in no way ba interprated as a restriction on the use of
better procedures or materlals. Neither Is this Standard intended to apply in any and all cases related to the subject, Unpredictable
circumstances may negate the usefuiness of this Standard in specific instances.

The National Assoclation of Corrosion Engingers assumes no responsibility for the interpratation or use of this Standard.
Nothing contained in this Standard of the Natlonal Assoclation of Corrosion Engineers is to be construed as granting any right, by

implication or otherwise, for manufacture, sale, or use in connection with any method, apparatus, or product covered by Letters Pa-
tent, or as indemnifying or protecting anyone against liability for infringement of Letters Patant.

Foreword

Corrosion engineers in the ofl and gas producing industry are often charged with the respensibility of evatuating and controlling the
quality of injectlon waters. Unfortunately, much of the data available is inadequate, misleading, or dlfficult to intarpret, This Stand-
ard has been prepared by NACE Task Group T-1C-12, a component of Unit Committee T-1C on Detaction of Corrosion In Qilfield
Equipment, and is issued by NACE under the auspices of Group Committee T-1 on Corrosion Control in Petroleum Production to
provide standard test methods for use in avaluating water quality for injection waters.
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Section 1: General

1.1 This Standard describes two test methods for evaiuating
water quality for subsurface Injection: Procedure A—Rate vs
Cumulative Volume (for water quality monitoring} and Pro-
cedure B—Suspended Solids Test (for diagnosis or monitor-
ing). The methods are intended to provide standardized water
quality in the petroleum production Industry. The test methods
describe the apparatus requlired, test conditions, test pro-
ceduras, reporting procedures, and supplementary tests. Inter-
pratation of the results is beyond the scope of this Standard.
The bibliography will supply a source of interpretation
methods.

1.2 The injection behavior of subsurtace formations varles
widely, and interpretation of the rasults of water quality tests

is empirical, Application of the results obtalned by these tests,
therefore, will be strongly influenced by the requirements of
aach subsurface Injection project. This Standard provides pro-
cedures for monitoring water quality routinely to ensura that it
meets prevlously determined empirical water quality require-
ments and supplies standard quantitative methods for use in
dlagnosing water quality problems and dstermining water
quality for subsurface injectlon projects.

1.3 This Standard is applicable only when precautions are ob-
servad to ensure that the sample Is representative of the water
In the system of Interest. It is not the purpose of this Standard
to imply that the results or their interpretation may be arhitrari-
ly applied to other water Injaction projects.

Section 2; Definitions

2.1 Suspended solids, as used in this Standard, are defined as
the non-water, non-dissolved substances which exist in the
water. These may typlcally include, but are not limited to,
materials such as iron sulfldes and oxldes, precipltated car-
bonates and sulfates, sands and slits, oils and paraftins, and
materials of biological origin. The suspended sollds may also
be considered as the matertals In the water which may cause
plugging and loss of Injectivity in injection wells.

2.1.1 Primary suspended solfids or Inline suspended solids
are those substances that exist in the water in the system
at the time of sampling.

2.1.2 Secondary suspended soifids Include the primary
suspendad solids plus those that may be precipltated due

to aeration, ioss of dissolved gases, or aging of a water
sample removed from the system,

2.2 Membrane filter, as used in this Standard, refers to porous
disks composaed of pure and biologically inert cellulose esters.
Unless speaclfled to the contrary, the membrane filters have a
mean pore slze of 0.45 um (£ 0.02 um), a diameter of 47 mm, a
thickness of 150 um {10 pm}), and an average total pore
volume of approximately 80% of the total filter voluma.

2.2.1 Preweighed membrane tilters are those which have
been weighed prior to the test,

2.2.2 Matched weight membranes are those obtained
from the supplier in palrs with identlcal weights {+0.02
mg).

Section 3: Description of Test Methods

3.1 Rate vs Cumulative Volume Test (Procedure A}

3.1.1 This test method corsists of passing a flxed volume
of injectlon water through a membrane filter under con-
stant pressure and measuring the flow rate and
cumuiative volume of water at intervals.

3.1.2 This test Is primarily dasigned for monitering injec-
tion water quality. A plot of the flow rate vs cumulative
volume of water gives a general indication of the quality of
the injected water.

3.2 Suspended Solids Test {Procedure B)

3.2.1 This test method consists of collecting samples of
primary sollds as they exist in a water system. The Sus-
pended solids from several liters of water are collected on
a membrane filter in a manner that permits larger, more
representative samples than those obtained from bottie
samples.

3.3.2 This test method provides a simple procedure for
collecting samples useful in the diagnosis of problems en-
countered in handling water for subsurface injection. The
quantity of inline solids Is determined, The composition of
these solids also may be determined.

3.3 The suspended solids test and the rate vs volume test can
be run concurrently. .

Section 4: Test Apparatus

4.1 The test apparatus consists of the membrane filters, mem-
brane filter holders, sample receiver, sample connections and
fittings, and pressure regulation devices. As an alternative
when the test cannot be run on line as In Figure 1, a sample
reservoir may be used. Except as noted, the same apparatus is
used for Procedure A and Procedurse B,

4,2 Membrane Filter
421 The 47 mm diameter, 0.45 um membrane filter as

defined In Paragraph 2.2 should be used for the rate vs
cumulative volume test (Procedure A). The diameter of the

membrane filter is less critical when conly suspended
solids (Procedure B} are to be determined, but a fixed
diameter for all comparative tests is desirable. The mem-
brane should have a smooth surface to permit easy
removal of filtered sollds.

4.2.2 Matched welght membrane tilters may be used to
facilitate distinguishing of true suspended solids from
dissolved solids remaining after evaporation of water held
up on the filter. Since some waters are supersaturated in
soluble salts such as CaSQ,, the matched weight mem-
branes may glve 8 more accurate representation of true
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O-ring

4.3

44

Membrane

Filter ~— Vent Valve

Parforated
Support Ptate

FIGURE 1 — Example of a titer for 47 mm membrane
fliter disk. Construction is of corrosion resistant mate-
rials capabte of withstanding upstream pressure of 2000
psig. The holder Is designed for quick connection to a
water handling system to prevent detrimental aeration
effects, and ia also designed for rapid agsembly or
dismantling.

suspended solids in systems where these factors must be
considered. Matched weight membrans filters {Paragraph
2.2.2) are placed In a filter holder, superimposing one of a
pair on the other. The filter cake is deposited on the upper
filtar, and fiitrate passes through both, leaving behind an
equal amount of dissolved solids on both after evapora-
tion of water held up by thae filters.

Membrane Filter Holder

4.3.% The membrane filter holdar should be constructed of
corrosion resistant materials. For safety, it should be
capable of withstanding the pressure at the sampling
peint unless upstream pressure rellef Is provided,

4.3.2 The design should permit rapid assembling and
dismantling. The holder should be capable of ready con-
nection to the water system to prevent the effects of asra-
tion. It may be constructed of clear material to permit
observation of the membrane filter surface during the test,
Gas Is often trapped In the space over tha fiiter during
hookup. Provision should be made to remove this gas
pocket before flow through the membrane is startad.

4.3.3 The membrane tliter holder should be constructed 1u
prevent water from leaking arcund the edges of the mem-
brane, and the filter support should be free of sharp adges
which could perforate the membrane.

4.3.4 Figure 1 presenls an example of a holder which em-
bodies the basic réquirements. It is not necessary to dupfi-
cate the illustrated device if the specifications in Section
4.3 are met. If tilter diameters other than 47 mm are used
tor Procedure B, the holder must be modified accordingly.

Sample Receiver or Resarvoir

4.41 A graduated cylinder may be used as a sample
recaiver when the equipment is connected as in Figure 2.

4.4.2 I the test is run as is illustrated in Figure 3, the sam-
ple reservolr should be constructed to withstand
pressures above 20 psig {138 kPa). The reservoir should
have a capacity of 3 to 4 Hters (L) and be calibrated in 20
mL increments. It should be constructed of clear matarlal
to permit cbservation of the water level and measure-
ments of the filtered voiume. Reservoir components
should be mads of corrosion resistant materials.

Sample Manliold
~1/4 In. Nippig (316 55)
1/4 in, Block Valve {318 55}

14 in, Tes (316
55)

1 in, x 1in.
Reducar ‘ 114 0. Neadle Valve
Bushing 8 ssy

To Drain

- O W ——

Quick Connect Union
Toggte Valve

bt

Membrane Fihss Holder

Gradusied Cylinder ———m=f

—t

FIGURE 2 — Membrene fliter test apparatus showing
filter holder from Figure 1 connected to water handiing
system. The 1/4 in. block and needle valves near the top
kesp system pressure within set limits. Above filter
holder is a quick-opening toggle valve to allow im-
mediate full-stream flow vits| to timing accuracy.

Pressure Source

4 Pressure Gauge

[=+~— Calibrated Reservoir

T

T

| S

Toggle Valve

Membrane Filter Holder

FIGURE 3 — Two stage apparatus with pressure gayge
and regulator for repressurizing and testing sample
from reservoir rather than water handling system (Figure
2), ueed mainly when sample polnt cennot be aasily
adapted to on-stream appiication, Test conditions
match Figure 2's when N, Is used o raise prassure to 20
psig (see subssaction 4.5.2),
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4.5

5.1

Sample Connections, Fittings, and Pressure Regulation

451 Corrosion resistant fittings, valves, and tubing
should be used to connect the apparatus. It is desirable to
run the tests with the membrane filter holder connected
directly to the system, using suitable pressure regulators
and valves to set the test pressure {Figure 2). If the antire
apparatus can withstand system pressure, no pressure

relief is required. If, however, the system pressure is
greater than the recommended operating pressure of any
item of the apparatus, pressure rellet should be provided
with a pop valve, rupture disk, or other device.

4.5.2 If the raservoir {Figure 3) is utillzed, a suitable two-
stage pressure regulator will be required for repressuriza-
tion with nitrogen.

Section 5: Preparation for Testing

Weighing (Taring) of Membranaes for the Suspended Solids

Tests (Procedure B)

6.1

6.2

6.3

6.4

7.1

5.1.1 The membrane fiiter should be dried and weighed
prior to its use in Procedure B unless matched weight
membranes are used. .

5.1.2 The tare weights of membranes should be deter-
mined to the nearest 0.1 mg {constant weight).

5.1.3 These weights should be recorded on the container
(petri dish, plastic case, etc.) for the individual membrane,

Section 6: Test Conditions

Cleanliness

6.1.1 Prior to each test run, all parts of the tast apparatus
must be clean.

6.1.2 The tast points must be thoroughly flushed to en-
sure a representative sample.

Temperature

6.2.1 If the membrane holder is attached directly to the
system, the temperature at the sample point shall be
measured and recorded.

8.2.2 For a repressurized test, the temperature of the
water In the sample reservoir shall be measured and
recorded.

Pressure

6.3.1 The test pressure for rate vs cumulative volume
should be 20 psig (138 kPa) +10% at the membrane.
Because permeabiiity variations can occur with pressure-
sensitive filter cakes, It is advisabie to determine if a test
conducted at higher constan! pressure Is more definitive
of the effective water quality in the system.

6.3.2 Test pressure is obtained by suitable mechanical
devices for on-stream sampling and by a pressure
regulator between the nitrogen source and the sample
reservoir for repressurized tests.

Sample Volume

6.5

8.4.1 For routine rate vs cumulative volume tests, the
sample size shall be 2.5 L. Where water quality permits
rapid filtration, samples up to 10 L or more may be re-
quired for meaningful interpretation. Sample volumes of 3
or 4 L are considered adequate to determine representa-
tive conditions in most systems using the suspended
golids test,

6.4.2 Some waters are of such poor quality that almost
complete plugging occurs before the recommended
volume can he filtered. There is no worthwhile Information
to be obtained from continuing to measure effluent from
the near-plugged membrane. In such instances the rate vs
cumulative volume test should be terminated short of
"“tast voluma.” The suspended solids test should be con-
ducted on several membranes to provide an aggregate of 3
to 4 L of filtered solution. The results of the latter tests
should be averaged.

Sample Polnts

6.5.1 Sampling must be done in a manner to provide a
representative selection of the water to be tested through-
out the complete system.

8.5.2 Although adequate and appropriate sampling points
are sefdom found in existing systems, planning for new
systems should incorporate test sites as illustrated in
Figure 2.

6.5.3 In existing systems, samples shall not be taken at
high points which tend to collect entrained oil and drop
suspended sclids or at low spals which tend to lose oil
and gain solids as compared to the mainstream.

Section 7: Test Procedures

Preparation

7.1.1 Carefully Insert the membrane filter In the holder
with tweezers to avoid damaging the membrane and to
avoid bypassing water at an edge.

7.1.2 Moisten the membrane with filtered distilled water.
7.1.3 Purge the sample point and connecting tubing

thoroughly to remove any sludge or deposits which may
have accumulated in the valve or other fittings.

7.2 Repressurization

7.2.1 If it is not feasible to conduct an on-stream test, col-
lect a water sample in the reservoir, after purging free of
air, under an atmaosphere of nitrogen. In some cases the
pressure differential between the line and sample reser-
voir allows precipitation of solids that will invalidate con-
clusions concerning the quality of the water in the system
if based on further data from a continuation of this test. In
most cases this precipitation is visibly detected by rapid
black or red coloration of the water.
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7.3

7.4

Afr Venting

7.3.1 Displace any air from the membrane holder ‘with
sample water by using the vent valve or by inverting the
holder momentarily.

Procedures for Rate vs Cumulative Volume Test

7.4.1 Ad|ust the pressure to provide for a constant 20 psig
(138 kPa) = 10% at the membrane throughout the test, A
higher constant pressure may be selected for pressure-
sensltive filter cakes, or a serles of tests at varlous con-
stant pressures may be used {see Paragraph 6.3.1).

7.4.2 Initlate flow through the filter and start timing to
colncide with passage of the first drop through the mem-
brane.

7.4.3 Time and volume may be recorded in two ways:
racord the time for each 100 mL increment or record the
volume at selected time increments, Continue the tast un-
til a specified volume is obtained or until 800 seconds
have elapsed, whichever is first (see Sectlon 6.4.).

7.4.4 Conduct two or more tests at each sampie point.
7.45 Completion

7.45.1 Upon obtaining the required volume ot
flifrate, isolate the membrane holder from the
pressure source.

7.45.2 Disconnect and dismantle the membrane
hoider and carefully remove the membrane with,
tweezers. If it is to be used In the suspended solids
test, store the membrane in a container which wili
protect the fliter cake from contamination,

7453 The membrane filter should be kept moist
with a wet blotter pad If it is to be sent to a distant
laboratory for analysis. The moisture keeps the filter
from adhering to the storage container as it dries
out,

7.46 Calculations

7.4.8.1 Plot resuits from this test on semilogarithmic
graph paper as illustrated in Figure 4.

7.48.2 Cumulative volumes and cumulative times
recorded during the test are used to obtain the
change in time (At), the change in volume (Av), and
the average rate (Aw/Al) for each measured incre-
ment. The data are tabulated as in Table 1 and are
graphically represented as in Figure 4. The cumula-
tive volume in mL is plotted along the abscissa, and
the rate in milliliters per second (mLisec) Is plotted
on the ordinate.

7.5 Procedure for Suspended Solids Test

7.5.1 Timing is not required for this test,

7.5.2 Record the cumulative volume through the mem-
brane.

7.5.3 Conduct two or more tests at each sample point.

7.5.4 Uslng tweezers, remove the membrane and filter
cake from the contalner and prepare them for testing.

To Vacuum
Sowiee

Limiting Oritice

t-Litar Suction Flask

~—Trap

FIGURE 4 — Example of a graphle representation of
water quality. Cumulative volume valves sre plotted In
milliliters {mL} on the abscissa, and the flow rate in
millliiters per ascond {mLisec) is plotted on the ordinate.

20
- * s N
n v
E- 10
- g: AATE vs CUMULATIVE VOLUME CURVE
& 74 WATER SAMPLE: Atpha
¥ 64 PRESSURE: 20 ( £ 10%) paig
L 5 - MEMBRANE FILTER:
47 mm diam,
4 0.45 um Pore Size
DATE: 2.10-83
a4
24
Cumuiative Volurmea (100 mL's)
1.{.515141}:51115.!|!|31=_|
0 2 4 6 8 10 12 14 16 1820 22 2

FIGURE 5 — Apparatus lor testing agsd samples (sec-
ondary suspendsd scllds) by vacuum filtratlon. The sam-
ple Is poured Into the cylindsr over the holder, which
containe a preweighed membrane filter. The vacuum
source may be elther a vacuum pump or water aspirator.

7.55 It a single membrane Is used, treat it to remove
water soluble salts. (The mateched weight membranes cir-
cumvent this step because the same quantity of water
soluble salts should be trapped in each layer of the
matched weight pair.) This step may be eliminated whera
supersaturated salt solutions are being examined.

7.5.5.1 Wash the single membrane In an apparatus
as shown In Figurs 5,
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7.6

TABLE 1 - Example of Mambrane Filter Test Date

Sampls: Alpha

Membrane Filter: 47 mm Dia.,
0.451 Pore Size

Test Prewure: 20 (£ 10%) psig

TFime for 2500 ml: 3 min. 36 secs,

Date: February 10, 1984

Volume TFime Rate
v t Av fa% Aviis
{ml} (secs) {mt} lsecs) {ml/sec) Commants
100 7.5 100 7.5 13,3
200 15.1 100 7.6 13.2
300 23.0 100 7.9 12,7
400 31.0 100 8.0 12,5
500 9.1 100 8.1 123
600 47.3 100 8.2 12.2
700 55.6 100 B.3 12,0
300 64,0 100 84 1.9
900 725 100 85 11.8
1000 81.0 100 8.5 1.8
1100 B89.8 100 8.6 1.6
1200 93.4 100 8.8 1.4
1300 107.2 100 8.8 1.4
1400 116.1 100 8.9 1.2
1500 1249 100 8.8 11.4
1600 134.0 100 9.1 11.0
1700 143.0 100 9.0 1.1
1800 1521 100 9.1 11.0
1900 161.2 100 9.1 11.0
2000 170.0 100 9.1 1.0
2100 1795 100 9.1 10.9
2200 188.7 100 9.2 109
2300 197.9 100 9.2 10.9
2400 2071 100 9,2 10.9
2500 216.3 100 9.2 10.9

7.5.5.2 Rinse the membrane until the filtrate is
chioride-free as evidenced by no precipitate when
5% (0.25N) AgNQ; Is added to 10 mL of washings.

756 Dry the membranes in glass petri dishes (covers
slightty ajar) in an oven at 90 C for 30 minutes. (Matched
weight pairs must be carefully separated before drying.}

7.5.7 Allow the membrane to cool in its petri dish with
cover slightly ajar. (For critical tests on high quality water,
cooling in a desiccator may be required.)

7.5.8 Determine membrane weight to nearest 0.1 mg. It
the matched weight pair Is used, weigh sach membrane
separately or place each member of a palr on opposite
sides of a pan balance.

7.5.9 Calculations
7.5.9.1 The weight of the filter cake in milligrams is
divided by the volume filtered in liters. The results
are expressed in milligrams per liter (mg/L).

Aged Sample Test (Secondary Suspended Solids Test)

7.8.1 This test method determinses the tatal of suspended
sollds plus those solids precipitated by aeration, loss of
dissolved gases, and temperature ¢change, This infarma-
tion plus that of the “primary” suspended sollds can pro-
vide means of further diagnosing problems in a water
system,

7.6.2 Collecting Samples

7.6.2.1 Handling of sampies being returned to a
laboratory frequently imposes size limltations of 1 to
2 L for this test,

7.8.2.2 The container should be clean and capable
of being capped for transport to the laboratory,

7.6.2.3 At the laboratory, the containers should be
opened to permit air entry and circulation, but pro-
tected from contamination by dust particles.
Because it Is necessary to know the volume of the
original sample and  because some liquid may be
lost by evaporation, It may be helpful to mark the lig-
uid level an the sample container following collec-
tion or before opening the container (to permit air ¢ir-
culatfon).

7.8.2.4 The time lapse between collection and filtra-
tlon of samples for this test should be at least 24
hours in arder to allow solids to form and settla.

7.8.25 In special cases where It is desired to ex-
amine several various blends of separate waters, the
time after mixing in order to conform to field condi-
tlons should be stated with resuits,

7.6.3.5 Filtered distllled water may be used to wash
solids adhered to the sample container Into the
receiver, or a portion of the filtrate may be used.
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7.8.4 At the completion of the test, wash the membrane
and filter cake with distllled water until the filtrate is
chioride-free. See Paragraph 7.5.5.2.

7.8.5 Dry and welgh samples following the same pro-
cadures described in Section 7.5 for field-filterad samples,

7.8.6 Make calcufations as described in Paragraph 7.5.9.1,

7.7 The Appendix to this Standard gives further tests which
may be performed to determine the composition and charac-
teristics of the suspended sclids.

7.8.23 Filtering the Sample

7.83.1 Place a tared membrane in a holder, as
shown in Figure 5.

7.8.3.2 Agitate the sample bottle to resuspend the
solids and then peur a small volume into the recsiver
above the membrane,

7.8.3.3 Start the vacuum pump or aspirator suction,

7.8.3.4 Continue filtration until the entire sample is
consumad.

Section 8: Reporting Test Data

8.1 A report should be written after each series of tests and
should contain the following details:

8.1.1 A complete description of the water handling
system, including sources, mixturss, dispositions, and
daily volumes.

8.1.2 A flow diagram with line sizes and types (steel,
plastic, etc.).

8.1.3 Descriptions of the sampling points,

8.1.4 A brief discussion of the test methods used, noting
any variations from the standard procedures.

6.1.5 Tesl Results: Tabulation and graphic representation
of rate vs cumulative volume test (Table 1 and Figure 4) as
described in subsection 7.4.6; tabulation of suspended

sollds data for each sample point in mgiL, ppm, or Ib/1000
bbi {0.35 x mgsL) ‘

8.1.8 A description of the filtered sclids as determined by
one or more methods in the Appendix,

8.1.7 Adiscussion of the results and their implications, in-
cluding comparisons to any prior test resuits,

8.1.8 Recommendations for improvements, based on ob-
served results, and recommendations for future test
methods and frequency.,

8.2 Interpretation and Application

8.2.1 This Standard presents test procedures which will
give reproducible results for comparative evaluations. As
discussed in Paragraph 1.1, the use of the resuits is
beyond the scops of this Standard.
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Appendix

Supplementary Suspended Solids Tesf | Methods

The suspended solids test described in Section 3.2 of this
Standard may be supplemented with additional tests to further
Identify the plugging material. When the effacts of air on the
sample are considered important in these determinations, the
coliection, transfer, and filtration of these samples should be
accomplished under air-free conditions. Examples of proce-
dures which may be used to determine the composition and
characteristics of the suspended solids are listed below. {Cb-
viously, many laboratories use other standard procedures
which would be satistactory for these determinations,}

I. Hydrocarbon-Soluble Suspended Sollds
Materials:  Trichlorotrifluorethane [Toluene (USP) may be
used in lieu of trichlorotrifluorosthane taking
care to use adequate ventilation.]
Petroleun ether (30 to 60 C).

Procedure: 1. Place the previously weighed membrane filter
from the suspended sollds test {Section 7.5) in the
apparatus shown in Figure 5, If matched weight
pairs are used, place the two membranes in the
apparatus with the tllter cake topmost,

2. Wash the membrane with 5 m_L increments of
trichlorotriflucroethane until the filtrate s color-
less or practically colorless. A water aspirator
pump or portable vacuum pump with a suitabie
cold trap Is recommended to pull the solvent
through the membrane fliter. The use of adequate
ventitation and safety precautions ls mandatory
due to the nature of the solvents used.
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3. Wash the membrane with 5 mL increments of
petroleum ether until the iast traces of solvent are
romoved and the filtrate I8 colorless. Use the
sarma apparatus and safely precautions observed
in the previous solvent wash,

4. Alr dry solvent-extracted filter membranes over-
night or until a constant weight is obtained.

5. Weigh membrane filter to nearast 0.1 mg.
Record hydrocarbon-free membrane weight.

6. Caicutate suspended sclids:

Hydrocarbon-Soluble Suspended Solids
(mgil) =

Wit after Water Wash (mg) — Wt. after
Solvent Wash (mg)

Volume of Sampie through Filter (L)

NOTE: Qil carryover in the water cannot always be measured by
this technique since oil can pass through the membrane fliter.
Thia method can only give a qualltative indication of the oil car-
ryover. Other measurement methods are suggested if quan-
titative data are desired,

II. Acld Soluble and Acid insoluble Suspended Sollds Determination
Material: 6N hydrochloric acid

Procedure: 1. Place membrane filter from hydrocarbon-soluble
suspended solids determination in apparatus
shown in Figure 5.

2. Wagh membrane filter with several 10 mL por-
tions of hot 6N HCI until filtrate is clear,

3. Rinse membrane filter with distilled water until
akl traces of HCI| are removed, {(Flitrate pH should
be >5 as determined by a suitable test paper.)

4, Dry membrane fliter in drying oven at 80 C for 30
minutes.

5. Cool membrane at room temperature for at least
15 minutes.

6. Waigh cooled membrane titter to nearest 0.1 mg,
7. GCalculate suspended solids:

Acld Soluble Suspended Solids (mgiL) =

Wit. after Solvent Wash {mg) — Wt. after Acid

Wash {mg)
Volume of Sample through Filter (L)

Acld Insoluble Suspended Solids (mg/L) =

Wt. after Acid Wash {mg) -~ initial W1, of
Clean Membrane {mg}
Volume of Sample through Filter {L}

For matched weight pairs, the Initial weight Is not needed
since the lower membrane has been subjected to all liquids
and its weight should be the same as that of the one support-
Ing the filter cake (Paragraphs 2.2.2, 4.2.1, and 7.5.8).

Microscopic Examination

Although microscopic examination is not an absolute
means of identification, it Is a usetul tool for determining the
nature of the plugging material in injection systems. Examina-
tion by viewing the membrane filter with oblique Incident light
or transmitted light may be used. :

Where large particulate materlal (>10 um} ts present, it
can be viewed best by oblique incident light. Very small par-
ticutate matier is best viewed using transmitted light.

I. Microscoplc Examination Using Oblique Incldent Visible Light

Apparatus; The microscope used in this analysis typicaily
hag an Inclined binocular body, a mechanical
stage (2 axes), a multiple nosepiece to accom-
modate two of more objective lenses, a substage
condenser, and wide fleld eyepieces {usually 10X).
Total magnlfication capabilities of from 30 or 40X
to 400 or 500X would be optimum for most any
identiflcation application using oblique Incident
visible fight.

Any of the larger Incandescent lamps which work
directly on 110 volts provide a suitable light
source for this application. These microscope
lamps can be obtained from a number of manu-
facturers. They ahould be of the type which is
mounted on an inclining stand and has a focusing
condenging lens. An adjustable irls dlaphragm
and ground glass snd daylight glass fliters are
deslrable.

Materials: 2 x 3In. (5 x 8 cm) glass slides
Petrcleum Jelly or other sultable grease
Stainless steel forceps

Procedure: 1. Use the dried membrane filter from aither the

rate vs cumulative volume test (Sectfon 3.1) or the
swspended solids test (Sectlon 3.2).

2. Prepareaclean2 x 3in. {5 x 8 cm) glass slide
by coating it lightly and evenly with a thin film of
grease. Place the membrane filter on the greased
slide. The grease will cause the membrane filter to
lie flat and entirely in one focal plane.

3. Do not use a cover slide in this applicatlon as
any contamination on the ¢cover slide may be mis-
taken for material retained by the filter. If the filter
is to be preserved for further examination, the top
of a plastic petri dish placed over the fllter will
protact it from atmospheric contamination.

4. Ad|ust the incident light source io about 40
degrees from horizontal. Examine the filter at low
magnification and then at suitable higher magni-
ficatlon. Manipulate the microscope stage mak-
ing two mutually perpendicular traverses across
diameters of the filters.

5. The oblique incident light will strike the con-
taminants on the membrane filter from the side,
making differentiation between fibers, glass, and
metals possible.

Il. Microscopic Examination Using Visible Transmitted Light

Apparatus: Microscope and light source are the same as
those used in the microscopic examination with
obllgue incident light except a 97X oil-immersion
objective lens is useful for examining and identify-
ing very tiny particulate matter.
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Materials: 2 x 3in.(5 x 8 ¢m) glass slides
45 % 50 mm No. 1 cover slides
Immersion oil—Index of refraction—1.51
Stalnless steel forceps
Plastic petri dishes

Procedure: 1. Use the dried membrene fliter from sither the
rate vs cumulative volume test (Section 3.1} or the
suspended solids test (Sectlon 3.2). if the mem-
brane filter is not avallable, a suitable membrane
filter may be prepared by passing 1 L of fresh sam-
ple through a membrane filter using the appara-
tus shown In Figure 5. This membrane filter
should be rinsed and dried by the procedure de-
scribed in the suspended solids test {Paragraph
7.5.5).

' 2. WIth the forcaps, gently float the filter, sample
side up, on a fitm of immaersion oil in the cover of a
plastic petri dish, Draw the fliter over the rim of
the cover to remove any excess immetrslon ol from
the bottom of the filter. Roll the fliter onte a glass
slide,

3. Place a clean No. 1 cover slide over the surface
of the membrane filter being careful not to trap
any air bubbles under the slide.

4. Adijust the light path from the light source so it
is reflected by the flat subatage mirror up through

the substage condenser, through the oll wet mem-
brane fifter, and into the objective lens. The im-
mersion oll will render the membrane filter trans-
parent and allow the particles on the surface of
the membrane filter to be observed.

5. Examine the filter at low magnificatlon and
then under high powered oil immersion lens.
When using the oll immerslon lens, place a drop
of immersion oil on tha surface of the slide caver,
carefully lower the oll-immersion objective, using
the coarse adjustment, untll the top of objective
just makes contact with the ol| drop. Do this care-
fully so0 as not to damage the objective lens by
grinding it into the glass slide. Use the fine adjust-
ment to bring the surface of the membrane fliter
into final focus.

6. Manipulate the microscope stage making two
mutually perpendicular traverses across diam-
etars of the filter,

7. The use of transmitted [ight with the high
powered oil immersion lens (lotai magnifica-
tion—870X) makes It possible to Identify tiny ob-
jects such as dlatomaceous earth, sand grains,
slime masses, iron bacteria such as Sphaegrotilug
and Gallionella, fresh water diatoms, and rust
fragments.

Microchemical Spot Test Methods

The spot testing technique tends itself to quick chemical
analysis of matter coitected on an inert surface (In this case, a
membrane filtar). Spot testing requirgs that the fon to be iden-
tifiad be dissolved or partially dissalved befora reagents may
be applied. After the sample on the filter has been solubilized
and dried, the filter is cut into a number of wedge shaped seg-
ments. These segments are then individually tested for the
various lons. The cutting blade may leave enough contamina-
tion at the edge of the segmaent to give a positive test, but the
contamination will not extend into the center of the segment.
The spot tests given in this section of the Appendix are for
sulfate, sillca, iron, and protein.

I. Sultates
Materlals: Lead nitrate reagent, saturated aquecus solution
containing 1 mL of concentrated nitric acid
per 25 mL of solution
6N nitric acid
6N hydrochloric acid
2 x 3in. (5 x 8 cm) glass sldes
47 mm plastic petri dish and cover
Fluorinated ethylene propylene (FEP) coated or
lacquered stalnless steel forceps
47 mm microflber glass prefilter pad
Black membrane fiiter (if available)

Procedure: 1. Filter 1L of fresh sample through a black mem-
brane filter using apparatus described in Figure 5.

2, Place a 47 mm microfiber glass prefilter in a
plastic petri dish and add 1.5 cc each of 8N hydro-
chlorle and nitric aclds.

3. Roll the fliter contalning the sample onto the
acid-wet. prefiltar, sample side up, and cover the
petri dish.

4. Ailow the petri dish to stand for 10 minutes. To
aid the dissolution of the sample, place the petri
dish In a 80 C oven over this period.

5. Remove the filter and place itona 2 x 3 in. (5
X 8 cm) glass stide. Allow the filter to dry.

6. Wet a microfiber glass prefliter pad with ap-
proximately 3 mL of lead nitrate. Roll the sampte
filter, sample slde up, onto the pad and let it stand
for 10 minutes. It is preferable to use a black filter
for the collection of the sample.

7. Mount the filter on a giass sllde and view it
under {ow power (50X) microscopic examination.
Use Incident light. Sulfate will be indicated by
white, gralny reactlon spots. If it is necessary to
analyze the sample collected on a white filter,
vlew filter by transmitted light microscopy.

-,

H. Sliica
Materials: Benzidine, 1% ethanal
Ammonium hydroxide, concentrated

Procedure: 1. Filter 1 L of sample using apparatus described
in Flgure 5.

2. Place the fllter on wire gauze and heat gently
over a hot plate.

3. Add one drop benzldine and develop over am-
monia fumes.
Results: A blue color indicates the presence of silica.
NOTE: Benzidine has been listed by the American Conference

of Government Industrial Hygienists {ACGIH) ss a cancer
causing materiai,
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10, Iron
Materlals:

Procedure;

IV. Protein

47 mm microfiber glass prefilter

47 mm plastic petri dishes with covers

BN hydrochloric acid

6N nitric acid

Potassium ferrocyanide solution—saturated
aqueous

1. Fliter 1 L of fresh sample through a membrans
fliter using apparatus illustrated in Figure 5.

2, Solubllize the iron on the membransa filter using
the technique described In the procedure for de-
tecting sulfates (See Appendix, Microchemical
Spot Test Methods, |. Sulfates, Procedures 3.5). it
is not necessary to dry the membrane filter.

3. While the filter Is still slightly damp from the
solubilizing procedure, add one drop of the potas-
siumn ferrocyanide solution. A vlvid blue color in-
dicates the presenca of iron. This is a very sen-
sitive test for Iron; the results can be affected by
the presence of very large guantities of copper or
molybdenum, but this is seldom a problem.

Since all bacteria are composed in part of protsin, a spot
test for the presence of protein suggests the presence of

bacteria. If tha test 13 positive, microblological test procedures
not included in this Standard may be used to further elucidate
the nature of these organisms.

Materials: Stain solution (percent by weight In distilled
water) composed of:
Ponceau-S dye 0.2%
Trichloroacetic acid 3.0%
Sulfosalicylic acid 3.0%
Acetic acld 5%

Procedure: 1. Filter 1 L of water through a membrane filter
mounted in the apparatus shown In Figure 5.

2. Immerse the fliter in staining solution for two
minutes, agitate gently, remove, and blot between
absorbent paper.

3. Place the filter in sn acetic acld rinse and agi-
tate gently. Rinse the filter in a second acetic acid
bath, remove, and blot dry,

Results; The bottom side of the filter edge outsids the
flitration area will rinse free of the red staln; pro-
teinaceous material will absorb the stain and ra-
main a vivid red color.
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APPENDIX 6A
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Procedures for Determination
of Oil in Water

API RP 45, Recommended Practice for Analysis of
Oilfield Waters,' describes a procedure for measuring the
concentration of oil in water. The oil is first extracted
into clear chloroform solvent and then the degree of
darkening (reduction in light transmittance) of the sol-
vent is measured with a photometer instrument. The in-
strument reading is compared to a calibration curve (pre-
prepared from known concentrations of the specific oil
in the solvent) to obtain the parts per million by volume
of oil in the original water sample.

Oil concentration in the extraction solvent can be mea-
sured directly regardless of color by infrared absorbance
at a specific wavelength using a spectrophotometer.

With either analytical method (color comparison or
spectrophotometric infrared absorbance measurement),
one of the greatest detriments to accurate analysis of oil
in water concentration is errors inherent io the water
sampling process. When a water sample is collected and
taken to a laboratory for analysis, the dispersed oil tends
to float to the top and also stick to the walls of the water
container (especially plastic containers}. To overcome
this problem, the following sampling and extraction pro-
cedure is recommended:

1. Collect water samples to be tested for oil content sep-
arately from any other samples being taken.

!Available from American Petroleum Institute, 211 N. Ervay, Dallas,
Texas 75201-3688, U.S.A.

2. Obtain or prepare a volume-calibrated glass bottle with
a screw-on cap for each sample to be taken. Cali-
brated prescription bottles obtained from a drug store
or pharmacy are suitable.

3. Allow water from the source to flow for a few min-
utes and then fill the sample bottle one-half full of
the water to be tested. For example, collect 500 milli-
liters (ml) of water (exactly) into a 1 liter bottle.

4. Add a measured amount of clear chloroform or car-

bon tetrachloride solvent to the half-filled water sam-
ple bottle, close securely and mix by inverting at least
10 times. The amount of solvent to be added is dic-
tated by the amount of oil present. For example, if
500 ml of solvent is added to 500 ml of water, the
final oil concentration in the solvent will be equal to
the concentration originally present in the water. If
only 50 ml of solvent is used, the final oil-in-solvent
concentration will be 10 times greater and the solvent
color will be proportionately darker.

5. In the laboratory, separate the water and the solvent.
Measure the oil content of the solvent (by color com-
parison or spectrophotometrically) and calculate oil
content of original water using the extraction volume
correction factor from Step 4.

Caution, Do not inhale vapors of the chloroform or
carbon tetrachloride solvent. Use with adequate ven-
tilation.
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Alphabetic Index—Subject Locator

Acids, defined, 106, 107
corrosion by, 25, 67, 96, 108
examples, 4, 106
ionization (dissociation) of, 4, 14, 15
neutralizers, 20, 47, 83
stimulation, inhibitors, 12, 25, 67, 68
well cleaning, 126, 152-153

Acid gas,
sweetening, 75

Acidity, defined, 107
H,S, CO,, 14, 106
relation to pH, 107-108

Alkalinity, defined, 106, 107
calculation, 111, 112
components in water, 107, 108, 112
effect on corrosion, 14, 62, 83, 108
example calculation, 112

forms, 112
relation to pH, 107-108
Alloys,

aluminum, 11, 83
corrosion resistant, 11, 20, 55, 56-58, 62, 63, 73, 80-83, 84
for CO,/H,S environments, 83
plating, 42, 59
Anodic protection, 11, 20, 164165
Anode, anodic, defined, 56, 160-161
half cell reactions, 5, 6, 13, 23, 29
materials, c.p., 9, 29, 30, 31, 64, 76-77

Bacteria, see Microorganisms
Bases, defined, 106, 107
examples, 106
reaction with acids, 106
Biochemica!l oxygen demand, BOD, defined, 109
Buffer capacity, 108

Carbon dioxide, CO,, 4, 13, 14
acidity, 13, 108
corrosiveness and mechanisms, 14, 56, 67-69, 70, 73, 74, 79-
82, 83
EOR systems, 79-83, 84
inhibition, 22, 23, 47, 67-72, 79-83, 169-180
partial pressure, 67
production wells, 67-72, 82
removal, 19, 47-48
Casing, extenal, 16~17, 34, 63-67

electrical resistance, 67
internal, 23, 67, 69, 70, 71, 80, 81
leak history, economics, 65
potential profiles, 35, 65-66
surface E log [ tests, 65--66, 163-164
Cathode, cathodic, defined, 5-6, [60-161
c.p., 27-28
half cell reactions, 5-7, 13, 14, 27, 46, 161, 162
Cathodic protection, c.p., 9, 20, 27--38, 42
casing protection, 64—65
current density requirements, 27-28, 31, 36, 65-67, 77-78
effect on coatings, 46
interference, 16, 33-34, 64, 65
offshore structures, 29, 31, 32, 34, 37, 7578
protection criteria, 27-28, 31-32, 35, 36, 37-38, 77-78
rectifiers, 28, 29-31, 32, 33, 34, 37, 64-65, 77
solar, thermoelectric generators, 30-31
tanks and vessels, 3738, 72
Cavitation, 59-60
Cement, linings, concrete, 19, 40, 42-43, 64, 73, 80, 81, 82
joints, grout, 81
Chemical oxygen demand, COD, defined, 109
Cladding, internal, 58, 80
Clay biocking, dispersion, 127, 139
Coatings, 39-46
application/inspection, 43—435
converston, 43
drill pipe, 41, 62
flowlines, 39, 40, 41, 72, 73, 76, 81, 82
for specific field uses, 46
marine, atmospheric, 39-43, 46, 76
marine, splash zone, 76
metallic, 42, 43, 80-82
pipe, external, 40-43, 46, 82
surface preparation, 43—44
tanks, internal, 40, 41, 46, 72, 73, 81
tapes, 40, 46
mbing, 44, 46, 62, 73, 80, 82
zine rich, 39, 42, 43, 46, 76
Completion, packer, fluids, 63, 64, 67, 69, 80, 81
Concentration units, water analyses, 109-112
calculation of CaCOQ; equivalent, 110-111
calculation of meq/L, 110-111
Conversion factors, 88, 112, 155
Corrosion, defined, 1
cell, 5, 6,7, 8,9, 12, 16, 160, 161, 162
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current, I..., 159, 162, 163, 164
potential, E,, 159, 162, 163, 164
prediction, 8, 510, 65, 6768, 87-94
prevention, fundamentals, 19-20, 61-78
products, 4, B, 11, 12, 14, 87, 97-98, 117, 136
rate expressions, 88
sensors, 87-93, 94-96
Corrosion fatigue, defined, 54
drill pipe, 61
Corrosion monitoring, detection, 87-98
drilling, 63--98
water injection systems, 73-74
Corrosiveness, defined, 14
Cracking processes
blistering, 55-56
chloride stress (CSC), 56, 80
corrosion fatigue, 54, 61
drill pipe, 54, 61
stress corrosion, (SCC), 56, 77
sulfide stress, (SSC), 54-55, 61, 67, 83, 96
Crevice corrosion, 58

Dalton’s Law, 48
Deep hot weils,
inhibition, 70-71
resistant metals, 56, 57
Dehydration, 20, 74, 80
Density /Specific Gravity, (sp.gr.), defined, 109
calculated from TDS, 109
Dissimilar metal couples, 9-10
area effect, 9, 59
coating, 10
designing with, 59
Dissolved salts,
calculated from sp.gr., 109
effects, corr. rate, 5, 15, 35-36, 63, 67
in water, 104—106, 107
precipitation, 105-106, 117-126
Drilling equipment, 48, 61-63
corrosion test methods, 63
drill collars, 57, 62
drill pipe, 54, 55, 61-63
O, and H,S removal, 47, 62
washout location, 61-62
Ductility, 53, 54

Elastic limit, 53
Elastomers, 82
Electric submersible pumps, 82
Electrical potential, polarity, 5, 7, 8-~9, 28, 30, 31-32, 35, 63, 65,
160, 161
Electricity, defined, 159
current flow, 7, 16—17, 28-29, 35, 63-64, 65
Electrolyte, (water, soil), defined, 5
conductivity effect, 15
¢.p. requiement, 28
electrical current flow, 7
in cotrosion cells, 6
ion flow, 5, 7
resistance, resistivity, 7, 15, 35-36
Electrolytic, stray current, corrosion, 16—17, 33—34, 63-64
cells, 161

, 66, 160-161

Corrosion and Water Technology for Petroleumn Producers

Electron, defined, 4 .

current flow, 5, 6, 7, 16, 17, 27, 28, 64, 161
Emf-pH, Pourbaix, diagrams, 165-166
EOR systems, 79-85

microorganisms in, 84, 131
Equipment handling precautions, 11, 56-58, 59, 62
Erosion, cavitation, 22-23, 59, 61, 73
ERW pipe, 58, 72, 80

Fatigue strength, defined, 54

Galvanic corrosion, defined, 8, 9—-10
(See also dissimilar metal couples.)

Gas processing, 74-75, §3

Grounding devices, 34, 37

Hardness, 53-54
Heat treatment, 8, 10, 53, 54, 55, 58, 62, 72
Henry’'s Law, 48
Hydrogen, hydrogen ion, 4, 6, 9, 103, 106, 107-108, 161, 162
cathodic polarization by 6, 7, 14, 162
cracking, blistering, 54, 55
clectrode (SHE), 8, 161
overvoltage, 12
Hydrogen sulfide, H,S, 4, 14
acidity, 14
corrosiveness, 14, 38, 67—68, 73, 83
inhibition, 22, 23, 24, 56, 62, 68-71, 73
partial pressure, 55, 68
production wells, 67-68
removal, 47, 62
scavengers (drilling), 62
solubility, 47
Hydrolysis, defined, 106

Inhibitors, inhibition, 19, 21-25, 169-171
application principles, 24-25
application procedures, wells, 68—71, 80, 82, 147
surface, 72, 73, 74, 80
classification, 21-22, 163, 169-171
emulsion stabilization, 22, 23, 147
film formation, 19, 21, 22-23, 24, 169
formulation, 23-24
how inhibitors work, 21, 169
ionic character effect, 22
organic, basic structure, 22
Injection well cleaning, 147, 151-152
Injection well plugging, defined, mechanism, 135-139
bacteria, 131, 136
by oil, oily solids, 145, 150-153
plugging solids, sources, properties, 136—137
Insulators, welthead, 34, 64
testing, 64
Ionic strength, calcujation, 119
Tons, ionic, defined, 4
common in water, 105
current flow, 5, 7, 15, 28, 160
scale forming, 105-106, 118, 120-121, 205
Iron counts, COPRA correlation, 93-94

Metals, 53-60
heat treaunent, 11, 54, 55, 62
properties, physical, 53-54, 57-58
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strength, 5354

Microorganisms, microbes, 129-134
classiftcations, 129130
control methods, 130, 134
corrosion by, 15-16, 73, 84, 129-131
counts, methods, interpretation, 132-133, 179, 192-193
field problems, 15, 73, 129-132
in reservoirs, prediction, 131132
occurrence, 131
prediction, 131
visual evidence, 133

Offshore, marine, structures
c.p., 28, 31, 34, 37, 91, 75-78
coating systems, 41, 42, 43, 45, 73, 193-196
potential surveys, 34, 77-78
riser pipe, 46, 76
Ohms Law, defined, 7, 32
graphic, 158
salt water corrosivity, 15
Oil carryover, produced waters, 144-147
disposal, 151-152
emulsion treatment, 144147
oil concentration analysis, 149-151, 197
oil dispersion, stabilization, 146-147
oil removal from water, 147-149
Oxidation reactions, defined, 5, 9, 160-161
chemical, rust, 5, 6, 11, 12, 13, 84, 169
electrochemical, 5, 6, 16, 28, 129, 160-162
Oxygen, (OQy), 5, 6, 11, 12-15, 22, 27, 47-51, 169-171
bacterial growth, 15, 73, 129-131, 133
corrosiveness, 12~15, 48, 61, 70, 72-74, 75, 84
c.p. current requirements, 27-28, 77
differential concentration cells, 12—13, 58, 63-64, 131
dissolved, analysis, 63, 73-74
dissolved, inhibition, 22, 62, 73, 75, 84, 169-171
drillpipe corrosion, 62
exclusion, 48, 73, 75, 81
removal, 47-51, 62, 73, 80, 81, 83, 84
solubility, 16, 48

Passive, passivity, 11, 15, 20, 164-165
pH, defined, 107-108
estimation, field conditions, 119120
natural waters, 108
optimum for solids coagulation, 142
spent acid, 108
pHs, defined, 113, 119-120
Plastics, 20, 39-42
pipe, 41-42, 81, 82
sucker rods, 82
tanks, 20, 39-42
Polarization, defined, 7-8, 17, 162
anodic, §, 7, 162, 165
bactenia effect, 130-~131
cathodic, O, effect on, 6, 14, 32, 162163
diagrams, curves, 20, 162—165
inhibitor effects, 21, 163
linear, 65-66, 164
resistance, 88, 89-92, 163

Radicles, defined, 1035

201

Records, economic analysis, 65, 95
Reduction, electrochemical, 5-6, 27, 161
Reference cells, electrodes, 7, 8, 9, 28, 32
hydrogen (SHE), 161
P/S potentials, 32-35
Ringworm corrosion, 82

Salinity, defined, 109
Salts, common, properties, 105-107
Scales,
inhibition, 23, 126-127
mineral, 105-106, 113, 117-127
Barium sulfate (BaSQ,),
occurrence, 105, 117, 120-121, 123-125
precipitaticn, prediction, 118, 120-121, 123125
solubility, 118, 120-121, 123-125
Calcium carbonate (CaCO,),
effect on c.p., 27-28, 77
occurrence, 106, 117, 119
precipitation, mechanism, 106
precipitation, prediction, 113, 119-120, 175
solubility, 106, 118
Calcium sulfate (CaSQ,),
occurrence, 105, 118, 120121
precipitation, mechanism, 105
precipitation, prediction, 119, 120-123, 175-176
solubility, 105, 118, 120-121, 123
Strontium sulfate (SrS0,),
occurrence, 117, 123-124
precipitation, prediction, 120, 124-125
solubility, 118, 124,
prediction in producing wells, 125~126
removal, 126
Scaling tendency, index, SI, 117, 119, 123
calcuiation examples, 175-176
Soils, comrosivity, 13, 33, 36
resistance, resistivity, 35-36
Solubility, salts, 105, 106, 107, 118
factors affecting, 117-118
limit, salts, 105, 118
Solution potential, 8, 162
Steam generators, 83
Steels and alloys, grades, 8, 9-10, 55, 5659, 62-63, 80-83, 84
casing, steam injection, combustion operations, 55, 56, 84
compressors, 80
drill pipe, 55, 62-63
flowlines, 58
heat exchangers, dehydrators, 42, 59, 80
pumps and valves, 42, 58, 59, 73, 80-83
sucker rods, 58, 82
tanks, vessels, 56, 58, 83
tubulars, 54-57, 80, 84
wellheads, 58, 80
Stokes Law, particle setting, 145~146
Stress-strain, 53
Sucker rods, 42, 54, 58, 59, 82, 96-97
fiberglass, 82
rod pumps, 82
Surfactant/polymer corrosion, 84
Suspended solids removal, 141144
clarifiers, 142
filters, produced waters, 144
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filters, surface waters, 142—143
produced waters, 143—144

Tensile strength, defined, 53
Test metheds, procedures,
bacteria count, 132-133, 177
calipers, 94-95
casing potential, 65-66, 164
coatings, 45-46
corrosion products, identifying, 96-97
corrosion rate, coupon/meters, 63, 74, §7-93
corrosion rate, metal loss, 94-96
E log I, 65-66, 164
iron count, 74, 93-94
0./H,S concentration, 63, 73-74
oil in water, 149-151, 197
radiography, 96
tubing /casing calipers, 94-95
ultrasonic thickness gauges, 9596
visual inspection, 96-97
water quality, membrane (Millipore), 183-193
water quality, rating, 138-139
Thread lubricants, 63, 82

Total dissolved solids, TDS, defined, 109

calculation from sp.gr., 109
Total suspended solids, TSS, defined, 109
determination, 138-139, 183-193
Turbidity, defined, 109
turbidimeters, 109—-110

Velocity effects, 20, 2223, 27, 59

Corrosion and Water Technology for Petroleum Producers

bacteria growth, 131

c.p., 27, 77-78

limiting (critical), erosional, 20, 22-23, 59
on inhibitors, 22-23

scale deposition, 118

Water, defined, 103~104
classifications, characteristics, 104
constituents by analysis, 105, 106-107
properties by analysis, 107—109

Water analyses, examples, 112
diagrams, patterns, [14-115

Water hardness, defined, 111-112
calculation of, 111-112
example calculation, 113

Water mixtures,
bacteria in, 131
compatibility, 118-119, 120-121, 125, 126
determining incompatibility, 125
graphical calculation, 114-115

ratio in produced water, calculation, 114, 125, 176 (example)

Water quality, defined, 135
improvement, 141-149
mixtures, 125
rating methods, 138-139

Water softening, 83, 113

Welds, 10, 58, 72, 81

Yield strength, defined, 53
stress, 54
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